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Abstract
Controlling the interfacial behavior is essential for understanding the efficiency of surfactant–nanoparticle systems in practice. In this study, we investigate how silica (SiO2) nanoparticles alter the surface and interfacial properties of sodium dodecyl sulfate (SDS) solutions at water–air and water–hexane interfaces, as well as their impact on the formation and stabilization of foams. While the negatively charged SiO2 nanoparticles alone exhibit negligible surface activity, their combination with SDS leads to the formation of composite interfacial layers with enhanced surface pressure and dilational viscoelasticity. The increase in interfacial pressure reflects a high surface concentration and denser packing of SDS–SiO2 associates. Interfacial rheology measurements show that SDS–SiO2 nanofluids form more elastic interfacial films compared to pure SDS, with a maximum dilational elasticity at intermediate surfactant concentrations. This indicates the formation of mechanically stronger interfacial layers capable of resisting deformation. Foam experiments demonstrate that silica nanoparticles significantly improve foam formation and foam stability. These improvements correlate with increased surface pressure and interfacial elasticity, demonstrating that foam stability is primarily determined by the formation of robust interfacial layers and not solely by a reduction in surface tension. Overall, this study demonstrates how the presence of silica nanoparticles can affect the adsorption of SDS via hydrophobic interaction, leading to the formation of stronger interfacial films, improved foam stability, and expanded potential for applications in industrial processes, such as foam flooding based on nanoparticle/surfactant solutions to enhance oil–gas recovery.
Keywords: interfacial pressure; dilational elasticity; silica nanoparticles; foam stability
1. [bookmark: Introduction_]Introduction
Interfacial phenomena play an important role in numerous industrial applications, including enhanced oil recovery, pharmaceuticals, food processing, and materials synthesis [1–3]. The stability and properties of foams and emulsions are fundamentally governed by interfacial characteristics such as surface and interfacial tension, and the rheological behavior of adsorbed layers at the fluid-fluid interfaces [4]. Understandingand controlling these interfacial properties is essential for optimizing the performance of emulsions and developing novel functional materials. In recent years, the addition of nanoparticles into surfactant systems has emerged as a promising strategy to enhance foam and emulsion stability and tailor interfacial properties, leading to the development of so-called Pickering emulsions stabilized by synergistic nanoparticle–surfactant systems [3,5]. Silicon dioxide (SiO2) nanoparticles are attracting attention as emulsion and foam stabilizers due to their large surface area, controllability of surface chemistry, biocompatibility, and commercial availability [6,7]. Unlike conventional surfactants that stabilize emulsions via the reduction in interfacial tension and formation of a viscoelastic interfacial layer, nanoparticles can adsorb irreversibly at fluid interfaces, forming a rigid mechanical barrier that prevents droplet coalescence [8]. Previous studies have shown that unmodified nanoparticles, such as hydrophilic silica particles, lack surface activity and do not affect surface tension or surface elasticity [9,10]. However, the addition of such particles to a surfactant can significantly affect the surface properties of the solution, as well as the activity or structure of the adsorbed layers [11,12]. For instance, Ravera et al. [10] reported that silica nanoparticle suspensions at concentrations up to 1 wt% exhibited surface tension values comparable to pure water, with no measurable impact on the surface rheology. Similarly, Vatanparast et al. [13] found that pure hydrophilic nanoparticles do not significantly change surface tension and surface elasticity. According to the experimental work by Bojorkergin et al. [14], the maximum effect of unmodified nano-silica on surface tension was about 2 mN/m. The surface quality of silica particles and its ability to control the accumulation of colloidal particles are critical factors [15,16]. Dong and Johnson [17] achieved a reduction in surface tension of about 4 mN/m when using 5–7 wt% charged nanosized silicon dioxide particles.
The combination of surfactants and nanoparticles offers a synergistic approach to emulsion stabilization, where added surfactants can modify the wettability of nanoparticles and facilitate their adsorption at interfaces [9,18,19]. The anionic surfactant sodium dodecyl sulfate (SDS) is widely used in both research and industrial applications. It has been studied in combination with silica nanoparticles, for example, in [20]. At the water–air interface, SDS reduces surface tension and adsorbs so that its hydrophobic tail is oriented toward the air phase, while its hydrophilic sulfate head group is anchored in the aqueous phase. Recent molecular studies have provided valuable insights into the aqueous dispersion and interfacial behavior of SDS in the presence of silica nanoparticles. In [20] it is also demonstrated that SDS enhances nanoparticle adsorption at the water–oil interface, leading to a stronger interfacial modification.
The interfacial rheological properties of adsorbed layers are critical determinants of emulsion and foam stability [21]. Dilational elasticity, which characterizes the resistance of an interfacial layer to area deformation, and dilatational viscosity, which describes the energy dissipation during interfacial expansions and compressions, are key parameters governing the mechanical strength of interfacial films [22]. Amankeldi et al. [23] investigated the dynamic interfacial properties and foamability of cationic surfactant–nanoparticle systems containing 0.1 wt% SiO2 nanoparticles. The study revealed that the addition of silica nanoparticles significantly enhanced foam stability. The surface dilational viscoelasticity measurements at 0.1 Hz demonstrated that mixed DoTAB/SiO2 systems exhibited enhanced interfacial film strength compared to pure surfactant solutions [23]. For SDS films at very low interfacial tensions (<1 mN/m), Ma et al. [8] observed that the dilational modulus approaches zero, indicating mechanically weak films. In contrast, interfacial layers stabilized by other surfactants or jammed nanoparticle assemblies can exhibit substantially higher dilatational moduli. For example, alkyl sulfobetaine (ASB) surfactants reached dilational moduli of approximately 50 mN/m, while extended surfactants exhibited plateau values of around 30 mN/m [8]. Due to the recent detailed discussions by Langevin [24], there are generally three mechanisms, from which we discuss here the most relevant impact of bubble coalescence, i.e., foam film rupture. Following the discussion by Georgieva et al. [25] the stability of foam films is essentially controlled by the dilation surface viscoelasticity.
Recent studies have been actively exploring the practical applications of mixed nanoparticle—surfactant systems for stabilizing emulsions and foams. The synergistic effects of surfactant and nanoparticles were discussed in our work [26], where we investigated hybrid CO2 foam injections using surfactants and nanoparticles to enhance foam stability. Chen et al. [2] reported that hydrophilic SiO2 with anionic surfactant foam dispersions increased oil recovery in laboratory flooding experiments, representing an absolute improvement of 14.92%. The optimal performance was achieved at temperatures around 30 ◦C and salinities in the range of 7.5 × 104–1.25 × 105 mg/L, demonstrating the importance of thermodynamic conditions and ionic strength in governing the foam stability [2]. In another application, Zhao et al. [27] showed that mixed surfactant/SiO2-stabilized emulsions exhibited superior stability against pH variations, centrifugation, and temperature fluctuations compared to surfactant-only systems. The presence of silica nanoparticles, which were tightly adsorbed on emulsion droplet surfaces, provided physical isolation and made it possible to increase the particle size of the polymer latex [27]. These results demonstrate the applicability of nanoparticle–surfactant systems in various industries.
Despite numerous studies of nanoparticle–surfactant systems, a number of fundamental questions remain. Most previous works have focused on bulk foam properties such as foam half-life, drainage rate, and surface tension [28–31], but the connection between interfacial film behavior and foam stability needs further clarification. The comparative behavior of these systems at different interfaces—especially at water–air and water–oil interfaces—has not been thoroughly studied. While the water–air interface is characterized by a gas phase with few molecular interactions, the water–oil interface involves complex interactions between surfactant tails, nanoparticle surfaces, and oil molecules, resulting in different adsorption kinetics and interfacial rheology. Furthermore, the influence of nanoparticle concentration, size distribution, and surface charge on interfacial properties requires systematic investigation to develop models for the stabilization of emulsions and foams.
In the present study, we investigate solutions containing the anionic surfactant sodium dodecyl sulfate and negatively charged SiO2 nanoparticles. Unlike previous studies that relied on bulk foam stability metrics, we directly characterize the mechanical properties of composite interfacial adsorption layers through dilational rheology at both water–air and water–hexane interfaces. The main aim is to elucidate how the interactions between SDS and SiO2 govern the formation, structure, and mechanical properties of the respective interfacial adsorption layers. These findings directly address the gaps identified above and provide a basis for the rational design of SDS–SiO2 systems in foam flooding and related applications.
2. [bookmark: Materials_and_Methods_]Materials and Methods
2.1. [bookmark: Materials_][bookmark: _bookmark0]Materials
The anionic surfactant sodium dodecyl sulfate (SDS, purity ≥ 99%, MW = 288.38 g mol−1) and hydrophilic fumed silica nanoparticles (SiO2, primary particle size 12–15 nm) were purchased from Sigma-Aldrich (St. Louis, MO, USA) and used without further purification. n-Hexane (purity ≥ 99%) was used as the model oil phase for interfacial tension measurements at the water–oil interface. Distilled water was used for the preparation of all solutions. SDS stock solutions were prepared in distilled water and subsequently diluted to concentrations from 0.01 to 10 mM. Silica dispersions containing 0.1 wt% SiO2 were prepared by dispersing the required amount of fumed silica in the SDS solutions under magnetic stirring for 1 h followed by ultrasonication for 15 min to ensure homogeneous particle distribution. The prepared dispersions were left for 24 h before measurements to establish adsorption equilibrium between surfactant molecules and nanoparticles. Note that we studied the properties of the mixed surfactant—nanoparticle solutions only at a fixed SiO2 concentration. Studies with other surfactants (see, for example, [23]) have shown that the properties of the interfacial layers at higher or lower SiO2 did not lead to significant changes except a shift along the concentration axis.
For interfacial measurements at the water–hexane interface, a respective aqueous SDS solution or SDS–SiO2 dispersion was used as the lower phase and hexane as the upper phase. All experiments were carried out at (25 ± 1) ◦C. The surface tension of pure water at the water–air interface was (71.5 ± 0.2) mN m−1, while the interfacial tension of the pure water–hexane interface was (50.1 ± 0.2) mN m−1.
For the foam flooding experiments, a 10,000 ppm brine solution was prepared by dissolving NaCl in distilled water. The nanofluid samples for foam stability and core flooding tests were prepared as follows: 0.4 wt% SDS surfactant was added to the 10,000 ppm brine solution while mixing at 200–250 rpm on a magnetic stirrer (ISOLAB Laborgeräte GmbH, Eschau, Germany). After 40 min of stirring, fumed silica nanoparticles at concentrations of 0.1, 0.2, 0.4, 0.6, and 0.8 wt% were added and the solution was stirred for an additional 40 min. To ensure a homogeneous and stable dispersion of nanoparticles and even distribution of surfactant molecules, the solution was placed into an ultrasonic homogenizer (power 21 W, Bandelin Electronic GmbH, Berlin, Germany) for 15 min.
2.2. [bookmark: Methods_]Methods
2.2.1. [bookmark: Surface/Interfacial_Tensions_]Surface/Interfacial Tensions
Surface and interfacial tension were measured using a PAT-1 drop profile analysis tensiometer (SINTERFACE Technologies, Berlin, Germany). The pendant drop/emerging bubble shape was recorded with a CCD camera (SINTERFACE Technologies, Berlin, Germany) and fitted by the Young-Laplace equation to determine the corresponding surface or interfacial tension. The setup and experimental protocol are described elsewhere in detail [32].
Dynamic surface/interfacial tension was measured as a function of adsorption time until equilibrium values were reached. Depending on the surfactant concentration, the adsorption time ranged from a few seconds to 5000 s.
The surface and interfacial pressure was calculated as:

Π = γ0 – γ (1)
where γ0 is the surface or interfacial tension at the pure water–air/water–oil interface, respectively, and γ is the measured value in the presence of SDS or SDS–SiO2 solutions.
The Gibbs adsorption equation [33] was used to determine the surface excess concentration:
[image: ] (2)
where R is the ideal gas constant, T is the absolute temperature, and n = 2 for the ionic surfactant SDS. The derivative dγ/dlnC was obtained from the linear part of the equilibrium tension isotherm close to the critical micelle concentration.

2.2.2. [bookmark: Dilational_Viscoelasticity_]Dilational Viscoelasticity
The dilational viscoelastic properties of the adsorption layers were measured using oscillating drop experiments with the PAT-1 tensiometer. After reaching a given adsorption time, sinusoidal oscillations of the droplet surface area were applied. The amplitude of oscillation was approximately 7% of the initial droplet area and the frequency was
0.1 Hz [34]. According to the following basic definition, the dilational surface elasticity, ε, is calculated:
[image: ](3)
where δγ is the surface tension variation during the droplet surface area oscillation for the applied area amplitude γA.
2.2.3. [bookmark: Zeta_Potential_and_Particle_Size_Measure]Zeta Potential and Particle Size Measurements
The zeta potential and hydrodynamic particle size of the SiO2 nanoparticles in the SDS-containing dispersions were measured using the Zetasizer Nano ZS (Software Version 7.13, Malvern Instruments, Malvern, UK). Prior to measurements, the instrument performance was verified using the Malvern zeta potential transfer standard.
For each measurement, freshly prepared SDS–SiO2 dispersions containing 0.1 wt% silica and varying SDS concentrations were transferred into disposable folded capillary cells for zeta potential measurements and into polystyrene cuvettes for the particle size analysis. The measurements were performed at 25 ◦C. Each value was averaged from at least three independent measurements.
2.2.4. [bookmark: Foamability_and_Foam_Stability_Tests_]Foamability and Foam Stability Tests
Foaming properties were investigated using a Dynamic Foam Analyzer DFA100 (KRÜSS GmbH, Hamburg, Germany). Aqueous SDS solutions with concentrations from
0.1 to 10 mM were studied both in the absence and presence of 0.1 wt% fumed silica nanoparticles. Ten milliliters of solution were placed in a cylindrical glass column with an
inner diameter of 40 mm. The foam was generated by bubbling air through a porous filter (12–25 µm pore size) located at the bottom of the column. The air flow rate was maintained at 0.3 L min−1. During the experiments, the foam height and bottom liquid height were
continuously monitored by an optical detection system. The measurements included the foam generation and foam decay regimes. The maximum foam volume, foam half-life time, liquid drainage half-life, expansion ratio (ER), and foam concentration ratio (FC) were determined automatically using the KRÜSS ADVANCE software (version 1.19.2). In addition, foam structure images were analyzed using the ImageJ (Version 1.54) software. The obtained parameters were used to evaluate bubble size uniformity and structural evolution of the foam.
2.2.5. [bookmark: Foam_Rheology_Measurements_]Foam Rheology Measurements
The rheological properties of the nanofluid foams were measured using a rotational rheometer (Anton Paar GmbH, Graz, Austria) in rotational mode, where the lower plate was rotated and the upper plate remained stationary. A total of six samples with different nanoparticle concentrations (0, 0.1, 0.2, 0.4, 0.6, and 0.8 wt%) in 0.4 wt% SDS/10,000 ppm brine were prepared according to the procedure described in Section 2.1. The solution of each concentration was placed onto the rheometer plates, and the apparent viscosity was measured at a constant shear rate of 10 s−1 under ambient temperature conditions (25 ◦C).
2.2.6. [bookmark: Core_Flooding_Experiments_and_Mobility_R]Core Flooding Experiments and Mobility Reduction Factor
Core flooding experiments were conducted using water-wet Bentheimer sandstone cores (predominantly quartz, 92%). Each core plug was cleaned, dried, and saturated with 10,000 ppm brine using a manual saturator (Vinci Technologies, Nanterre, France) at 1100 psi for 24 h. The saturated core was installed in the Core Flooding System (CFS 700, Vinci Technologies, Nanterre, France), which consisted of an injection syringe pump, three accumulators (accumulator A filled with N2 gas, accumulator B with brine solution, and accumulator C with the nanofluid-surfactant solution), a core holder, and a measuring cylinder. As the primary stage, the fully saturated core was subjected to brine flooding at three different flow rates (2, 5, and 8 cc/min) to ensure complete saturation with the formation brine. All tests were conducted at room temperature (25 ◦C). Pressure drops at each stage were monitored. The mobility reduction factor (MRF) was calculated as follows:

[image: ](4)
where ∆Pfoam is the steady-state pressure drop recorded during foam injection and ∆Pbrine is the pressure drop during the preceding brine injection at the same flow rate.
3. [bookmark: Results_]Results
As foams and emulsions are typical metastable dispersions, their properties strongly depend on the dynamic formation of interfacial adsorption layers, including thermodynamic and rheological parameters. Surface pressure is an important indicator of interfacial film formation, since higher values generally reflect stronger surfactant adsorption, larger interfacial coverage, and more resistant viscoelastic films, all of which contribute to improved foam and emulsion stability. In EOR, this translates into better mobility control, reduced gas channeling, and improved sweep efficiency. Surface pressure values of aqueous solutions containing silica nanoparticles are very low and refer to the very low surface activity of the SiO2 particles (Table 1). At all concentrations, the surface pressure is close to zero, as also reported in [10]. It turns out that the capillary forces between particles adsorbed on the surface can even increase the surface tension at concentrations below 200 ppm. Kim et al. observed a similar effect for several nanofluids, including SiO2, where the surface tension even increased at lower particle concentrations [35].
[bookmark: _bookmark1]Table 1. Dependence of surface pressure and zeta potential of SiO2 nanoparticle on the concentration (wt%) for freshly prepared and 3-day aged dispersions.
[image: ]

To define the stability of nanofluids, the zeta- potential of freshly prepared and three days aged solution was measured. As shown in Table 1, the absolute zeta potential values fluctuate steadily between −44.9 and −41.56 mV, with a slight decrease to −42.87 and
−39.97 mV observed after a 3-day aging period. This stability indicates that the nanofluids remain stable, confirming their suitability for an intended use in this study.
The features of interfacial SDS layers in the presence of SiO2 nanoparticles was studied at the water–air and water–hexane interfaces, including interfacial tension and pressure, adsorption, and interfacial rheology data. In Figure 1a, it is shown that the equilibrium surface tension at the water–air interface decreases from 71.54 to 48.09 mN m−1 with increasing SDS concentration, whereas a much stronger reduction is observed at the water–hexane interface, from 50.06 to 13.05 mN m−1 (Figure 1a). This difference reflects directly the formation of stronger, more ordered mixed interfacial adsorption layers of the SDS–SiO2 system at the liquid–liquid interface, where the reduction in interfacial free energy is more pronounced.
[image: ]
[bookmark: _bookmark2](a)	(b)
Figure 1. Surface and interfacial tension (a) and pressure isotherms (b) of SDS-SiO2 (0.1%w) mixtures at the water–air and water–hexane interface.

Note, SDS in aqueous solution is subject to hydrolysis, and the resulting dodecanol as hydrolysis product is very surface active. In our systems, however, it does not play a significant role as dodecanol interacts hydrophobically with the SiO2 nanoparticles, i.e., in the same way like the SDS molecules. Thus, for our studies it is of minor importance and does not need to be considered in a particular way.

The surface and interfacial pressure of the SDS–SiO2 nanofluid increases with increasing SDS concentration at both interfaces (Figure 1b). However, this increase is significantly larger at the water–hexane interface, where Π increases up to approximately 37 mN m−1, while at the water–air interface it increases up to 23 mN m−1 only. Larger Π values for the water–hexane interface indicate a much stronger decrease in the interfacial free energy and, consequently, a higher adsorption efficiency of SDS–SiO2 complexes in the presence of hexane. The sharper increase in Π at the water–hexane interface indicates that the surfactant molecules are more highly oriented and packed at the liquid–liquid interface. The hydrocarbon phase promotes the adsorption of the hydrophobic SDS tails due to a cooperative effect [36], while the silica particles remain located on the aqueous side of the interface, leading to the formation of mixed surfactant–particle adsorption associates. The increase in surface pressure with the SDS concentration reflects the progressive adsorption of surfactant molecules and the formation of an increasingly dense interfacial layer. In the presence of SiO2 nanoparticles, this effect becomes even more pronounced, indicating the formation of mixed SDS–SiO2 adsorption layers with an enhanced packing density. As a result, the interfacial layer becomes more compact and mechanically stronger than at the water–air interface. Although silica nanoparticles alone do not significantly reduce surface tension, their presence alters the organization of the adsorbed surfactant molecules. Apparently, SiO2 particles act as modifiers or matrix of the interfacial layer, facilitating the formation of composite interfaces with increased cohesion and resistance to deformation. This leads to the development of more stable and mechanically robust interfacial films. The adsorption parameters calculated using the Gibbs equation are presented in Table 2.
2

2

[bookmark: _bookmark3]Table 2. Adsorption parameters of the SDS–SiO2 system at the water–air and water–hexane interfaces.
[image: ]

At low SDS concentrations, the SDS–SiO2 system adsorbs more densely at the water–hexane interface than at the water–air interface. In the concentration ranges of 0.01–0.1 mM, the surface excess at the water–hexane interface is higher than at the water–air interface. This observation is consistent with the known mechanism of surfactant adsorption at water–oil interfaces [36,37]. The adsorption layer contains both surfactant molecules and hydrocarbon molecules originating from the oil phase. The first SDS molecules to reach the interface interact and cooperate with the hexane molecules. These adsorbed hydrocarbon molecules then facilitate the adsorption of additional surfactant molecules. As a result, SDS, hexane, and SiO2 nanoparticles together form a cooperative mixed adsorption layer. This stronger adsorption at low concentrations leads to a sharper initial drop in surface tension, i.e., it creates a higher interfacial pressure at the water–hexane interface. In the presence of SiO2 nanoparticles, this cooperative effect becomes even stronger. SDS molecules bound to the nanoparticle surface further accumulate at the interface, enhancing the effect. As the SDS concentration increases, the adsorption mechanism at the water–hexane interface undergoes a transition. At low concentrations, hexane cooperatively enhances SDS adsorption. However, as the interfacial layer gets closer packed (≈0.66–1 mM), hexane molecules begin to adsorb at the interphase together with SDS and SiO2 associates. At higher concentrations, hexane partially occupies the interfacial layer, likely due to the solubility of surfactants’ hydrocarbon tails in hexane. It can lead to an increase in the effective area per adsorbed molecule and probably limits further SDS adsorption. As a result, the surface excess (Γ) at the water–hexane interface levels off and becomes lower than that at the water–air interface. In contrast, at the water–air interface, where such competition is absent, Γ continues to increase as the SDS concentration approaches the CMC.
The dilational surface/interfacial elasticity E relates to variations in interfacial coverage and intermolecular interactions caused by the relative interfacial area changes ∆A/A, while the dilational viscosity is directly related to relaxation processes in the surface layer and in the adjacent bulk. The results of the respective measurements shown in Figure 2 were performed at a fixed frequency of 0.1 Hz for both pure SDS solutions and those mixed with SiO2 nanoparticle. A distinct elasticity maximum is observed around an SDS concentration of 1.5 mM for the water/air surface. This maximum refers to the maximum adsorption of the SDS–SiO2 associates and indicates the formation of a most elastic interfacial film.
The dilational elasticity values at the water–hexane interface are shifted towards lower surfactant concentrations, and a maximum is observed at about 0.5–1 mM. The observed increase in dilatational elasticity for SDS–SiO2 systems indicates the formation of a viscoelastic interfacial layer capable of resisting deformations. The maximum elasticity observed at intermediate SDS concentrations suggests optimal conditions for the formation of structured interfacial networks. These results confirm that the mechanical strength of the interfacial layer is strongly enhanced by the presence of nanoparticles.
[image: ]
Figure 2. Dependence of dilational elasticity at different SDS concentrations and a fixed SiO2 concentration (0.1 wt%) on the frequency of harmonic oscillations at the water–air and water–hexane interfaces, respectively.
The results of the study demonstrate different surface activities of the SDS–SiO2 nanofluid at the water–air and water–hexane interfaces, which are important for under-standing the mechanisms of foam stabilization and for applications in enhanced oil recovery processes. The observed decrease in interfacial tension (IFT) at the water–hexane interface was significantly more pronounced compared to the surface tension at the water–air in-terface, indicating a higher surface activity of the SDS–SiO2 system at the interface with the hexane phase. This phenomenon can be explained by several factors. First, the pres-ence of hexane as an immiscible organic substance creates good conditions for a more efficient orientation of SDS molecules and SiO2 nanoparticles at the oil–water interface. The hydrophobic tails of the SDS molecules can penetrate into the organic phase, while the hydrophilic heads remain in the aqueous phase, creating a tightly packed monolayer. SiO2 nanoparticles modified with adsorbed SDS also concentrate more effectively at this interface, providing an additional reduction in interfacial energy. Thus, the hydrophobic interaction of SDS and SiO2 leads to a more significant reduction in the energy required to create the water–hexane interface compared to the water–air interface.
To understand the properties of SDS–SiO2 mixtures, the bulk properties such as par-ticle size and zeta potential were measured at various surfactant concentrations and a fixed concentration of SiO2 of 0.1 wt% (Table 3). For the SDS–SiO2 system, the zeta po-tential remains in the range of approximately −30 to −20 mV and changes only slightly with increasing SDS concentration. This indicates that SDS adsorption on silica is rela-tively weak and occurs probably through intermolecular interactions and the formation of surface aggregates.
To assess the practical significance of the observed interfacial effects, the foaming behavior of SDS–SiO2 systems was further investigated. Therefore, the maximum foam vol-ume and foam half-life were measured as a function of SDS concentration for systems with and without nanoparticles. Figure 3a shows that the addition of 0.1 wt% SiO2 significantly increases the foaming capacity of SDS solutions over the entire studied concentration range. The maximum foam volume of pure SDS solution increases from 35 mL at 0.1 mM to ap-proximately 130 mL at 5–10 mM, indicating that higher surfactant concentrations promote bubble formation by reducing surface tension. In the presence of silica nanoparticles, the foam volume is significantly higher, reaching 190 mL. The largest differences are observed at low SDS concentrations, where the system containing nanoparticles forms almost twice as much foam as the pure surfactant solution. This behavior indicates that SiO2 particles enhance foam formation by increasing the adsorbed amount and thereby enhancing the stability of newly formed bubbles during the foaming process.
[bookmark: _bookmark5]Table 3. Particle size and zeta potential of SDS-SiO2 composite and pH at different SDS concentrations.
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Figure 3. Effect of SDS concentration on the foaming properties of SDS–SiO2 (fixed amount of 0.1 wt%) systems: (a) maximum foam volume and (b) foam half-life time for SDS solutions with and without SiO2 nanoparticles.

For both systems, the foam half-life time increases with SDS concentration (Figure 3b), reflecting the gradual formation of a more robust adsorption layer on the bubbles’ surfaces. At an SDS concentration of 0.5 mM, the foam half-life time increases from 320 s for pure SDS to approximately 650 s in the presence of nanoparticles. At an SDS concentration of 10 mM, the half-life time reaches almost 1000 s for the SDS–SiO2 nanofluid, compared to 820 s for SDS alone. Thus, the observed increase in foam stability is directly related to the formation of mixed SDS–SiO2 adsorption layers with higher surface pressure due to larger surface excess. Nanoparticles adsorb within the surfactant layer and create an additional steric barrier, preventing film thinning and bubble coalescence. At higher concentrations, the improvement becomes less pronounced, as the interface is nearly saturated by surfactant molecules.
The effect of surface pressure on the macroscopic properties of foam is illustrated in Figure 4, which compares the foam half-life time with the corresponding surface pressure values for the SDS–SiO2 system. Both parameters simultaneously increase with increasing SDS concentration. At low concentrations, when the surface pressure is below 5 mN m−1, foam stability remains relatively low. A noticeable increase in the foam half-life time occurs when the surface pressure reaches 10–15 mN m−1, which corresponds to SDS concentrations of approximately 0.5–1 mM. The observed correlation confirms that foam stabilization is determined mainly by the development of a mechanically strong interfacial layer. The increase in surface pressure reflects a higher adsorption density and stronger intermolecular interactions within the SDS–SiO2 layer, which suppresses film drainage and bubble coalescence.
[image: ]
Figure 4. Correlation between surface pressure Π ([image: ]) and foam half-life time ( [image: ] ) for SDS–SiO2 (0.1 wt%) systems as a function of SDS concentration.

Figure 5 presents the effects of SDS and SDS–SiO2 nanofluids on foam half-life under ambient pressure and temperature conditions in 10,000 ppm brine, as well as on the foam viscosity. These parameters are critically important in foam flooding, because the foam viscosity strongly affects the displacement mobility ratio, while the mobility reduction factor (MRF) reflects the extent to which the foam decreases the fluid mobility and helps to suppress viscous fingering and gravity segregation. The results shown in Figure 5 indicate that the addition of nano-silica to the CMC–surfactant stabilized foam increased the foam half-life from 60 s to 150 s, i.e., to a 150% improvement. In addition, the viscosity of the foam generated by SDS–SiO2 increased by 77% relative to the foam stabilized by SDS only. Based on the pressure-drop data, the MRF was calculated for both core flooding experiments. The results show that the addition of nanoparticles had a positive effect on foam performance by enhancing foam stability and, consequently, improving mobility control. The MRF was 9.2 for the surfactant-based foam and 16.1 for the surfactant–nanoparticle foam, indicating that the addition of nanoparticles increased the MRF by 75%. Other results using different concentration ratios of surfactant to nanoparticles and its effect on the foam stability and MRF were shown in [38].
[image: ]
[bookmark: _bookmark8]Figure 5. Comparison of foam parameters for SDS foam and SDS–SiO2 nanoparticle-stabilized foam.

Image analysis using the software ImageJ showed that the SDS–SiO2 system formed foams with smaller and more uniform bubbles with reduced coalescence and slower coars-ening dynamics, indicating increased foam stability due to the formation of mechanically stronger interfacial films (Figure 6). A further statistical analysis of the bubble size evo-lution would be possible but this will not provide more insight into the mechanism of foam stabilization.
[image: ]
[bookmark: _bookmark9]Figure 6. Foam morphology for SDS (0.4 wt%) and SDS (0.4 wt%)–SiO2 (0.6 wt%) systems at different aging times.
Foam stability in the SDS–SiO2 nanofluid system can be considered within the frame-work of the DLVO theory as the result of a balance between van der Waals attraction and electrostatic repulsion. In the presence of SDS, surfactant molecules adsorb at the foam film interfaces, forming a charged layer that increases the ζ-potential and enhances the electrostatic repulsion between the thin film surfaces. This leads to an increased disjoining pressure and prevents the interfaces from approaching each other. However, the interaction between the surfactant and nanoparticles is not due to electrostatics. Despite the fact that SDS and SiO2 have the same charge sign, adsorption is possible due to van der Waals forces, as well as hydrophobic interactions between the alkyl chains of SDS and hydrophobic sites on the surface of the particles or of already adsorbed surfactant molecules.
This results in the formation of weakly bound surfactant–nanoparticle associates. Due to the DLVO theory, the introduction of SDS increases the energy barrier between particles, reducing the probability of their aggregation. The structural contribution of the adsorbed layers further enhances steric and electrostatic repulsion. In thin films, this manifests itself as an increase in the total disjoining pressure (ΠD), which slows drainage and suppresses bubble coalescence (Figure 7). Although the presence of a hydrocarbon phase can enhance adsorption, the dominant factor controlling the system’s behavior is the structure and mechanical strength of the interfacial layer. The combined analysis of interfacial pressure, rheology, and foam properties provides a consistent framework for understanding the performance of nanoparticle/surfactant nanofluid systems.
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[bookmark: _bookmark10]Figure 7. Foam film structure formed by SDS (a) and SDS–SiO2 (b) aqueous solutions.
4. [bookmark: Conclusions_]Conclusions
The SDS–SiO2 nanofluid is characterized by high surface pressure, which is a measure of the reduction in surface tension due to the adsorption of molecules at the interface. High surface pressure indicates the formation of a densely packed and stable film on the surface. It contributes to foam stability by creating a stronger barrier against drainage and coalescence. The adsorption of SDS, as an anionic surfactant, forms an adsorption layer and thereby reduces surface tension, while the SiO2 nanoparticles provide a mechanical barrier and structural support. The SDS–SiO2 composite nanofluids provide higher surface activity at the water–hexane interface due to a more effective reduction in interfacial tension. The mixture effectively reduces both the surface tension at the water–air interface and the interfacial tension at the water–hexane interface. The reduction in surface tension facilitates foam formation by lowering the energy barrier for the creation of a new interface. However, the key factor controlling stability is the structure and mechanical strength of the interfacial layer. The increase in interfacial pressure confirms enhanced adsorption and denser packing of SDS–SiO2 associates, leading to the formation of structured and cohesive interfacial films. The presence of SDS molecules and SiO2 nanoparticles significantly increases the surface elasticity of foam films. High surface elasticity means that the foam films can withstand deformation without rupture. This structural mechanical factor plays a key role in preventing bubble coalescence and ensures long-term foam stability. The synergistic effect of these components creates a more stable interface compared to using each component individually. The combination of SDS and SiO2 nanoparticles significantly enhances the foamability. The foam stabilization by the SDS–SiO2 mixed solutions results from the complex interaction of several physicochemical factors identified during the study. A more general discussion of stabilization mechanisms in foams and emulsions was recently presented by Langevin [24]; however, our studies can only qualitatively conclude that the enhanced stability can be attributed to increased van der Waals and hydrophobic interactions of the anionic SDS with negatively charged SiO2 nanoparticles. These factors
determine the increased foaming capacity and long-term foam stability, making the SDS–SiO2 nanofluids promising for use in industrial applications such as foam flooding to enhance oil–gas recovery.
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Application of surfactant-based foam flooding is an effective approach to reduce mobility and control early breakthrough. Despite the proper performance of surfactant-based foams in decreasing the channeling of the flooded gas and water, high pressure, high temperature, and high salinity of the reservoirs put some limitations on the foam flooding efficiency. Nanoparticles are used to improve the quality of the foams, enhance stability, and transcend the limitations. Although there are many benefits of using nanoparticles in foam flooding, their performance at surfactant critical micelle concentration (CMC) is not fully investigated and the optimum nanoparticle concentration is not specified. In this study, an experimental investigation using nanosilica with surfactants at CMC to improve the stability (half-life) and mobility reduction factor (MRF) has been conducted. Furthermore, data from the literature were collected and analyzed to evaluate the change in MRF and stability for a nanofluid-based foam at CMC. Both experimental results and literature data showed that application of nanofluid-based foam is a successful approach to develop a more stable foam with lower mobility. Nanoparticle (NP) concentration is the dominant parameter at different salinities and temperatures that affects foam flow through porous media. The range of 0.2–0.4 wt% is the optimum nanoparticle concentration to develop a strong foam with acceptable performance in controlling mobility.
There are different challenges in the petroleum industry regarding producing oil from a reservoir. EOR (enhanced oil recovery) methods became popular due to the depletion of the pressure in reservoirs [1–3]. Gas flooding is one of the most used EOR methods, which is more efficient in comparison to the other methods [3–8]. Despite many advantages, gas flooding has challenges [4]. Firstly, the high difference between the density of the injected gas and the underground fluid causes issues such as gravity override, in which the injected gas migrates to the top section and the oil might remain unswept [9,10]. Secondly, gas flooding has a very low sweep efficiency due to high mobility and low viscosity, which causes viscous fingering and early breakthrough [11–14]. Moreover, the heterogeneity in reservoirs causes flow channeling and low vertical sweep efficiency [15,16]. In order to mitigate the above-mentioned issues and enhance the control of the mobility of the injected gas, surfactants are added for foam generation [17–27]. The main purpose of surfactants is to reduce the interfacial tension (IFT) between residual oil and injected gad and increase the gas viscosity, as well as density, which improves the oil recovery [9,17]. Different kinds of surfactants are classified into four groups of anionic, cationic, amphoteric, and nonionic. Among these, anionic surfactants such as α-olefin sulfonate (AOS) and sodium dodecyl sulfate (SDS) are the most used materials for generating efficient foams [23].
However, harsh conditions in the reservoirs such as high pressure, high temperature, and high salinity might have a negative impact on surfactant-based foam efficiency [28,29]. Surfactants in these situations are prone to be more adsorbed to the rock surface and might lose their ability to maintain the foam stability [24]. Hence, the application of nanoparticles has been widely studied in order to enhance the surfactant-based foam flooding performance in the reservoirs [21,22] since nanoparticles reduce the surface tension between the liquid and gas phases in the foam. Moreover, they cover like a shield over the surfactant particles, which leads to strengthening the foam bubbles. In addition, nanoparticles decrease the surfactant adsorption on the rock, which might increase the foam stability and delay the foam drainage [21,22]. Furthermore, nanoparticles play a key role in increasing the viscosity of the foams. Due to the high viscosity of the oil in the reservoirs, an increase in nanofluid-assisted foam viscosity affects the mobility ratio and improves the oil recovery.
The stability of foams can be evaluated by static tests such as foamability and measurement of the change in the height of the foam over time [28]. There are two main parameters assessed by the above-mentioned tests. First one is half-life which is the time required for the foam volume or height to decrease to its half. Another parameter considered in the foam flooding is mobility reduction factor (MRF). MRF is the alteration in the gas mobility which is indicated by the change in pressure drop along a porous medium during foam injection [30]. The efficiency of the foam evaluated by MRF can be shown in Eq. (1):
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where K is the absolute permeability, A is the cross-section area of the core, Q is the flow rate, L is the core length, ΔPf is the pressure drop across the core during the foam flooding, and ΔPg is the pressure drop across the core during gas flooding. MRF is calculated by measuring and comparing the pressure differential along the core, during flooding by surfactant, or nanofluid-assisted foam flooding, or no foam condition (brine or gas flooding) at the same injection rate. The efficiency of the foam is higher at higher MRF, due to the control of mobility and early breakthrough.
Different types of nanoparticles such as SiO2, Al2O3, TiO2, CuO, and Fe3O4 have been used to develop nano- fluid-based foams [31]. In most cases, nanoparticles are added to the surfactant at critical micelle concentration (CMC) to optimize the process. Gu et al. [32] investigated the performance of foams generated by a surfactant at CMC with different concentrations of nanosilica. They also observed the effect of temperature and pressure alteration on the performances of the CMC-surfactant and nanofluid-assisted foams. According to their results, it was evident that an increase in temperature from 20 to 80 °C significantly decreased the foam average half-life by about 50%. Moreover, by comparing the foam stability based on increasing the NP concentration at the same temperatures, it was observed that increasing the NP concentration improves the half-life of the foam. Furthermore, they observed that by increasing the pressure from 2 to 8 MPa, the average half-life of the nanofluid-assisted foam increased by about 30%. Subsequently, their results demonstrated that the presence of the nanosilica (1 wt% SDS with 1 wt% nanosilica) enhanced the foam stability by improving the foam half-life by 34.3% in comparison to the standalone 1 wt% SDS (at 20 °C). They also ameliorated the channeling problem by improving the pressure drop by 21.1%, which shows an enhancement in MRF.
Sun et al. [33] conducted a similar experimental study to investigate the effect of nanosilica at different concentrations. According to their results, the mixture of the surfactant and nanosilica improved the half-life by 97% and reduced the mobility by 50% compared to the standalone surfactant-based foam flooding. Lv et al. [34] used different concentrations (0.3, 0.6, and 0.9 wt%) of nanosilica at CMC of sodium α-olefin sulfonate for the foam flooding experiment. The results demonstrated 54% improvement in MRF, which controlled the channeling, which was observed during the surfactant-based foam flooding. Ibrahim and Nasr-El-Din [35] observed the effect of nanosilica with sodium α-olefin sulfonate in the presence and absence of the oil at two different temperatures of 77 and 150°F. According to their findings, oil droplets have a detrimental effect on the effectiveness of the CMC-surfactant foam. Oil tends to spread across the interface of the foams, leading to a reduction in the stability of the lamellas. Consequently, it makes the foam decay faster by accelerating the foam drainage. Application of NP, even in the presence of the oil, increased the half-life. Nanosilica enhanced the foam MRF by about 23% in comparison to the surfactant-based foam. Ramanathan et al. [30] studied the effect of the nanosilica and AOS foam flooding at the temperature of the 150 °F. Results demonstrated that nanosilica improved the half-life by 65% in comparison to the AOS foam. In addition, the MRF of the AOS foam was improved by about 17% after adding nanosilica. Sun et al.36 compared the half-life of the SDS and nanosilica at different temperatures of 20, 40, 50, 60, 70, and 80 °C. Results showed that nanosilica dramatically increased the stability of the foam in comparison to the SDS foam by 83, 88, 90, 91, 93, and 96% at each temperature, respectively. The presence of nanosilica improved the pres- sure differentials by 83%, preventing injection fluid channeling. Babamahmoudi and Riahi37 compared stability of the nanosilica foam and SDS foam in the absence and presence of the oil. They reported that oil significantly decreased the stability of the SDS foam. Nanosilica increased the stability of the SDS foam in the absence of the oil by about 23%. Wu et al.38 studied the effect of the nanosilica on the SDS foam stability with deionized water at 25 °C and 45 °C. They reported that the half-life of the nanosilica foam improved by about 5% in comparison to the SDS foam at 25 °C in the presence of the oil. Bayat et al. [39] compared the effect of different concentrations of SiO2, Al2O3, TiO2, and CuO on CO2-foam stability. They reported that the SiO2 nanoparticles enhanced the half-life of the foam more than the other nanoparticles. Shi et al. [40] investigated the effect of temperature (10–80°C) and salinity (0–80,000 ppm) on the stability of the nanosilica foam. Despite the negative impact of increasing the temperature and salinity, nanosilica foam half-life enhanced by 51% in comparison to the base foam at 60 °C. Based on the results reported in the literature, nanosilica is the best option to improve the properties of foams. Most of the studies have been conducted at CMC value of surfactant, which is reasonable to optimize the process. The objective of this study is to develop a simple model to estimate the effect of nanosilica concentrations on foam properties. Despite numerous studies conducted on the impact of NPs on the foam half-life and MRF, the optimum NP concentration range is not recommended, regardless of experimental conditions such as temperature, pressure, core permeability, and salinity. In this study, after development of a model, we conducted experimental studies to confirm the model.
Methodology
The research methodology employed in this study aimed to investigate the potential of the combination of nanosilica and surfactant to enhance foam stability, viscosity, and reduce mobility. The assessment of foam properties and its application in the oil recovery process was conducted through foam stability, foam viscosity, and core flooding experiments.
Generally, for all the three experiments, sandstone cores, sodium dodecyl sulfate (SDS) surfactant powder, and silica nanoparticles were utilized. Brine was prepared in distilled water with sodium chloride.
Once all the nanofluid-surfactant solutions were prepared, foam half-life measurements were taken by the stability test for each concentration of nanoparticle. Followed by stability test, the rheological properties of the nanofluid-surfactant stabilized solutions were examined. In particular, the focus was made on the viscosity of the nanofluid-surfactant stabilized foam. Finally, core flooding test was carried out to evaluate the mobility reduction factor and general behavior of the solution in the porous media during gas injection. The flow for experimental design can be depicted in Fig. 1. A brief methodology for the laboratory tests is provided in the following section.
Chemicals and materials
Nitrogen gas (N2), sodium chloride (NaCl), and sodium dodecyl sulfate (SDS) surfactant powder were provided by Sigma Aldrich; silica nanoparticle was purchased from Glantreo Limited Ireland as a dispersion of 25 wt%. Water-wet sandstone cores from the Bentheimer field were used. The cores were mostly composed of quartz (92%). The samples’ properties are shown in Table 1. The porosity and permeability of the core samples were measured using Helium Porosimeter and Poroperm (from Vinci). This porous medium was selected due to the high mobility of the gas flow.
Experimental equipment
The foam stability test was conducted to evaluate the effect of nanosilica on surfactant-based foam, with a focus on measuring its half-life. The SRP 350 Steady State Relative Permeameter, manufactured by Vinci Technologies, was utilized for this purpose. The equipment configuration is illustrated in Fig. 1.
To conduct the core flooding experiment, core plugs were saturated with formation brine utilizing the manual saturator. Subsequently, the foam flooding test was conducted using a core flooding system (CFS 700) developed by Vinci Technologies. The experimental setup is schematically depicted in Fig. 2. As shown in Fig. 3, the core flooding system consisted of an injection or syringe pump, three accumulators (accumulator A was filled with nitrogen gas, accumulator B was filled with brine solution, while accumulator C contained nanofluid-surfactant solution), a core holder, and a measuring cylinder. The inflow line, originating from the accumulators, was con- nected to the core holder containing a core sample.
Experimental procedure
Foam stability test
For the foam stability test, overall, 5 samples with different nanosilica concentrations of 0.1, 0.2, 0.4, 0.6, and 0.8 wt% were used. The solution was prepared by adding 0.4 wt% of SDS surfactant to 10,000 ppm saline brine while mixing at 200–250 rpm on a magnetic stirrer. After 40 min of stirring, nanosilica particles were added to the solution and stirred for an additional 40 min. To ensure a homogeneous and stable dispersion of nanoparticles, as well as even distribution of surfactant molecules, the solution was placed into ultrasonic homogenizer for 90 min.

[image: ]
Figure 1. Flow diagram of experimental design.

	Core no
	Diameter (mm)
	Length (mm)
	Porosity (%)
	Permeability (mD)

	1
	37.87 ± 0.02
	74.61 ± 0.02
	22.63
	2510

	2
	37.96 ± 0.02
	74.56 ± 0.02
	21.32
	2430


Table 1. Properties of core samples

[image: ]
Figure 2. Steady State Relative Permeameter (SRP 350).
[image: ]

Figure 3. Core Flooding System (CFS 700).

Moreover, to ensure the stability of the prepared solution, it was physically observed for additional 35 min for any formation of precipitations. The solution was clear, no precipitation was formed which indicated the stability of the nanofluid-surfactant stabilized solution. After the preparation step, using the SRP 350, nitrogen gas was supplied into the flask with the nanosilica and surfactant mixture (100 ml for each of the mixture) for 5 min for foam generation until its level increased for an additional 50 cm3. After that, half-life was measured by counting the time required to lose 50% of the original volume of the foam (25 cm3).

Rheology test
For the rheology test, a total of 6 samples with different nanosilica concentrations of 0, 0.1, 0.2, 0.4, 0.6, and 0.8 wt% were prepared. The solutions were prepared similar to the samples used in the foam stability test. Subse- quently, the solution of each of the concentrations was placed onto the rheometer plates. The rotational mode was used for the viscosity measurement of non-Newtonian fluid, in which the lower plate of the rheometer was rotated, and the upper plate was stationary. All the measurements were taken under ambient temperature conditions. The apparent viscosity value for each concentration of nanosilica at a constant shear rate of 10 1/s was reported.

Core flooding test
For each flooding test, a core sample was cleaned and dried. The core was subsequently brine-saturated with 10,000 ppm brine using manual saturator by applying 1100 psi pressure for 24 h. The core No. 1 was used for the surfactant-based foam flooding, while the core No. 2 was utilized for the nanofluid-based foam injection. As the primary stage of foam flooding, the fully saturated core sample was installed in the CFS 700 system into the core holder. The core was subjected to brine flooding at 3 different flow rates of 2 cc/min, 5 cc/min, and 8 cc/ min to ensure complete saturation with the formation brine. The formation brine contained the same ratio of NaCl (10,000 ppm) in conformity with the critical salt concentration (CSC) to ensure that the risks associated with fines migration during oil recovery operations are minimized.
The first test included 5 alternating cycles of gas and surfactant-stabilized fluid injection. In particular, 3 cycles for N2, and 2 cycles for SDS. While for the second flooding test, there were 13 alternating cycles of gas and nano silica- surfactant-stabilized fluid injection, 7 cycles for N2 and 2 cycles for each nano silica concentration. A pressure of 300 psi was applied during all tests. All tests were conducted at a room temperature of 25 °C to avoid any effect of NPs thermal motion and at a flow rate of 2 cc/min. For each test, 3–4 pore volumes of solution were injected. Pressure drops at each stage were measured and foam production was monitored. As the final stage, the pressure drop data was measured to calculate MRF.

Model development: collected data
In order to comprehensively analyze the effect of different concentrations of nanosilica on the foam stability and MRF, experimental data from various published sources were collected. The study considered key parameters, including core permeability, surfactant type at CMC, and varying concentrations of nanosilica. This approach ensures a comprehensive analysis of the relationship between nanosilica concentration and the performance of the foam in terms of stability and MRF. The data are given in Tables 2 and 3.

Results and discussion
Experimental measurement of foam parameters
Foam half‑life
The foam half-life plays a pivotal role in assessing the stability of the foam and its potential for improving oil recovery in the foam flooding method. A longer half-life, corresponds to enhancing the stability of the foam, which implies a slower foam drainage rate. The experiment evaluated the effect of nanosilica on half-life of the foam under normal pressure, temperature, and 10,000 ppm salinity. The results presented in Table 4 demonstrate
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	Permeability (mD)
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	2533
	SDS
	1
	2.4

	
	2533
	SDS
	1
	1.6

	
	2533
	SDS
	1
	1.2

	
	2533
	SDS
	0
	1.2

	




Lv et al.[34] 
	2533.15
	AOS
	0.9
	11

	
	2261.5
	AOS
	0.75
	6

	
	2464.22
	AOS
	0.6
	9

	
	382
	AOS
	0.5
	10.73

	
	382
	AOS
	0.3
	8.72

	
	2261.57
	AOS
	0.3
	6

	
	382
	AOS
	0.1
	6.87

	
	382
	AOS
	0
	4.85

	
	2388.23
	AOS
	0
	5

	Ibrahim and Nasr-El-Din [35]
	111
	AOS
	0.1
	1.3

	
	111
	AOS
	0
	1


Table 2. Collected laboratory data of MRF for nanosilica and surfactants at CMC.
	No
	References
	Surfactant
	NP Concentration (wt%)
	Half- life time (s)

	1
	



Shi et al.[40] 
	SDS
	3
	18,000

	2
	
	SDS
	1
	18,000

	9
	
	SDS
	0.5
	18,000

	11
	
	SDS
	0.3
	13,500

	15
	
	SDS
	0.1
	9000

	24
	
	SDS
	0.05
	7500

	44
	
	SDS
	0
	1050

	3
	


Sun et al.[33] 
	SDS
	1
	27,000

	4
	
	SDS
	1
	1200

	5
	
	SDS
	1
	2400

	6
	
	SDS
	1
	6000

	7
	
	SDS
	1
	12,000

	32
	
	SDS
	0
	600

	8
	

Manan et al.[42] 
	AOS
	1
	2400

	10
	
	AOS
	0.5
	2520

	13
	
	AOS
	0.3
	2700

	22
	
	AOS
	0.1
	2760

	45
	
	AOS
	0
	1980

	12
	

Wu et al.[38] 
	SDS
	0.3
	25,800

	14
	
	SDS
	0.2
	25,200

	21
	
	SDS
	0.1
	24,000

	27
	
	SDS
	0.03
	24,600

	30
	
	SDS
	0.01
	24,000

	16
	

Bayat et al.[39] 
	NA
	0.1
	1080

	25
	
	NA
	0.05
	1380

	26
	
	NA
	0.03
	1740

	28
	
	NA
	0.02
	1620

	29
	
	NA
	0.01
	1680

	17
	Emrani et al.[28] 
	AOS
	0.1
	13,000

	46
	
	AOS
	0
	3000

	18
	
Babamahmoudi and Riahi[37]
	SDS
	0.1
	18,300

	19
	
	SDS
	0.1
	23,100

	20
	
	SDS
	0.1
	24,050

	23
	Dehdari et al.[43] 
	AOS
	0.06
	4020

	31
	Ibrahim and Nasr-El-Din[35]
	AOS
	0
	900

	33
	



Xu et al.[44] 
	AOS
	0
	165

	34
	
	AOS
	0
	220

	35
	
	AOS
	0
	235

	36
	
	AOS
	0
	250

	37
	
	AOS
	0
	260

	38
	
	AOS
	0
	270

	39
	
	AOS
	0
	280

	40
	
Chen and Zhao[35]
	AOS
	0
	420

	41
	
	AOS
	0
	450

	42
	
	AOS
	0
	450

	43
	Telmadarreie and Trivedi[46]
	AOS
	0
	360



Table 3. Collected laboratory data of half-life for nanosilica with CMC- surfactant.

a significant increase in foam half-life with the addition of nanosilica to the CMC-surfactant foam. A comparison between the CMC-surfactant foam and the addition of 0.6 wt% nanosilica at CMC-surfactant indicates that NPs dramatically increase the half-life of the foam by 95.2%, which highlights the substantial effect of nanoparticles on the foam stability. A comparison between the half-life results of 0.6 and 0.8 wt% of NP reveal a 2.4% reduction, which highlights the importance of the optimum concentration of NP with CMC-surfactant. According to the results, it is apparent that the concentration range of NP between 0.4 and 0.6 wt% exhibits a significant improvement in the half-life of the foam.
Adding an optimal concentration range of NP to the CMC-surfactant increases the total concentration of the foam, which significantly densifies the foam. Moreover, the presence of NP in the foam contributes to a reduction
	Type of foam
	Composition of foam
	Half-life (s)
	Improvement rate (%)

	SDS foam
	0.4 wt% SDS
	60
	-

	


SDS foam with nanoparticles
	0.4 wt% SDS + 0.1 wt% NP
	150
	60

	
	0.4 wt% SDS + 0.2 wt% NP
	180
	66.6

	
	0.4 wt% SDS + 0.4 wt% NP
	360
	83.3

	
	0.4 wt% SDS + 0.6 wt% NP
	1260
	95.2

	
	0.4 wt% SDS + 0.8 wt% NP
	840
	92.8



Table 4. The experimental results of foam stability.

in interfacial tension (IFT) by promoting the tension between foam lamella and solid particles. This improve- ment can be attributed to the fact that the NP forms a layer on the surface of the foam (Fig. 4), which effectively reduces the interface of the liquid/ gas phase and blocks the pore channels. By reducing the interface between the liquid and gas phases, as well as blocking pore channels, the drainage pathways for the liquid phase become more restricted. The combination of reduced IFT and blocked pore channels results in a more stable foam system. The slower drainage rate allows the foam to persist for a longer duration without collapsing.
Additionally, several other parameters should be considered experimentally. Referring to Fig. 5, the zero concentration shows the base case, when only surfactant is present in the foam at CMC. As can be observed from these data, different measurements are reported at any NP concentration, due to the difference in temperature, pressure, and salinity. These parameters affect the adsorption of the surfactant on the surface of the foams. For example, increasing the pressure positively affects the foam half-life. Higher pressure densifies the foam structure making the foam more stable. Furthermore, increasing the salinity results in the higher adsorption of surfactant on the foam’s surface, higher surface tension, stronger lamellae, and higher apparent viscosity. On the other hand, temperature exhibits a detrimental effect on the foam stability. However, the presence of NPs results in greater strength against high thermal conditions in comparison to the standalone CMC-surfactant foams.
Analysis of the collected data demonstrates that higher NP concentrations, at the same temperature/salinity/ pressure conditions, results in an improvement in the half-life of the foam. The variation in half-life observed in Fig. 5 is attributed to different temperature, pressure, and salinity conditions. So, to study the improvement of the half-life, as a rule of thumb, an average number was calculated for each range of NP, based on the available data in the literature, as shown in Fig. 6. The incorporation of NP concentrations between 0–0.2, 0.2–0.4, 0.4–0.6, and more than 0.6 wt% to the CMC-surfactant foam resulted in substantial improvement in the average half-life of the foams by 90%, 88.4%, 87.6%, and 88.7%, respectively. Hence, data in the literature shows an improvement of about 90%, which agrees with what we observed in our experiments. Our measurements showed that the concentration of 0.4–0.6% shows better results and can be considered as an optimum condition.

Foam viscosity
The viscosity of the foam has a critical role in enhancing the displacement mobility ratio in foam flooding processes. In this study, a weak foam was generated by using SDS surfactant. By adding 0.4, 0.6, and 0.8 wt% nanosilica to the CMC-surfactant solution, the viscosity of the foam was improved by 56.1%, 81.6%, and 1.25%, respectively. The data presented in Table 5 clearly demonstrates that increasing the concentration of NP in the CMC-surfactant foam leads to an improvement in the strength of the foam by increasing the foam viscosity in
[image: ]

Figure 4. Schematic of foam surface stabilized by NP with CMC-surfactant.
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Figure 5. Comparing collected laboratory data of half-life for nanosilica with CMC-surfactant foam.
[image: ]
Figure 6. Comparison of the average improvement rate of collected half-life and experimental result (1: less than 0.4; 2: 0.4–0.6; and 3: more than 0.6).

	Type of foam
	Composition of foam
	Apparent viscosity at shear rate 10 (mPa s)

	SDS foam
	0.4 wt% SDS
	0.79

	
SDS foam with nanoparticles
	0.4 wt% SDS + 0.4 wt% NP
	1.8

	
	0.4 wt% SDS + 0.6 wt% NP
	4.3

	
	0.4 wt% SDS + 0.8 wt% NP
	0.8


Table 5. The experimental results of foam viscosity.

comparison to the CMC-surfactant alone. By increasing the viscosity of the foam, the density of the foam is also increased, which leads to improved foam stability. In addition, an increase in the viscosity of the foam helps to plug high permeability pores. Plugging the pores mitigates the water channeling by optimizing the water injection process. This phenomenon improves the efficiency of the displacement fluid by improving the MRF.
Moreover, it is important to highlight that based on the experimental results, the optimal NP concentration range is observed to be between 0.4 and 0.6 wt%, due to the substantial improvement in the apparent viscosity of the foam. However, increasing the NP concentration above the optimal range can lead to a reduction in the viscosity of the foam due to increasing the surface tension gradient and NP aggregate.

Mobility reduction factor
Mobility control plays a significant role in preventing viscous fingering and gravity segregation. By incorporating 0.2, 0.4, and 0.6 wt% of nanosilica into the CMC-surfactant, nanoparticle emulsion is stabilized thereby improving the mobility reduction factor. Figure 7 shows pressure drop during different steps of nanofluid- assisted foam flooding. An increase in pressure drop was observed at higher NP concentrations. By comparing pressure drop values, MRF was calculated and shown in Table 6. It is evident that a 0.2 wt% concentration of nanosilica combined with the CMC-surfactant improves the MRF of the foam by 43.1%. Moreover, increasing the NP concentration to 0.4 and 0.6 wt% results in a significant improvement in the MRF by 92.06% and 94.9%, respectively. It is apparent that the optimal concentration range for NP, in order to improve the mobility ratio, is between 0.4 and 0.6 wt%. A comprehensive comparison of the optimum concentration range for both results of half-life and MRF, shows that the best concentration is 0.4–0.6 wt%. Lower concentrations of NP do not generate a strong foam that control the mobility.
It should be noted that the application of very low concentrations of NP (less than 0.4 wt%) does not have a significant effect on MRF due to the generation of weak foams. Figures 8 and 9 demonstrates that the concentration range of 0.4–0.6 wt% exhibits a significant improvement in the MRF, with an enhancement of about 90%. Higher concentration does not show more improvement in the performance of the foam. So, by comparing the average increase rate derived from collected data and the average improvement of the MRF of our experimental results, it is evident that there is an alignment between the optimal concentration ranges of NP between the two data series. MRF and half-life data showed that the range of 0.4–0.6 wt% is the optimum option for the design of nanofluid-based foam. Concentrations lower than this number are weak, and higher than this range does not show noticeable improvement, as NPs have occupied surfaces on the foam droplets.
[image: ]


Figure 7. Pressure changes during the core flooding experiment.

	Type of foam
	Composition of foam
	MRF

	SDS foam
	0.4 wt% SDS
	0.62

	
SDS foam with nanoparticles
	0.4 wt% SDS + 0.4 wt% NP
	1.09

	
	0.4 wt% SDS + 0.6 wt% NP
	7.81

	
	0.4 wt% SDS + 0.8 wt% NP
	12.21


Table 6. Measured data of Mobility reduction factor.
[image: ]
Figure 8. Comparing collected laboratory data of MRF for nanosilica with CMC-surfactant foam.
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Figure 9. Comparison of the average improvement rate of collected MRF and experimental result (1: 0–0.4; 2: 0.4–0.6; 3: more than 0.6 wt%).

Conclusion
The study aims to investigate the advantageous impact of nanosilica when combined with the CMC- surfactant on foam stability, apparent viscosity, and mobility reduction factor (MRF) based on different ranges of NP concentration.
Based on the experimental results, it has been determined that the optimal concentration range of nano silica when combined with CMC-surfactant is 0.4–0.6 wt%. According to the collected data, in the given range, the use of NP dramatically increases the half-life by approximately 90%, making foam more stable. In addition, nanofluid-based foams reduce the mobility ratio by about 20–40% more than standalone surfactant-based foams, which controls macroscopic sweep efficiency-related problems such as fingering and override.
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Ab s t r a c t
Miscible carbon dioxide (CO2) flooding is a well-established and promising enhanced oil recovery (EOR) technique whereby residual oil is recovered by mixing with injected CO2 gas. However, CO2, being very light and less viscous than reservoir crude oil, results in inefficient sweep efficiency. Extensive research is ongoing to improve CO2 mobility control such as the development and generation of CO2/water foams. The long-term stability of foam during the period of flooding is a known issue and must be considered during the design stage of any CO2 foam flooding project. The foam stability can be improved by adding surfactants as stabilizers, but surfactants generated foams have generally a shorter life because of an unstable interface. Furthermore, surfactants are prone to higher retention and chemical degradation in the porous media, particularly under harsh reservoir conditions. Research has shown that nanoparticles (NPs) can act as an excellent stabilizing agent for CO2/water foams owing to their surface chemistry and high adsorption energy. The foams generated using NPs are more stable and provide better mobility control compared to surfactant-stabilized foams. One limitation of using NPs as foam stabilizers is their colloidal stability which limits the use of low-cost NPs. Combining surfactants and NPs for CO2 foam stabilization is a novel approach and has gained interest among researchers in recent years. Surfactants improve the dispersion of NPs in the aqueous phase and minimize particle aggregation. NPs on the other hand create a stable barrier at the CO2/water interface with the help of surfactants, thus generating highly stable and viscous foams. This paper presents a comprehensive review of the basic principles and applications of stabilized CO2 foams. A brief overview of CO2 foam flooding is discussed first, followed by a review of standalone surfactant-stabilized and NPs-stabilized CO2/water foams. The application of hybrid surfactant-NPs stabilized CO2 foams is then presented and areas requiring further investigation are highlighted. This review provides an insight into a novel approach to stabilize CO2/water foams an the effectiveness of the method as proved by various studies.

1.	Introduction
Miscible carbon dioxide (CO2) flooding is one of the most practiced and promising enhanced oil recovery (EOR) techniques with large-scale applications for more than forty years (Lee et al., 1991; Worthen et al., 2013a). The influential factors for CO2 flooding as an EOR technique include physical nature, ability to achieve multiple contact miscibility (MCM), and a low solubility with water, providing higher oil recoveries than waterflooding (Orr et al., 1982; Schramm and Mannhardt, 1996; Sohrabi et al., 2015). Some other beneficial factors that make CO2 an appropriate choice for EOR include crude oil viscosity reduction, oil swelling, vaporization of heavier oil components on contact with gaseous phase, and reduction in crude oil interfacial tension (IFT) by dissolved CO2 gas in the oil (Rezaei et al., 2021b). A CO2 water alternating gas (WAG) project was initiated in the San Andres Unit of East Vacuum Field, New Mexico in 1985 and is still ongoing, increasing the recovery factor from the main producing formation of the unit by 12.5% of original-oil-in-place (OOIP) (Moffitt et al., 2015). However, the CO2 EOR technique has some inherent limitations mainly because of its very low viscosity (0.02-0.07 cp at 25 ◦C and 950-1450 psia) compared to most crude oils encountered in subsurface formations (Worthen et al., 2015). The low viscosity and density of CO2 can cause severe mobility control issues such as viscous fingering and channeling (Lake and Venuto, 1990), CO2 gravity override tendency (Koval, 1963), the preferential flow of gas through high permeability channels, and unstable front displacement. As a result, the early gas breakthrough may occur which is a potential cause for an EOR project failure, particularly in reservoirs containing viscous crude oil (Aryana and Kovscek, 2012; Lee and Heller, 1990; Sanders et al., 2010). Several researchers have designed and implemented hybrid CO2-based EOR methods to overcome mobility issues associated with CO2 flooding and to improve residual oil recovery by various means such as foam generation, sweep improvement, IFT reduction, and crude oil emulsification (Al-Anssari et al., 2018; AlQuraishi et al., 2019; Dezfuli et al., 2020; Han and Gu, 2014; Kuhlman et al., 1992; Massarweh and Abushaikha, 2021; Nematzadeh et al., 2012; Nik Salwani et al., 2019; Ren et al., 2018; Sagir et al., 2016). CO2 foam flooding is one such technique in which CO2 gas is converted to a viscous foam under high pressure and high shear rate and then injected into the reservoir (Nguyen et al., 2000; Rossen et al., 2010). The injected foam increases the apparent gas viscosity and reduces the gas mobility by immobilizing large gas volume inside the pores (Hirasaki and Lawson, 1985). Foam-assisted WAG is a potential EOR technology that improves macroscopic sweep efficiency in reservoirs, increasing oil recovery. However, in a crude oil environment, foam destabilizes quickly at high temperatures, limiting the applicability of this approach (Denkov, 2004; Irani and Solomon, 1986; Jensen and Friedmann, 1987).
The stability of CO2/water foams can be improved by adding surfactants. Several successful pilot applications are available in the literature to show the performance of surfactant-stabilized foams (Patzek, 1996). Surfactant improves foam lifetime and stability by the development of barriers created by thin liquid films. The application of surfactants is limited by various subsurface factors such as high retention, high temperature, and salinity (Grigg and Mikhalin, 2007). Besides surfactants, nanoparticles (NPs) have also become popular in terms of increasing the stability of CO2 foams under harsh reservoir conditions because of their remarkable stability and excellent surface properties (Emrani and Nasr-El- Din, 2015; Worthen et al., 2013b). In most of the studies, silica NPs have been used due to their hydrophilic nature, low toxicity, and high solubility in water. Silica NPs also have applications in other areas such as wettability alteration and fines migration control (Muneer et al., 2020, 2021; Zhao et al., 2021). NPs have an added advantage of lower adsorption onto the rock surface compared to surfactants (Singh and Mohanty, 2016; Worthen et al., 2012). The foams stabilized using NPs are reported to have longer lifetimes of up to one year compared to the surfactant-stabilized foams which are stable only for a few hours (Alargova et al., 2004). NPs have several orders of magnitude higher adsorption energy compared to surfactants resulting in better stability (Aroonsri et al., 2013; Binks and Horozov, 2005). Hence, a combination of surfactants and NPs is an effective way to enhance the applicability of CO2 foams.

2.	CO2/water foam flooding

The CO2/water foam is produced by various mechanisms such as lamellae creation, snap-off, etc. (Ransohoff and Radke, 1988). The concept of gas mobility control by using foam was first presented in 1958 by Boud and Holbrook (1958). Afterward, extensive research had been carried out to study the driving mechanisms of the foam flooding EOR technique (Chang and Grigg, 1999; Fried, 1960; Wellington and Vinegar, 1988). The CO2 foam consists of 70-90% gas and thus requires less amount of water compared to the WAG technique (Yu et al., 2012a). The foam helps to provide a stable frontal advance because of its highly effective viscosity and higher contact area which results in better sweep efficiency. However, the long-term stability of a CO2 foam is another major challenge because generally CO2 foams are less stable and collapse quickly (Rossen, 1996). The major factors responsible for unstable foams involve the formation of the hole, coalescence of foam bubbles, Ostwald ripening, and lamellae drainage and disintegration (Worthen et al., 2012, 2013b). Generally, higher incremental oil recoveries during foam flooding are observed for CO2 foams which have higher formability and are more stable (Dickson et al., 2004; Kim et al., 2016; Worthen et al., 2013a, 2015; Zhang et al., 2011). More stable foams can result in better sweep efficiency.

3.	Surfactant-stabilized CO2/Water foams

To enhance the stability of CO2 foam, different chemicals are added to it such as surfactants and gels (Guo et al., 2012; Schramm, 1994, 2000). Several pilot-scale field tests showed the potential of surfactant-stabilized CO2 foam in terms of sweep improvement and recovery of residual oil (Rognmo, 2019). The advantage of surfactant comes from the saponification and IFT reduction which im- improves foam stability, increases microscopic and macroscopic sweep efficiency, and recovers more residual oil (Yu et al., 2012a). In addition to enhanced foam stability, surfactant addition results in wettability alteration and thus accelerates oil flow by minimizing the capillary forces (Rezaei et al., 2020). During foam flooding in the porous media, the gas phase flow is stopped in some areas by the generation of thin liquid films that are known as lamellas. The foam stability comes from the hydrophilic surfactants molecules’ ability to adsorb on the gas-water interface and foam mobility is controlled by continuously regenerated lamellae by surfactant in micropores of the reservoir (Johnston and da Rocha, 2009; Rossen, 1996; Rossen, 2017). Surfactants can effectively increase foam viscosity which results in more stable and piston-like oil front displacement (Derikvand and Riazi, 2016).
Sun et al. (2014) conducted experiments on silica sandpacks to evaluate the stability and oil recovery improvement of sodium dodecyl sulfate (SDS) surfactant-stabilized nitrogen gas foam. The foam half-life, measured by noting the time it takes for the foam to reduce 50% of its original height, was around 5 min whereas the incremental oil recovery by surfactant-stabilized foam was around 12% from a homogeneous sandpack and 6% from a heterogeneous sandpack. Fig. 1 shows the oil recovery profile for SDS-stabilized foam from a two-layer heterogeneous sandpack, indicating a higher diversion of foam into a high permeability layer.
A comprehensive nitrogen foam stability with oil displacement study was performed by Al Yousef et al. (AlYousef et al., 2017a) using an anionic surfactant, alpha-olefin sulfonate (AOS), as a foam stabilizer. Foam half-life was estimated from the static foam stability test and was found to be ~3.5 h and 12.5 h in the absence and presence of oil, respectively. The stabilized foam helped to improve the oil recovery and caused a 6.5% OOIP increase in the recovery factor, as shown in Fig. 2.
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Fig. 1. Oil recovery and diversion ratio for SDS-stabilized foam injection in a heterogeneous sandpack (Sun et al., 2014).
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Fig. 2. Oil recovery and pressure drop profile for AOS-stabilized nitrogen foam (AlYousef et al., 2017a).
A surfactant-stabilized CO2 foam treatment was designed and implemented in a heterogeneous formation of the San Andres Unit of East Vacuum Field in the 1990s where more than 60% of the injected gas was being channeled through a high permeability zone into one producing well out of 8 producers (Martin et al., 1995). To satisfy rock adsorption criteria, around 90000 lbs of surfactant was injected during the WAG injection period, followed by a rapid cycle of 2500 ppm surfactant alternating gas to produce 80% foam in the channel. More than a 30% reduction in CO2 mobility was observed after foam treatment while a 50% decrease in CO2 production was reported in one offending well. The generated foam diverted the injected fluid to other producers in the flood pattern and resulted in ~19000 STB of augmented oil production.
Another surfactant-generated CO2 foam pilot project was launched in an extremely heterogeneous sandstone field in Texas to improve the volumetric sweep efficiency of CO2 (Chou et al., 1992). 40-85% drop in gas injectivity was observed by in-situ foam generation, thereby reducing gas production in the offending well while improving oil production in the rest of the producing wells in the test pattern by more than 90% compared to pre-foam treatment production. From the analysis of four foam treatments conducted at different times during 2 years, the maximum duration for which CO2 injectivity was reduced (maximum time for which foam treatment was effective), was around 6 months and was found to be directly related to the surfactant concentration injected. Because of better sweep efficiency during foam treatment, almost 31% incremental oil was produced from one offset producer compared to the scenario if WAG had been continued instead of surfactant-CO2 foam treatment. Application of surfactant-alternating CO2 foam flooding in Wall Creek sandstone reservoir located in Salt Creek field, Wyoming also provided successful results by providing CO2 conformance control and increasing oil production from an inverted five-spot arrangement (Patil et al., 2018). The response of surfactant-stabilized CO2 foam generated in-situ was instantly seen by a decrease of 40% in the gas injection rate required to maintain a constant tubing head pressure (THP). The CO2 overriding tendency was effectively reduced by the foam treatment, diverting the gas to low permeability areas, and as a result, above 25000 bbl of additional oil was recovered in contrast to the forecasted production of the base case scenario of WAG injection. Several other studies have also shown promising results of surfactant-stabilized CO2 foam treatment in controlling excess CO2 production, reducing gas recycling, increasing CO2 sweep area by providing diversion towards less affected wells, and improving oil recoveries. Some laboratory experiments and field trials of this method available in the literature are presented in Table 1, demonstrating incremental oil production (Hoefner and Evans, 1995; Jonas et al., 1990; Sanders et al., 2012).
However, a major challenge for surfactants as CO2 foam stabilizers is that they form a very weak adsorption layer at the CO2-brine interface due to the low solubility of surfactant in CO2 compared to water, resulting in inefficient foam stability (San et al., 2017; Worthen et al., 2013b). CO2-philic surfactants have weak solvation with CO2 because of low van der Waals forces which in turn limits lamellae stabilization in foams (Dickson et al., 2004; Worthen et al., 2012). The stability of surfactant-stabilized gaseous foams is reduced in the presence of high salinity formation brine and crude oil because of an increased rate of coalescence of lamellae at the gas-water interface (Yekeen et al., 2018; Zhu et al., 2004). Crude oil adversely affects the stability of surfactant- stabilized foams by processes such as snap-off, thus obscuring the efficient generation of thin liquid films (Almajid and Kovscek, 2016).
Surfactants are also prone to high adsorption onto the rock surface and the foams involving surfactants need to be regenerated continuously, thereby elevating the chemicals cost (Heller et al., 1985; Ransohoff and Radke, 1988; Wang, 1984; Yekeen et al., 2017). Henry et al. (1996) reported field trial results of CO2 foam stabilized by surfactants to lower CO2 cycling. The test was successful in terms of reducing CO2 recycling, but the foaming efficiency slowly reduced as the foam dried out and water was injected two times to regenerate the foam by rehydration, making the test economically unfeasible. Similarly, the surfactant-stabilized CO2 foam pilot test conducted in the East Vacuum Field was successful in terms of achieving technical objectives of mobility control and incremental oil production, however, the project economics was adversely affected by high surfactant cost and delay in incremental oil production, making it economically unattractive to be implemented at the full field-scale (Martin et al., 1995). Furthermore, surfactants tend to undergo chemical degradation in high temperature and high salinity reservoir environments (Kim et al., 2004). All these factors elevate the project cost, making it economically unfeasible.

4.	Nanoparticles-augmented foam flooding

Several research studies have shown the effectiveness of using NPs to enhance the stability of CO2 foams and emulsions in recent years (Adkins et al., 2007; Jikich, 2012; Martinez et al., 2008; Yu et al., 2014). The thermal stability of emulsions can be considerably enhanced with the application of NPs. Zhang et al. (2011) reported an improvement in oil/water emulsion stability using silica NPs based on a phase behavior analysis. In a study by Dickson et al. (2004), functionalized silica NPs were used to generate stable CO2 foam while the effects of NPs size, concentration, and brine salinity on foam stability were studied by Binks and Horozov (2006).
Table 1. Some studies showing improvement in oil recovery by surfactant-stabilized CO2 foam.
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Aroonsri et al. (2013) investigated the critical shear rates required to generate silica NPs-stabilized CO2 foam in Berea core samples while flowing through matrix and fractures. Singh et al. (2015) demonstrated the ability of inexpensive fly ash nanoparticles to increase the stability of CO2 foam and emulsions.
A critical surface property of a nanoparticle is its hydrophilic/ CO2-philic balance (HCB) which aids in controlling the interfacial activity of the particles by achieving the desired contact angle at the interface (Worthen et al., 2012). The ease of flow and negligible retention of small-sized uniform functionalized NPs inside the porous media, their ability to change the oil/water interfacial con- tact angle by forming a particle monolayer at the interface, and the opportunity to externally control the de-stabilization and stabilization of emulsions by manipulating magnetostrictive and magnetic properties of the NPs are some of the attributes which make them an attractive stabilizer for foams and emulsions (Jonathan et al., 2007; Melle et al., 2005). NPs such as silica, alumina, sulfates of metals, and carbon all are capable of stabilizing foam bubbles by irreversibly adsorbing at the CO2-brine interface. Furthermore, higher energy would be required to destabilize such foams owing to the larger adhesive forces at the fluid-fluid interface (Aroonsri et al., 2013; Zhang et al., 2009). The adsorption energy of NPs at the CO2-water interface can be calculated by Equation (1) (Worthen et al., 2012).
[bookmark: _Hlk196343807] E = pr2gab(1±cosq)2	(1)
where q is the interfacial contact angle of the particle and gab is the CO2-water interfacial tension. Equation (1) shows that the adsorption energy of a particle having a radius of 80 nm at a CO2- brine interface with an IFT of 20 dyn/cm and making a contact angle of 90 ͦ at the interface would be 90000 kT at 50 ͦC (k is the is Boltzmann constant and its value is 1.38E-23 and T is temperature in kelvin. While using Equation (1), a unit conversion is required to convert the adsorption energy from Joules to kT using the Boltzmann constant and desired temperature). This value of adsorption energy is quite higher compared to that of surfactants, making NPs more effective foam stabilizing agents.

4.1.	Improved foam properties (foamability and stability)
In a laboratory study by Zhang et al. (2009), phase behavior and transport properties of oil-water emulsions stabilized using functionalized silica NPs were investigated. The NPs produced quite stable emulsions and the emulsion integrity and viscosity were successfully maintained while transporting through glass bead columns. Similarly, Espinosa et al. (2010) showed that a supercritical CO2 foam generated using silica NPs was more stable and 2 to 18 times more viscous compared to the foams without NPs when flowed through a glass beads column. They also concluded that higher NPs concentration was needed to ensure foam stability under high salinity conditions. Mo et al. (2012) also confirmed improved stability of NPs-assisted CO2 foam in both glass-beads columns and reservoir cores. The nanoparticles-stabilized foam properties such as stability and formability, depend on several factors including nanoparticle type, concentration, degree of hydrophobicity, brine salinity, hardness, temperature, and injection rate. Table 2 provides a summary of studies showing the effect of the aforementioned critical factors on foam stability.

4.1.1.	Effect of nanoparticles’ concentration
In the experiments of Zhang et al. (2009) the stability of oil-in-water emulsions formed using 5 wt% and 10 wt% silica NPs was maintained for up to two months compared to less than 5 days for 0.1 wt% and 1 wt% concentration. Based on a phase behavior scan, a column flood was performed by injecting toluene-in-water emulsion stabilized with 10 wt% silica NPs to displace already present deionized water. A piston-like displacement of deionized water by the emulsion slug was observed with negligible dispersion. The estimated emulsion apparent viscosities during the front displacement were found to be 30-40 cp, which were in close agreement with the shear viscosity obtained by the rheometer. The transport experiment also revealed that the NPs-stabilized emulsion was able to flow through the glass-bead column without breaking.
Dickson et al. (2004) developed supercritical CO2-water emulsions utilizing various concentrations of silica NPs ranging from 1 to 50 wt% and determined the emulsion stability as a function of different parameters e.g., the density of CO2, NPs concentration, and degree of hydrophilicity of nanoparticles. The results showed a direct relationship between NPs concentration and emulsion stability. Similar results were reported in other literature (Fuller et al., 2006; Hunter et al., 2008; Lopetinsky et al., 2006; Yu et al., 2012b). An experimental study by Mo et al. (2012) also showed that a high concentration of silica NPs were required to increase the stability and quantity of produced CO2 foam. The CO2 foam mobility was obtained by flowing the NPs-stabilized CO2 foams through Berea sandstone cores and reduced from 52 md/cp to almost 2 md/cp when the NPs concentration increased from 0 ppm to 5000 ppm (Fig. 3). Consequently, a 15-folds increase in foam resistance factor was observed for foam generated with 5000 ppm silica NPs, compared to 1000 ppm NPs case. The comparable trend was also observed by Yu et al. (2012a) that foam mobility decreased with increasing NPs concentration. This can be attributed to the improved stability of lamellae formed at the CO2/NPs interface with higher NPs concentration, thereby exhibiting a higher resistance to coalescence while flowing through the pore spaces.
Table 2. Some studies showing effect of critical factors on nanoparticles-stabilized CO2 foam.
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Fig. 3. Effect of NPs concentration on CO2 foam mobility and resistance factor (Mo et al., 2012).

4.1.2.	Effect of brine salinity and composition

Various studies have been conducted to study different parameters affecting the generation of NPs-stabilized CO2 foams and mobility control extent (AlOtaibi et al., 2013; Dickson et al., 2004; Espinosa et al., 2010; Yu et al., 2014). The effect of monovalent, bivalent, and multiple ions on the properties of NPs-stabilized CO2 foams and the flow through porous media was investigated by San et al. (2017). The foam was produced by simultaneous injection of silica nanofluids of different salinities and supercritical CO2 into sandstone core samples and the generated foam was observed through a sapphire observation cell. The results showed that with increasing NaCl brine salinity, foam quality, stability and texture were enhanced. By increasing NaCl concentration from 1 to 10%, mobility of the generated foam as calculated using pressure drop data was reduced by 80% while for CaCl2 brine, the mobility reduction with increase in divalent ions concentration was around 75% (Fig. 4). After one week, more than two-third of the generated foam volume remained stable for 10% NaCl nanofluid while all the foam was collapsed in the case of 1% NaCl nanofluid. Their study showed a more pronounced effect of divalent ions (Ca2+) compared to monovalent ions (Na+) on CO2 foam formation and stability as 10% NaCl and 1% CaCl2 generated foams with similar mobility, consistency, and stability. The adsorption tendency of NPs at the gas-water interface is increased by the compaction of the electric double layer around the NPs surface and gas-water interface in a high salinity environment, causing changes in interfacial contact angles (Kostakis et al., 2006). An increase in contact angle by increasing brine salinity was observed by Binks et al. (2007) because of reduced repulsion between adjacent silanol groups. This phenomenon makes the NPs more hydrophobic in nature and generates highly stable CO2 foams because of an increase in NPs adsorption energy at the CO2/water interface (Churaev and Derjaguin, 1985). However, there exists a threshold salinity beyond which NPs start to agglomerate. San et al. (2017) observed a continuous increase in pressure drop across the core while injecting 15% NaCl silica nanofluid/CO2 and lower than 80% concentration of NPs in the effluent, indicating NPs agglomeration and plugging of the rock.
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Fig. 4. Effect of (a) Monovalent ions, and (b) Divalent ions concentration on NPs-stabilized CO2 foam mobility (San et al., 2017).

4.1.3.	Effect of nanoparticles’ hydrophobicity/surface modification

Different researchers produced CO2-in-water and water-in-CO2 emulsions and foams stabilized using functionalized or surface-modified nanoparticles (Adkins et al., 2007; Dickson et al., 2004; Golomb et al., 2004, 2006). Worthen et al. (2012) performed glass-bead column tests to generate CO2 foams using different stabilizers including specially designed hydrophobic silica NPs, polymer-coated NPs, and nonionic surfactant. A capillary viscometer was used to measure foam viscosity. The foam stability was assessed visually in a high-pressure observation cell. The results indicated that silica NPs with an optimum hydrophobicity (50% SiOH) were able to strongly adsorb on the CO2-water interface without being solvable in CO2 and generate highly stable, dense white CO2 foams which were almost 100% stable after 23 h.
Despite being initially viscous, the foams produced with polymer-coated NPs were stable only for short times and collapsed completely after 20 h due to the smaller size of NPs and poor association of polymer chains with CO2. The surfactant-stabilized CO2 foams, on the other hand, destabilized quite quickly because of continuous movement of surfactant molecules across the interface and 40% of the generated foam was collapsed after 22 h as estimated based on foam height. The higher stability of foams generated using 50% SiOH NPs in contrast to polymer-coated NPs can be explained in terms of particle size. As previously discussed, the adsorption energy of 150 nm sized 50% SiOH NPs would be almost 900 times higher compared to 5 nm sized polymer-coated NPs while keeping other parameters constant in Equation (1). Such high adsorption energy makes particles irreversibly attached to the CO2- water interface and provides long-term stability to the foams (Binks, 2002). These adsorbed NPs at the interface act as a physical barrier and prevent the foam bubbles from coalescence, thereby slowing down the foam disintegration (Hunter et al., 2008). Surfactant molecules, on the other hand, keep on entering and leaving the interface, making the foams less stable (Adkins et al., 2010a).
The effect of the degree of hydrophobicity of silica NPs on CO2 foam generation and stability was also studied by Yu et al. (2014). Silica NPs with three different extents of hydrophobicity were used, namely AS-silica - strongly hydrophilic, C-silica - intermediate hydrophilic, and AW-silica - slightly hydrophobic. The results showed an increase in foam volume and a finer foam texture with increasing particle hydrophobicity. The apparent gas viscosity of CO2 foam generated with AW-silica NPs was increased by 54%, compared to the CO2-water system, which was the maximum apparent viscosity among the three types of NPs studied (Fig. 5).
 

 [image: Image of Fig. 5]

Fig. 5. NPs-stabilized CO2 foam apparent viscosity as a function of particle's degree of hydrophobicity (Yu et al., 2014).


4.1.4.	Effect of injection rate
The normal practice to generate CO2 foam in dynamic conditions is by co-injecting supercritical CO2 gas and dispersed nano-fluid into the reservoir (Adkins et al., 2010a; Worthen et al., 2013a). Total injection rate is a critical factor in addition to NPs concentration that affects the CO2 foam formability and mobility (de Vries and Wit, 1990; Khatib et al., 1988; Lee et al., 1991). Yu et al. (2012a) generated dynamic silica NPs stabilized CO2 foam by conducting glass-bead pack flooding tests and analyzed the properties of the generated foam such as apparent viscosity and mobility by visual inspection through a sapphire tube. A critical injection rate of 3 cc/ min was found to be required for a stable foam generation and an oscillating pressure drop trend was observed probably due to forming and breaking of CO2 foam bubbles during flow through porous media. The apparent viscosity of the nanoparticles- stabilized CO2 foam was almost 1.5-2.5 times more whereas the foam mobility was reduced by 8-10 folds compared to the foam without NPs.

4.1.5.	Effect of temperature

San et al. (2017) investigated the effect of temperature on NPs- NPs-stabilized CO2 foam characteristics and observed a reduction in foam stability with increasing temperature. As the temperature increased from 25 ͦC to 65 ͦC, the foam lifetime reduced by almost
90% while foam mobility increased by 58% (Fig. 6). The effect of temperature on foam lifetime and mobility was more significant for an increase in temperature from 25 ͦC to 40 ͦC compared to when temperature increased from 40 ͦC to 65 ͦC. 
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Fig. 6. Effect of temperature on NPs-stabilized CO2 foam mobility (San et al., 2017).

Sharma et al. (1985) also concluded similar findings that the half-life of the foam is consideredably decreased by increasing the temperature from 20 ͦC to 40 ͦC while it changed very slightly with a further increase in temperature to 80 ͦC. With increasing temperatures, the drainage rate increases, and the rate of coarsening also increases because of the higher permeability of foam films to gas which leads to enlargement of foam bubbles and ultimate collapse of foam (Farajzadeh et al., 2009; Kapetas et al., 2016; Saint-Jalmes, 2006).

4.2.	Incremental oil recovery by NPs-Stabilized CO2 foams

Several lab-scale experimental studies have been conducted to analyze the effect of using NPs as foam stabilizers on oil recovery. Generally, a higher incremental oil volume is recovered by a stabilized CO2 foam injection compared to traditional CO2/brine flooding. A detailed study of NPs-stabilized CO2 foam for enhanced oil recovery was conducted by Fu et al. (2018) in which silica NPs were used as stabilizing agents and coreflooding experiments were performed on Berea sandstone samples. The objectives of this study were to investigate NPs capability of generating stable CO2 foams while flowing through porous media in presence of oil and reducing residual oil saturation after waterflooding. The performance of NPs-generated CO2 foam was also evaluated as a function of pressure and temperature. Fig. 7 shows a schematic of the experimental setup used in this study to generate silica NPs- stabilized CO2 foam which consisted of two syringe pumps connected to two accumulators containing dispersed nanofluid and supercritical CO2.
The pumps were used to inject the fluids into the core. Co-injection and mixing of the fluids into the core sample created a high shear force, making the NPs to be adsorbed at the CO2-water interface and generate stable foams. A differential pressure transducer was used to measure and record the pressure gradient across the core. To study the generated foam properties such as stability and consistency, a sapphire visual cell was used and the temperature was regulated by placing the whole setup, excluding the pumps, in an air bath. The same setup was modified for residual oil recovery by removing the sapphire observation tube and connecting a gas-oil separator at the outlet of the core holder. The CO2 foam generated using silica NPs resulted in 3e6% more residual oil recovery compared to the case without NPs for the same PVs injected. Around 12% higher residual oil in terms of waterflood residual oil was recovered by NPs-CO2 formulation after increasing the pressure by 1300 psi (Fig. 8a) which can be credited to the improved foam stability with increasing pressure, providing better sweep and frontal displacement. Similar results have also been reported in other studies (Liu et al., 2005; Yu et al., 2012b). Regarding the temperature effect on residual oil recovery by NPs- stabilized CO2 foam, it was observed that the residual oil recovery decreased by 10% when the temperature increased by 35 ͦC (Fig. 8b). This decrease in oil recovery is caused by reduced CO2 foam stability with increasing temperature which is also supported by other studies in the literature (Liu et al., 2005; San et al., 2017). Rognmo et al. (2018) studied and compared the efficiency of supercritical CO2 foam stabilized using surface-modified silica NPs and a surfactant alcohol ethoxylate (C12eC16) to improve oil rerecovery by conducting corefloods on Bentheimer sandstone outcrop cores. The NPs-stabilized foam remained stable while displacing oil, as confirmed by 3e5 times more pressure drop during co-injection of CO2 and NPs in contrast to injecting CO2 without foam stabilizer. Furthermore, 2 times higher incremental oil recovery was obtained by injecting NPs-CO2 foam in tertiary injection mode after water flooding compared to co-injection without NPs. An interesting observation was that by increasing NPs concentration from 1500 ppm to 5000 ppm, the incremental oil recovery did not increase considerably. However, the increase in oil production started earlier after injecting 0.1 pore volume (PV) for 5000 ppm nanofluid case while oil production increased after injecting 0.5 PV of 1500 ppm NPs-CO2 foam. This comparison shows a lag or hysteresis of foam generation due to the adsorption of NPs on the rock surface. Fig. 9 shows the comparison of incremental oil recovery and average pressure gradient for the CO2/brine, 1500 ppm, and 5000 ppm NPs-stabilized CO2 foam. The performance of NPs to stabilize CO2 foam was also assessed in secondary injection mode where co-injecting NPs and super-critical CO2 provided around 15% higher incremental oil recovery compared to the base case of CO2-brine co-injection (Rognmo et al., 2018). The breakthrough of CO2 was also delayed in the presence of NPs, indicating an active foam generation process in-situ which resulted in a favorable mobility ratio and enhanced volumetric sweep efficiency.
In a comparative study by Bayat et al. (2016), the performance of different NPs to stabilize CO2 foams and improve oil recovery was analyzed. The NPs studied were silica (SiO2), alumina (Al2O3), copper oxide (CuO), and titanium dioxide (TiO2). To assess foam stability and half-life as a function of NPs type and concentration, the nanofluid dispersions were introduced in a chromatography column and CO2 was flowed through the nanofluids at a rate of 10 cc/min to generate foams. In addition, the average bubble size of generated foams was determined on a bubble scale by using a Hele- Shaw cell and conducting microscopic analysis. The oil recovery performance of different NPs-stabilized foams was evaluated by conducting coreflood tests on quartz porous media. Fig. 10 shows the experimental setup used by Bayat et al. (2016). The results showed that irrespective of the NPs type, an optimal NPs concentration of 0.008 wt% was required to achieve the maximum CO2 foam stability. Furthermore, silica NPs yielded the most stable foam with a half-life of 28.1 min (Fig. 11a). Based on the results, the NPs can be arranged in the following order of CO2 foam stability.
SiO2 > Al2O3 > TiO2 > CuO
This trend can be related to the higher interaction energy of silica NPs which results in higher inter-particle repulsive forces, thereby increasing dispersion stability and resulting foam half-life. The average foam bubble size as obtained from image analysis was found to be 25-50% smaller for silica NPs-generated CO2 foams compared to other NPs. The oil displacement tests also revealed similar results that the highest ultimate oil recovery of ~72% was obtained by silica NPs-stabilized CO2 foam while alumina NPs provided the second-highest ultimate oil recovery of ~66%.
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[image: Image of Fig. 8]Fig. 7. Schematic of the set-up used for NPs-stabilized CO2 foam generation and residual oil recovery (Fu et al., 2018).

Fig. 8. Effect of (a) Pressure, and (b) Temperature on residual oil recovery by NPs-stabilized CO2 foam injection (Fu et al., 2018).

Fig. 11b presents the incremental oil recoveries and residual oil saturation at the end of NPs-CO2 foam flooding for each NPs type used in the study. The foams generated using TiO2 and CuO nanoparticles yielded comparable ultimate recoveries of 58% and 57%. The residual oil saturation in the sand pack after NPs-CO2 foam flooding was also the lowest for silica NPs (28%) whereas it was highest in the case of CuO NPs (41%). Although all types of NPs were successful in generating stable foams and recovering oil, the best performance was exhibited by silica NPs.
Table 3 summarizes more studies from the literature showing the EOR potential of NPs-stabilized CO2 foams. The research shows nanoparticles are promising in generating quite stable foams even in the presence of oil and can potentially recover higher oil volumes compared to CO2-brine flooding. Nanoparticles-stabilized CO2 foams have shown encouraging results in several laboratory-scale studies. However, further research is required to make this approach economically applicable on pilot and field scales.
Research shows that low-cost NPs, such as bare silica, as well as NPs with a high degree of hydrophobicity or hydrophilicity, are not efficient foam stabilizing agents because of being less adhesive to the CO2-water interface (Fameau and Salonen, 2014; Stocco et al., 2011). As a result, specially designed and surface-modified NPs are required to achieve desired foam strength and stability, which can potentially increase project economics (Zhang et al., 2021). Karakashev et al. (2011) observed no foam generation by NPs as nanoparticles were unable to cause a considerable reduction in gas- water IFT. NPs tend to agglomerate and plug the cores under harsh reservoir conditions such as high salinity and temperature and thus can create injectivity issues (Ehtesabi et al., 2015; Sun et al., 2017). High salt concentration causes the screening effect of electrical double layers and reduces particle-particle repulsion, which results in NPs agglomeration. Similarly, the number of collisions of NPs increases by increasing temperature, making the particles to aggregate (Hashemi et al., 2012). The environmental effects of NPs are  also  still  not  well  understood,  limiting  their  practical applications in the oilfields (Bakshi et al., 2015).
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Fig. 9. Comparison of (a) Oil recovery, and (b) Pressure gradient showing higher incremental oil production by NPs-stabilized CO2 foam injection (Rognmo et al., 2018).
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Fig. 10. Experimental setup used for (a) NPs-CO2 foam generation and stability analysis, (b) Foam bubble size estimation, and (c) Coreflooding tests (Bayat et al., 2016).
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Fig. 11. (a) NPs-stabilized CO2 foams' half-life and (b) Incremental oil recovery and residual oil saturation as a function of NPs type.

Table 3. Some studies showing improvement in oil recovery by NPs-stabilized CO2 foam.
[image: ]

5.	Surfactant-nanoparticles assisted CO2 foam flooding

Surfactants are often used to increase the dispersibility and stability of nanofluids. By adding certain surfactants to nanofluids, the degree of NPs aggregation can be considerably reduced because of reduced inter-particle interactions due to adsorption and coating of surfactant molecules onto NPs surfaces (AttarHamed et al., 2014; Kvítek et al., 2008). The synergetic mechanisms of surfactants and NPs on the CO2-water foam generation and stability are not yet investigated in detail. Table 4 summarizes some foam-stabilization studies using surfactant, nanoparticles, and hybrid formulation using both.

5.1.	Synergetic mechanisms of surfactants and nanoparticles

IFT reduction by surfactants (Shaw, 1980), rearrangement of the NPs caused by a change in interfacial contact angle due to surfactant adsorption (Hunter et al., 2008; Vignati et al., 2003; Wang et al., 2004), and improved interfacial rheology because of long inter-locked surfactant chains between NPs (Adkins et al., 2010b; Farhadi et al., 2016; Kaptay, 2003), are the potential mechanisms responsible for better formability and foam stability in presence of NPs and surfactants mixture. The synergetic benefits of using both surfactants and NPs as foam stabilizing agents also come from the higher foam stability and longer lifetime of foams in presence of adsorbed NPs at the gas/water interface, as schematically shown in Fig. 12.

5.2.	Foamability and stability of surfactant-NPs-stabilized CO2 foam

The utilization of nanoparticles and surfactants to stabilize CO2 foam for an EOR application was studied by Guo and Ariana (Guo and Aryana, 2016) and an improvement in incremental oil recovery was observed using the new stabilized foam. The formability of the CO2 foam and its dynamic stability were measured as a function of time to characterize the foam. The factors affecting the stability and viscosity of CO2 foam including nanoparticles type, size, type of surfactant, and pressure applied to generate foam were analyzed, and the best combination was selected. Based on bulk foam tests and microfluidic foam density study, the best results in terms of foam stability, formability, and viscosity were obtained for a combination of silica nanoparticles and nano clay with a mixture of alpha-olefin sulfonate (AOS) and lauramidopropyl betaine (LAPB) surfactants. This combination of NPs and surfactants provided the maximum absolute stability as measured by the half-life of the generated CO2 foam which was around 210 min. Almost 9 months of a lifetime was reported by Martinez et al. (2008) for N2 foam stabilized using silica NPs dispersion. Adkins et al. (2007) compared stability of CO2 foam stabilized using a combination of silica NPs and surfactants with the foam stabilized using a surfactant alone.

Table 4. Studies showing foam stabilization using surfactants, NPs, and a combination of both.
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Fig. 12. Foam stabilization mechanisms of combined surfactant-NPs generated foam (Panahpoori et al., 2019).

The surfactant-NPs stabilized foam remained stable and experienced no bubbles coalescence over several days while the foam stabilized using surfactant destabilized very quickly with the bubbles coalescing within 3-4 h. 
Worthen et al. (2015) performed a comprehensive study for CO2 foam stabilization using functionalized silica nanoparticles at various scales including NPs stability and injectivity tests, foam generation by co-injection of nanofluid and CO2 in both glass-beads columns and reservoir cores, assessment of foam viscosity improvement, and finally a numerical simulation modeling of NPs- assisted CO2 foam flooding at field scale. The surface-modified NPs injectivity tests showed very low retention in the porous media when flowed through a Boise sandstone core. The NPs-stabilized CO2 foams were generated in the glass-beads columns of 1.2 and 22 Darcies permeability and for two concentrations of NPs i.e., 0.5% and 1%. All the generated foams were white with a maximum viscosity of 10 cp against a shear rate of 90 s-1 irrespective of the permeability and NPs concentration. The synergy of adding LAPB surfactant to NPs-stabilized foam was also evaluated and a 1-2 orders of magnitude increase in foam viscosity was observed compared to foams stabilized using only NPs (Fig. 13). This can be attributed to the stronger adsorption of NPs at the CO2-water interface due to attraction between oppositely charged surfactant molecules (positive charge) and NPs (negative charge), enhancing the stability of generated foam (Worthen et al., 2013b).
After successful generation and transportation of NPs-stabilized foam in columns by Worthen et al. (2015), the foams were generated in the Boise sandstone cores for three concentrations of NPs (0.1%, 0.5%, and 1%). The maximum increment in apparent foam viscosity was around 95% for 1% NPs concentration at a shear rate of ~680 s-1 when compared to the base case without using NPs. The pressure drop profiles along with the core demonstrated successful generation and propagation of the foam through the cores.
Silica NPs and anionic surfactants were used in a study by Singh et al. (Singh and Mohanty, 2015) in 2015 to improve foam stability in both the bulk phase and porous media. The design included evaluating static foam stability with surfactants and with silica NPs-surfactant with nitrogen gas scenarios in the absence and presence of crude oil, analyzing the surfactant-foam lamella with fluorescence microscopy, and controlling mobility in sandstone cores during oil displacement experiments. The foam half-life without using NPs was 48 h which increased to 68 h and more than 4 days by adding 0.1 wt% and 0.3 wt% nanofluids, respectively, as shown in Fig. 14. The addition of 0.3 wt% of nanoparticles improved the foam stability and reduced mobility by twofold. The results demonstrated that silica nanoparticles had very low retention, which enabled long-distance propagation in porous media without causing formation damage.
Razali et al. (2018) proposed the use of hydrophilic and hydrophobic nanoparticles in the presence of a low surfactant concentration to improve foam stability. The effects of SiO2, ZnO, and TiO2 NPs on foam stability in the presence of light crude oil at high temperatures of 110 ͦC were assessed. The surfactant concentration was kept constant at 0.5 wt%, while the NPs concentration was changed between 0.1 and 0.2 wt% in synthetic seawater in the presence of crude oil. The solution was stirred magnetically and ultrasonicated for 30 min to get a stable dispersion. Each sample's stability was tested visually and using the half-life method over several days. A viscometer was used to measure the viscosity of each sample at temperatures ranging from 25 ͦC to 80 ͦC.
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Fig. 13. Apparent surfactant-CO2 foam viscosity with and without NPs (Worthen et al., 2015).
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Fig. 14. Foam height as a function of 0.5 wt% surfactant and different concentrations of NPs (Singh and Mohanty, 2015).

The best among all was hydrophilic silica NPs, which considerably improved the foam half-life twice as much as the surfactant alone (Fig. 15). On the contrary, the application of ZnO NPs reduced the foam half-life compared to the base case due to the reduced catalytic behavior. The size of foam bubbles was found to be more homogeneous in the presence of silica NPs, and liquid drainage was delayed due to the complex formation of silica chains. The addition of 0.15 wt% silica NPs boosted the foam's viscosity from 4.38 cp to 10.01 cp at ambient conditions, enhancing its stability with a half-life of 367 s. Similarly, Babamahmoudi et al. (Babamahmoudi and Riahi, 2018) 2018 utilized silica NPs and anionic surfactant sodium dodecyl sulfate (SDS) and found an adequately dispersed solution with foam. It was noticed that combining nano-silica with SDS improved the foamability and stability of the solution by increasing the relative foam height by almost 25% (Fig. 16). Foam stability, on the other hand, deteriorated as oil saturation increased.
The stability and characteristics of foam were improved by increasing oil viscosity. In this work, three oils with viscosities and surface tensions ranging from 1.17 to 627 cp and 22-30.93 mN/m were used. This study employed 0.1 wt% silica NPs and a Critical micelle concentration (CMC) of 1 wt% for SDS. When compared to light oil, high viscosity oil was less damaging to foam, resulting in larger average bubble sizes and faster-rising velocity.
In another study, Panahpoori et al. (2019) investigated the influence of varying concentrations of TiO2 NPs (0.01-0.1 wt%) on foam  stability  in  the  presence  and  absence  of  cetyltrimethylammonium bromide (CTAB) surfactant by using nitrogen gas for foam generation. CMC, pH, contact angle, interfacial tension, zeta potentials, NPs size, and solution absorbance measurement were taken to evaluate the performance of the proposed hybrid method to enhance foam stability in the bulk phase. The CMC for CTAB was found to be 0.03 wt%. According to conductivity results, the maximum adsorption onto 0.03 wt% nanoparticles was found with 0.03 wt% CTAB which was kept constant for all experiments. Recently, Rezaei et al. (2021a) presented a promising idea of a stabilized N2 foam in a combination of silica NPs and three different surfactants under various temperatures and salinities. The effect of NPs and brine salinity was examined, and foam stability was evaluated with time. They investigated the stability of foam considering anionic, cationic, and amphoteric surfactants such as Cocamidopropyl Betaine (CAPB), linear alkylbenzene sulphonic acid (LABSA), and CTAB, respectively under a nitrogen gas environment. Experimental results showed that the application of CAPB surfactant in a hybrid approach provided the highest stability as compared to the other two surfactants. It was found that increasing salinity enhances the stability of foam, however, high salinity limits the application of nanoparticles as agglomeration starts due to high attractive forces in the system.
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Fig. 15. Surfactant-CO2 foam half-life as a function of NPs type (Razali et al., 2018).
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Fig. 16. Foam stability with and without silica NPs (Babamahmoudi and Riahi, 2018).

The best combination of 0.05 wt% CAPB +0.1 wt% silica NPs + 5 wt% NaCl was found that aided to form 2-3 times more stable foam in comparison to using other mentioned surfactants under similar conditions. Experimental results demonstrated that CAPB generated a stable foam till 50 ͦC, and then its stability decreased with an increase in temperature. However, when the temperature reached 70 ͦC, the CTAB surfactant showed excellent results as compared to CAPB and LABSA due to the high hydrophilic- lipophilic balance (HLB) value of CTAB molecules which makes them more soluble at high temperatures.

5.3.	Improvement in oil recovery by surfactant-NPs-stabilized CO2 foams

Al Yousef et al. (AlYousef et al., 2017a) explored the synergistic effect of nanoparticles and a surfactant to produce a stable and resilient foam that controlled CO2 gas mobility in porous media. To test the ability of foam to improve oil recovery, two experiments were carried out: one without nanoparticles and the other with nanoparticles. They utilized an anionic surfactant comprising of alpha-olefin sulfonate, isopropyl alcohol, and citrus terpenes and recovered 6.5% of OOIP with a maximum pressure drop of 7.5 psi in a co-injection surfactant injection setup as shown in Fig. 17. In comparison  to  surfactant  alone,  a  dispersed  mixture  of functionalized silica NPs and surfactant were able to produce 9.76% of OOIP providing 3.26% additional oil recovery with a maximum pressure drop of 17 psi. This additional oil recovery was attributed to the utilization of silica NPs which reduced the gas mobility and increased foam viscosity. The influence of temperature was also studied, and it was observed that increasing the temperature from 25 to 50 ͦC had a negative impact on foam stability, resulting in a decrease in viscosity and a reduction in system pressure drop.
In another study, Zhao et al. (2021) utilized silica NPs of varying hydrophobicity with aerosol-OT (AOT) surfactant to enhance the stability of CO2 foam. Their results revealed that hydrophobic NPs are far more efficient than hydrophilic NPs at creating and stabilizing CO2 foam. Experiments on oil recovery were carried out in an oil-wet micromodel having channels of high permeability to simulate wormholes in unconsolidated sandstones. The experiments used two oil samples having different viscosities, called Type-I (215 cp) and Type-II (1850 cp). The NPs stabilized CO2 foam resulted in an additional oil recovery following the waterflooding by 22.4% for Type-I and 21.9% for Type-II oil as compared to the only foam flooding which provided a recovery of 13.8% and 16.2% for Type-I and Type-II oils, respectively as indicated in Fig. 18. Highly stable foam, emulsification, water/oil IFT reduction, and wettability modification all contributed to the increased oil recovery.
Similarly, the oil recovery tests were conducted by Guo and Ariana (Guo and Aryana, 2016) for various designs of NPs-surfactant-CO2 foam using a 2D microfluidic device, and the highest incremental oil recovery of 95% of original oil in place (OOIP) was obtained by the CO2 foam generated using silica NPs together with a mixture of AOS and LAPB surfactants. The study showed higher stability of CO2 foams produced by a combination of surfactants and NPs.
In a comprehensive experimental and modeling study of Worthen et al. (2015), oil displacement tests were performed by injecting already generated foam into Boise sandstone cores having residual oil saturation (Sor) of 30%. Four different scenarios were investigated including NPs-stabilized CO2 foam injection, liquid CO2 flooding, injection of 1 pore volume (PV) slug of NPs-stabilized CO2 foam, and CO2/brine flooding. The apparent viscosity results indicated 3 times and 30 times reduction in mobility by NPs- stabilized CO2 foam compared to CO2/brine flooding and liquid CO2 flooding, respectively. Almost 24% reduction in Sor was observed for all scenarios however the NPs-stabilized CO2 foam injection resulted in the additional benefit of mobility control and stable oil bank displacement. The results obtained from different stages were used to develop a mathematical model which was then incorporated into a numerical simulator to check the effectiveness of NPs-assisted CO2 foam flooding on a reservoir scale. 
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Fig. 17. Oil recovery comparison of (a) Surfactant-stabilized and, (b) Surfactant-NPs-stabilized CO2 foam flooding (AlYousef et al., 2017a).
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Fig. 18. Oil recovery comparison for surfactant-stabilized CO2 foams in the presence and absence of NPs (Zhao et al., 2021).

High and low permeability layers were introduced in the reservoir model to capture the front advancement accurately and to compare the NPs- stabilized foam flooding scenario with CO2/brine flooding. The model results depicted a more stable front displacement and an improved sweep efficiency in the case of CO2 foam generated using NPs. Hence, the results of their study showed that this technique has a huge potential for pilot and large-scale field applications, especially in heterogeneous formations.
Singh et al. (Singh and Mohanty, 2015) utilized three types of crude oils with different viscosities ranging from 9 to 382 cp. Coreflood results showed around 10% incremental oil recovery by surfactant-NPs stabilized foam blend. Nanoparticles remained lodged in lamellas, delaying liquid drainage and the merging of bubbles. In the work of Panahpoori et al. (2019), compared to distilled water injection, the given combination of nano-CTAB + N2 gas foam injection into an oil-saturated core resulted in an additional 32% oil recovery. This was due to the use of nanoparticles, which improved foam stability and altered rock wettability.
The research conducted by Risal et al. (2019) looked at the combined effects of surface-modified SiO2 NPs and SDS on the stability and pore-blocking capabilities of foams in a homogeneous glass-bead pack. Foam flow increased the pressure drop indicating the foam stability with blocking of pore space. Surface-modified silica NPs-stabilized foam performed excellently, recovering up to 18% of the remaining oil. Foam flooding was also carried out by Rezaei et al. (2021a) at 25 ͦC to quantify the performance of foam in carbonate core samples with silica nanofluid as an aqueous phase. Initially, synthetic seawater was injected at a constant rate of 1 cc/ min, and later surfactant-nano stabilized foams prepared with different surfactants were injected, and a maximum of 41% ultimate oil recovery was obtained by using CAPB while LABSA provided the lowest oil recovery of 28.6%. Furthermore, tests indicated that the presence of oil was detrimental to foam stability especially under the application of surfactants having a low HLB. When the oil saturation in the core was high, the viscosity of the foam remained low. The viscosity of foam gradually increased when the oil saturation was reduced by injecting more foam, and CAPB-SiO2 NPs stabilized foam gave the best stability in terms of increased displacing phase viscosity, resulting in excellent sweep efficiency. Table 5 presents some more experimental studies showing the effectiveness of hybrid surfactant-NPs-stabilized CO2 foams for improved oil recovery from both sandstones and limestones. Hence, such foams have huge potential to recover residual oil while ensuring sufficient sweep efficiency from heterogeneous oil reservoirs.
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Table 5
Studies showing incremental oil recovery by surfactant-NPs-stabilized CO2 foam.
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5.4.	Recommended methodology for field pilot design of surfactant-NPs-stabilized CO2 foams

Once an optimum nanoparticle and surfactant are designed for a certain reservoir based on preliminary testing such as NPs stability in the target brine, phase behavior studies, NPs-surfactant compatibility tests, bulk foam experiments, and foam rheology testing, a stepwise experimental design procedure should be followed for field trials of NPs-surfactant stabilized CO2 foam flooding. The first step involves screening of most stable NPs-surfactant solutions through colloidal stability studies (Kim et al., 2015). The screened dispersions are then passed through injectivity testing to ensure flow through reservoir rock with minimum retention. The foam generation is first carried out in glass-beads columns and then corefloods are conducted with reservoir cores for a feasibility study (Espinosa et al., 2010; Worthen et al., 2013a). A schematic of the coreflood set-up most commonly used to generate CO2 foams and evaluate oil recovery potential is shown in Fig. 19. The core-scale modeling is performed using data from columns and coreflood tests and the final history-matched model is up-scaled to field level to design a pilot field test (Prigiobbe et al., 2016).
 
6.	Conclusion

This paper presented a comprehensive review of CO2 foams stabilization with the aid of surfactants, NPs, and a combination of both. Miscible CO2 flooding has a huge potential to improve residual oil recovery, but it results in an inefficient sweep efficiency. CO2 foam flooding is an alternative to overcome mobility control issues by increasing the viscosity of the foam. However long-term stability of foams in the reservoirs is a challenge. Surfactant- stabilized foam flooding has been used to improve oil recovery from oil reservoirs by controlling displacing phase mobility. However, it is challenging to make a stable foam and keep it stable in porous media in the presence of oil. NPs have been widely used as emulsifiers and stabilizers for foams and emulsions because of their high adsorption energy, excellent surface properties, and their ability to irreversibly attach at the fluid-fluid interface. An overview of foams stabilized by both surfactants and NPs has revealed that NPs-surfactant-stabilized CO2 foams are almost 2 to 20 times more stable compared to the foams stabilized using only NPs or surfactants. The increase in foam viscosity can lead to enhanced oil recovery from oil reservoirs and if this hybrid technique is optimized and deployed effectively, the rise in foam viscosity might lead to increase oil recovery from oil reservoirs due to synergy between NPs and surfactants.
It is concluded based on our review that NPs-surfactant stabilized CO2 foams are promising EOR agents however a more extensive study is required for their field implementation since actual reservoir conditions of temperature, salinity, and operating pressure can significantly affect the activity of NPs and surfactants as foam stabilizers. The effect of crude oil presence on the stability of such hybrid foams needs to be studied in more detail as well as the capability of these foams to recover residual oil.
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A B S T R A C T 

Secure long-term storage of carbon dioxide (CO2) in saline aquifers requires a clear understanding of how reservoir conditions and geochemical reactions influence rock properties and trapping mechanisms. While the individual effects of wettability, temperature, and salinity have been examined, their combined impact, particularly under varying wettability states where hysteresis controls phase behavior, remains insufficiently quantified. This study employs reactive transport modeling to assess the effects of temperature (50–90 ͦC), salinity (70,000–210,000 ppm NaCl), and wettability on CO2 mineralization, dissolution, and capillary trapping in carbonate-rich formations. Geochemical reactions involving calcite, kaolinite, and anorthite are modeled using transition state theory, while water-wet and mixed-wet conditions are represented through relative permeability and capillary pressure curves that capture wettability-dependent flow behavior. Mineralization increases from ~4.4 × 10 to ~ 1.3 × 10 mol in mixed-wet systems from 50 C to 90 C, while capillary trapping decreases from~ 67 % to ~ 54 % (water-wet) and ~ 48 % to ~ 36 % (mixed-wet), and dissolution rises to > 30 %. At 90 ͦC, increasing salinity shifts CO2 plumes from vertically elongated, dissolution-dominant (~36 %) in mixed-wet to laterally confined, capillary-dominant (~82 %) in water-wet systems, governed by hysteresis (0.2 vs. 0.35). Calcite precipitation declines by ~ 22 % (water-wet) with temperature and by ~ 14 % with salinity, while kaolinite precipitation triples and anorthite dissolution varies from - 25 % to + 90 % depending on wettability.
Over 60 years, porosity and permeability increase modestly by ~ 0.36 % and ~ 1.22 %. These findings clarify how wettability-driven interfacial dynamics influence mineralization and phase trapping, providing mechanistic guidance for optimizing CO2 storage performance across diverse reservoir settings.

1.	Introduction

Geological storage of carbon dioxide (CO2) in deep saline aquifers is a widely studied and technically viable method for mitigating anthropogenic carbon emissions [1 2]. The long-term security of injected CO2 depends on a combination of trapping mechanisms: capillary trapping, which immobilizes CO2 in pore spaces [3]; solubility trapping, where CO2 dissolves into brine [4]; and mineral trapping, where dissolved species react with the host rock to form stable carbonate minerals through geochemical reactions [5].
 Among the key factors controlling CO2 trapping mechanisms, wettability, temperature, and salinity are particularly influential. Wettability dictates flow pathways and residual CO2 saturation, often represented through hysteresis in relative permeability curves [6]. In general, water-wet systems enhance CO2 trapping within pore spaces, whereas a shift toward less water-wet or CO2-wet conditions can markedly reduce efficiency [7]. For instance, a reduction of nearly 40 % in capillary trapping was reported when wettability shifted from water-wet to CO2-wet conditions [8]. However, contrasting pore-scale observations [9] suggest that mixed-wet conditions may actually increase CO2 trapping and promote more effective dissolution in brine.
Al-Khdheeawi et al. [10] found that altering wettability from strongly water-wet to CO2-wet led to about a 10 % increase in CO2 dissolution, attributed to improved CO2 mobility and greater interfacial contact between phases [11]. Similarly, Fathy et al. [12] demonstrated that such conditions enhanced dissolution trapping and linked this effect to increased mineralization potential. Recent experimental work by Tan et al. [13] further highlighted that nanoparticles can significantly alter wettability during CO2–brine–rock interactions, enhancing residual trapping and influencing migration pathways. Their results showed that SiO2 nanoparticles shifted carbonate rock surfaces from oil-wet to more water-wet states under supercritical conditions, thereby improving CO2 solubility and intensifying geochemical interactions. This approach may also be promising for other novel nanoparticles developed in recent studies [14–19], which, although originally designed for different applications, may demonstrate potential for enhancing CO2 trapping through wettability modification and strengthened rock–fluid interactions. These findings collectively emphasize that wettability not only determines fluid distribution but also governs the extent of dissolution and mineralization, emphasizing its importance for evaluating long-term CO2 storage.
Beyond wettability, temperature also plays a complex role in shaping trapping behavior. While Niu et al. [20] reported that, within a typical reservoir range of 25–50 ͦC, temperature had little effect on capillary trapping in water-wet sandstone, other studies suggest more nuanced outcomes. Abbaszadeh et al. [21] found that injecting CO2 at temperatures above formation levels (19–41 ͦC) can alter wettability toward more CO2-wet behavior, steepening relative permeability curves and weakening capillary barriers, potentially enhancing CO2 migration and dissolution. Tabrizinejadas et al. [22] showed that accounting for the geothermal gradient (20–70 ͦC) intensifies thermohaline fingering, increasing plume-front mixing and total dissolved CO2. Similarly, Tang et al. [23] demonstrated that raising the temperature (35–75 ͦC) increases the Rayleigh number, resulting in earlier onset of density-driven convection and a higher dissolution rate. El-Maghraby et al. [24] also confirmed that increasing temperature from 33 ͦC to 50 ͦC and 70 ◦C enhances CO2 solubility in water due to improved convective mixing. Rahmani et al. [25] reported that, over a temperature range of 35–175 ͦC, approximately 98–99 % of magnesium ions were converted into magnesium carbonate when temperatures exceeded 150 ◦C, likely due to temperature impacts on CO2 solubility and carbonation rates. Similarly, Chen et al. [26] observed increased magnesite precipitation as temperature rose from 25 ͦC to 150 ͦC.
Salinity is another key parameter that exerts a direct, quantifiable, and mechanism-specific influence on CO2 trapping efficiency. Al- Khdheeawi et al. [27] reported a reduction in residually trapped CO2 when salinity was increased from 2,000 to 200,000 ppm, attributed to enhanced CO2 mobilization under higher ionic strength conditions. Shahid et al. [28], testing salinities ranging from 6,000 to 300,000 ppm, observed improved pore-scale CO2 trapping in a glass micromodel at lower brine salinity, confirmed by the formation of larger CO2 clusters.
However, Zhang et al. [29] observed the reverse effect, showing that an increase in brine salinity can enhance residual trapping under certain conditions. Edem et al. [30] found that CO2 immobilization via capillary trapping peaks at intermediate salinity levels (10–20 wt%) and decreases at very high salinity, with the effect being more obvious in brines containing divalent cations. Kinate et al. [31] showed that higher brine salinity reduces CO2 solubility but increases structural trapping, as shown by larger gas caps and fewer dissolved moles at 100,000–300,000 ppm. Similarly, Pasdar et al. [32] found that among various reservoir parameters, salinity had the most significant influence on CO2 dissolution in Alberta Basin aquifers, surpassing the effects of temperature and pressure. Setiawan et al. [33] also demonstrated that CO2 dissolution significantly decreases at higher salinity levels, such as 200,000 ppm NaCl, due to the salting-out effect, which limits the amount of CO2 entering the aqueous phase. Building on this, Fathy et al. [34] reported a substantial decrease in the amount of mineralized CO2 as salinity increased from 106,069 ppm to 170,000, 240,000, and 310,000 ppm—an outcome also attributed to the salting-out effect, indicating that reduced dissolution directly limits the extent of mineral trapping.
Despite extensive research on individual parameters influencing CO2 trapping, most prior studies have examined the effects of temperature, salinity, or wettability in isolation. While some studies have investigated different wettability conditions [35], they often assume fixed salinity and temperature [36]. Conversely, others explore the impact of salinity [37] or temperature [38] but under a single wettability state. A summary of relevant research background from previous studies is presented in Table 1to provide clearer context for this work. While these studies offer valuable insights, most have focused on individual parameters in isolation. Comprehensive analyses that evaluate their coupled effects on dissolution, capillary trapping, and mineral trapping remain limited, particularly within reactive transport modeling frameworks.
This study addresses the identified gap by conducting a comprehensive series of reactive transport simulations to evaluate how variations in temperature and brine salinity affect mineral, capillary, and solubility trapping of CO2 under water-wet and mixed-wet conditions.
Simulations were performed using a heterogeneous carbonate model with mineralogical composition derived from laboratory evaluations,

Table 1
Summary of previous studies on wettability, temperature, and salinity effects on CO2 trapping.
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enabling realistic representation of geochemical interactions in CO2 storage scenarios. A grid sensitivity analysis was also conducted to ensure that model resolution did not affect the accuracy of trapping predictions. Wettability was imposed using hysteresis values of 0.35 for water-wet and 0.20 for mixed-wet systems. Temperature effects were evaluated at 50 ◦C, 70 ◦C, and 90 ◦C while salinity was held constant at 210,000 ppm. In parallel, salinity effects were assessed at 70,000, 140,000, and 210,000 ppm under a fixed temperature of 90 ◦C. The results, which link the amount of aqueous CO2-derived ions to mineralization, pH, and associated changes in porosity and permeability, help clarify the conditions under which mineral reactions are enhanced or suppressed—an important consideration for designing and screening CO2 injection strategies across varying geochemical settings. A schematic workflow of the methodology and analyses employed in this study is presented in Fig. 1 to provide a clear overview of the research process.
2. Methodology
This study investigates how wettability, temperature, and salinity influence the evolution of CO2 trapping mechanisms, namely capillary, dissolution, and mineral trapping, in a deep carbonate saline aquifer. The study aimed to understand the dynamic interactions between injected CO2, aqueous species, and mineral phases during and after storage. Reactive transport simulations were conducted using CMGGEM, a compositional reservoir simulator capable of modeling coupled fluid flow and geochemical reactions under realistic reservoir conditions. The simulation period includes 5 years of CO2 injection followed by 55 years of post-injection monitoring.
2.1. Grid refinement and mass balance validation
A two-dimensional (2D) base aquifer model was constructed using a Cartesian coordinate system, consisting of 2000 blocks in total: 100 blocks along the i-direction, 1 block along the j-direction, and 20 blocks
[image: ]
Fig. 1. Schematic workflow of the study showing the main steps of the modeling procedure and analyses.

along the k-direction. Each block measured 10 m in length, 1 m in width, and 5 m in thickness (Δx =10 m, Δy =1 m, Δz =5 m). A grid refinement study was performed by varying both the number of blocks and their dimensions to minimize numerical dispersion and stabilize the predicted trapping efficiency. These variations are summarized in Table 2. The table presents multiple grid configurations ranging from very coarse to fine grids, including several intermediate base cases. Block sizes decrease from 10 ×5 m down to 4 ×2 m in the i- and k-directions and increase from 10 ×5 m up to 100 ×10 m in those directions.
Accordingly, the total number of blocks increases from 100 blocks in the very coarse grid to 12,500 blocks in the finest grid (Fig. 2a). A fixed permeability of 100 mD and a porosity of 18 % were used throughout the sensitivity analysis.
The material balance error—defined as the difference between injected and accumulated moles—reduced significantly from 6.93 % in the coarsest grid (100 blocks) to 0.18 % in the finest grid (12,500 blocks), indicating improved numerical accuracy (Fig. 2b). Trapping results stabilized at the 0.8 ×base case with 3,125 blocks, beyond which further refinement caused negligible changes in all trapping values (Fig. 2c). Therefore, a grid of 3,125 blocks with average block dimensions of approximately 8 ×4 m was selected for all subsequent simulations, offering a balance between computational cost and numerical reliability.
2.2.Aquifer model configuration and simulation parameters
The aquifer model was constructed as a two-dimensional (2D) domain with a horizontal length of 1000 m and a vertical thickness of 100 m. The depth of the reservoir extended from 1200 m at the top to 1300 m at the bottom, and the total thickness was discretized into 25 layers, each 4 m thick. This configuration (Fig. 3) provides a representative cross-sectional view of the aquifer, ensuring that vertical flow processes and buoyancy-driven migration are adequately captured while maintaining computational efficiency. Prior to CO2 injection, the aquifer was initialized as fully saturated with brine of fixed salinity across the entire domain. Three salinity scenarios were considered—70,000 ppm, 140,000 ppm, and 210,000 ppm NaCl—to reflect the broad range of formation water salinities typically observed in deep saline aquifers [39]. These values were selected to assess the influence of salinity on CO2 solubility, fluid-rock interaction behavior, and trapping efficiency under geologically relevant conditions. The initial pressure was set to 1800 psi at the top of the aquifer, representing a realistic hydrostatic pressure for a depth of 1200 m, increasing with depth due to the pressure gradient. Reservoir temperature was varied across three representative values—50 ◦C, 70 ◦C, and 90 ◦C—to reflect geothermal conditions at different sedimentary basins [40]. Importantly, all selected pressure and temperature conditions fall above the critical point of CO2 (31.1 ◦C and 1070 psi), ensuring that the injected CO2 exists in a supercritical state [41].
The system was modelled as a two-component mixture consisting of H2O (brine) and CO2, governed by a compositional equation of state (EOS) based on the Peng–Robinson formulation [42]. Thermophysical properties for each component were obtained from standard CMG fluid libraries. CO2 solubility in brine was calculated dynamically based on pressure, temperature, and salinity. The model applied no-flow (closed) boundary conditions on the top, bottom, and left sides of the domain to represent impermeable boundaries where no fluid crosses, consistent with natural confinement by surrounding geological layers [43]. On the right-hand side, a constant pressure boundary was imposed using volume modifiers (set to 5000) to simulate lateral fluid continuity, effectively mimicking an infinite extension of the aquifer in that direction [44]. This assumption allows fluid to flow freely in or out through this boundary, preventing artificial pressure buildup and better reflecting real subsurface conditions where the aquifer extends beyond the modelled domain.
Water compressibility was set to 3.102 ×10–⁶ psi–1, while rock (matrix) compressibility was defined as 3.793 ×10–⁶ psi–1 [45]. These values were applied uniformly across the model to account for the slight volumetric changes in fluid and rock in response to pressure variations during and after CO2 injection. CO2 was injected through three perforated grid blocks located in the lowest three layers of the model: (63,1,23), (63,1,24), and (63,1,25). This configuration (Fig. 3) simulates localized well penetration near the base of the formation, intentionally designed to counteract the buoyant rise of CO2. The injection was carried out at a constant rate of 20,000 m3/day over a 5-year period, lowed by 55 years of post-injection monitoring. This injection rate yields a daily injected mass of about 1.44 ×107 kg/day (~14,400 tons/day), with a cumulative total of nearly 2.63 ×1010 kg (~26.3 million tons) of CO2 injected over the 5-year period. By initiating injection at the lower part of the reservoir, the CO2 has greater contact with the brine in the deeper layers, enhancing the potential for residual and solubility trapping [46]. This strategy also helps limit the upward migration of CO2, thereby reducing the risk of reaching the top caprock and minimizing the potential for leakage. Table 3provides a concise overview of the aquifer model setup, outlining the key physical properties and boundary conditions that define the simulation framework for analyzing CO2 trapping.
2.3.Reactive transport and Rock-Fluid interactions
Reactive transport modeling was performed to capture the coupled effects of fluid flow, solute transport, and geochemical reactions within the CO2-injected saline aquifer. The model accounts for both aqueous speciation reactions and mineral–fluid interactions, enabling the simulation of mineral dissolution and precipitation triggered by changes in geochemical conditions due to CO2 injection.
For the purpose of geochemical simulation in CMG-GEM, the mineralogical composition of the carbonate rock sample—obtained from Winterset limestone core samples purchased from Kocurek Industries (Caldwell, Texas, USA)—was defined based on X-ray Fluoresncence (XRF) analysis (PANalytical B.V., Axios Max model). The data revealed a dominant CaO concentration (~98.152 wt%), indicating that calcite (CaCO3) is the primary mineral phase. Minor silicate components inferred from the presence of SiO2 and Al2O3 were represented by assigning anorthite (CaAl2Si2O8) and kaolinite (Al2Si2O5(OH)4) [47] at 0.746 wt% each. A summary of the source, physical characteristics, and role of this material in the study is provided in Table 4, and these values were subsequently implemented in CMG-GEM under the mineral definition block to simulate mineral–fluid reactions representative of the carbonate reservoir conditions.
2.3.1. Intra-aqueous equilibrium reactions
The intra-aqueous reactions considered in this study involve the dissolution of CO2 in water and the subsequent formation of carbonate species [48], including the following key reactions, as expressed in Equations (1)–(4).
CO2(g) ⇌ CO2(aq) (1).
CO2(aq) +H2O ⇌ H2CO3 ⇌ H++HCO3– (2).

Table 2 Summary of grid configurations used in the aquifer model, showing block sizes, total number of blocks for different grid resolutions.
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Fig. 2. (a) Grid configurations from 100 to 12,500 blocks. (b) Material balance error decreases with finer grids. (c) Trapping efficiency approximately stabilizes beyond 3,125 blocks, indicating an optimal grid resolution with 8 × 4 m block sizes.

HCO3– ⇌ H+ + CO32– (3).
H2O ⇌ H+ + OH– (4).
These reactions are modeled as chemical equilibria rather than kinetic processes. This assumption is justified because intra-aqueous reactions typically occur on extremely short timescales [49]—from milliseconds to seconds—compared to the longer timescales associated with fluid migration and mineral reaction fronts, which span hours [50] to years [51]. Their fast, reversible nature allows them to adjust instantaneously to local perturbations in pH, ionic strength, or CO2 concentration.
2.3.2. Mineral kinetic reactions
Mineral reactions were incorporated in the reactive transport simulations using kinetic rate laws based on Transition State Theory (TST) [52], implemented through the CMG-GEM process wizard. The primary minerals considered include calcite, kaolinite, and anorthite. Their interactions with injected CO2 were modeled through the following representative geochemical reactions [53 54], as shown in Equations (5)–(7) and visually illustrated in Fig. 4.
Ca2+ + CO32– ⇌ CaCO3 (5).
2Al3+ + 2H4SiO4 + 5H2O ⇌ Al2Si2O5(OH)4 ↓ + 6H+ (6).
CaAl2Si2O8 + 2H+ + CO2 + H2O ⇌ Ca2+ + 2Al3+ + 2H4SiO4 (7).
Among the modeled reactions, anorthite dissolution plays a particularly critical role. Its breakdown provides Ca2+, Al3+, and H4SiO4 that not only sustain secondary carbonate precipitation (Eq. 5) but also facilitate kaolinite formation (Eq. 6), thereby linking feldspar reactivity directly to the long-term mineral trapping capacity of the aquifer. These reactions simulate the geochemical feedbacks triggered by CO2 injection, such as acid-induced mineral dissolution and subsequent secondary mineral formation. Unlike aqueous speciation, these mineral reactions respond more slowly to geochemical changes and thus require a timedependent kinetic approach. The reaction rates were defined as functions of reactive surface area, temperature, saturation state, and availability of reactive sites, following the transition state theory rate law expressed in Equation (8) [55]:
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where
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Fig. 3. Schematic of the two-dimensional (2D) aquifer model (1000 m × 100 m, depth 1200–1300 m). The reservoir was saturated with brine at 1800 psi, and CO2
was injected through three perforated blocks at the base ((63,1,23), (63,1,24), (63,1,25)) within a 125 × 1 × 25 grid system.
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• r is reaction rate (mol.m–2⋅s–1)
• k is temperature-dependent rate constant (mol.m–2.s–1)
• A is reactive surface area of mineral (m2.m–3)
• Q is the ion activity product
• Keq is equilibrium constant of mineral reactions
• [image: ]is driving force for reactions (difference from equilibrium)
• n is reaction order (often assumed 1).
This transient kinetic model captures gradual mineral dissolution and precipitation driven by thermodynamic disequilibrium, allowing reactions only when the system deviates from equilibrium. Dissolution occurs when Q < Keq (r > 0), precipitation when Q > Keq (r < 0), and the reaction halts at equilibrium when Q = Keq (r = 0). Reaction rates, governed by disequilibrium and mineral surface reactivity, influence porosity and permeability by altering pore structure.
2.4. Heterogeneity
A heterogeneous 2D reservoir model was developed to represent the realistic subsurface conditions typically encountered in deep saline aquifers. Heterogeneity in both porosity and permeability fields was introduced using a log-normal Gaussian distribution [56], which is commonly applied to model continuous random variables—such as permeability—that are positive and skewed. Using this approach, 3,125 permeability values were generated for the simulation. This method enables a more accurate assessment of CO2 plume migration and trapping behavior in heterogeneous media. The log-normal probability density function is given by Equation (9) [57]:
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Here, x represents permeability, μ is the log-scale mean (shape factor), and σ is the standard deviation, which governs the degree of heterogeneity. A higher value of μ shifts the distribution toward greater permeability values, while larger σ values indicate increased spread or heterogeneity. In this study, permeability values ranging from 10 to 400 mD were generated with a mean of 162.17 mD using μ = 5.1 and σ = 0.8. These values were assigned to the principal horizontal direction (Kx) and varied spatially in accordance with a Gaussian distribution. The 
Table 4
Summary of rock material used for geochemical characterization.
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resulting spatial heterogeneity in Kx is depicted in the permeability map (Fig. 5a), while Fig. 5b displays the associated histogram distribution. The permeability in the orthogonal horizontal direction (Ky) was set to 90 % of Kx (Ky = 0.9 × Kx), while the vertical permeability (Kz) was assigned a lower value of 20 % of Kx (Kz = 0.2 × Kx) to represent anisotropic conditions and suppress vertical gas fingering. This anisotropy reflects realistic reservoir characteristics where vertical flow is generally more restricted compared to horizontal flow. Since porosity and permeability are intrinsically related in porous media, porosity was estimated from the Kx values using an empirical correlation reported in the literature [43], as expressed in Equation (10).
The resulting porosity distribution, shown spatially in Fig. 6a, reveals heterogeneity consistent with the permeability variations. The frequency curve of porosity values, presented in Fig. 6b, shows a mean porosity of 25.92 %, similar to values reported by Abdelfattah et al. [58].
2.5. Wettability conditions
Relative permeability curves for water-wet and mixed-wet systems were first generated using the Brooks–Corey model [59], calibrated to reflect distinct wettability characteristics through Equations (11) to (14). The model for all cases employed a pore size distribution index of λ= 0.6, derived from previous studies [60], with water saturation (Sw) ranging from 0 to 1, normalized water saturation (S*w), and a critical gas saturation (Sgc) of 0.05. These parameters were used to calculate gas (krg) and water (krw) relative permeabilities. The hysteresis values, representing the minimum residual gas saturation (Sgrmin) after imbibition, were set to 0.35 for water-wet and 0.20 for mixed-wet conditions. These values were chosen based on the numerical investigations of Al- Kadhawi et al. [61–63], who demonstrated that wettability strongly influences gas residual trapping in saline aquifers. In their work, Sgrmin was systematically varied between 0.40 for strongly water-wet systems and 0.10 for strongly CO2-wet systems, providing a benchmark range within which our selected parameters fall. The Land trapping model was applied to further justify the selection and demonstrate the sensitivity of these hysteresis values. This model establishes a relationship between the maximum gas saturation at the end of drainage (Sgmax) and the minimum gas saturation at the end of imbibition (Sgrmin), as expressed in Equation (11) [64]:
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The resulting coefficient, CLand, quantifies the trapping efficiency and can range from 0 to infinity. A low CLand corresponds to stronger residual trapping, as a greater fraction of the mobile gas is retained during imbibition. In contrast, a high CLand indicates weaker trapping efficiency, with less gas immobilized and more allowed to migrate. For a representative case with Sgmax = 0.75, the calculated CLand values for the two selected hysteresis parameters are presented in Table 5. 
These results demonstrate that decreasing Sgrmin from 0.35 (waterwet) to 0.20 (mixed-wet) substantially increases CLand, highlighting the strong sensitivity of residual trapping predictions to the hysteresis parameter. This analysis confirms that the selected values are not arbitrary but fall within the benchmark range of prior studies [61–63 65] and directly reflect the impact of wettability on long-term CO2 trapping efficiency. These findings are also consistent with previous Land-model analyses, where residual gas saturations of nearly 40 % were reported at a CLand of ~ 1.1, compared to about 20 % at a CLand of ~ 2.2 [66], thereby reinforcing the validity of the applied parameter range. The water-wet case employed a higher irreducible water saturation (Swir = 0.25) to reflect stronger water affinity, while the mixed-wet case used a lower Swir of 0.15 consistent with values reported by Mirzaei-Paiaman [67]. 
Capillary pressure (Pc) curves were also generated using the Brooks–Corey model [59] and Equation (15), with entry pressures of 2 psi for the mixed-wet system and 3 psi for the water-wet system [68]. The same Swir and hysteresis values were applied to maintain consistency with the relative permeability functions.
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These curves formed the basis for implementing hysteresis-based modeling in CMG using the Land trapping model [64] with scanning curve functionality to evaluate capillary trapping during post-injection conditions. Unlike conventional approaches that assume a full drainage cycle to irreducible water saturation [69], our simulations account for premature saturation reversals [70], which frequently occur in heterogeneous formations or during short injection periods. This more realistic behavior is represented in CMG by dynamically generating local scanning curves between the bounding drainage and imbibition envelopes based on each grid block’s saturation trajectory. This path-dependent interpolation enables the simulation of hysteresis effects during early or incomplete reversal cycles, particularly relevant during the shut-in phase, when gas migration ceases and brine reenters
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Fig. 4. Schematic representation of representative geochemical reactions between CO2 and primary minerals. (a) Carbonate precipitation (Eq. 5); (b) kaolinite precipitation (Eq. 6); (c) anorthite dissolution feeding carbonate and kaolinite precipitation (Eq. 7).
the pore network. A sensitivity analysis was also conducted to determine the optimal number of scanning curves required for accurate gas trap-ping representation. When only two scanning curves were used, disso-lution trapping exceeded capillary trapping, indicating underestimation of immobilization. Increasing the number of curves progressively improved gas retention, with results stabilizing beyond five curves. Accordingly, five scanning curves were adopted in our simulations as a balance between accuracy and computational efficiency. Fig. 7 shows the relative permeability curves for water-wet (a) and mixed-wet (b) conditions, along with the corresponding capillary pressure functions in (c) and (d). 
All mathematical relationships applied in this study are summarized in Table 6, together with their corresponding applications. This provides a clear reference for readers to understand how each equation was employed in the modeling framework.
2.6.	Scenario design: temperature and salinity effects on reactive CO2 trapping
The influence of reservoir temperature and brine salinity on CO2 trapping mechanisms under different wettability conditions was sys-tematically evaluated through two sets of reactive transport simulations. The scenarios incorporate a uniform CO2 injection strategy followed by a prolonged post-injection period to capture both kinetic and equilib-rium geochemical processes. A constant injection rate of 20,000 m3/day was applied over a 5-year injection phase, followed by 55 years of post-injection monitoring, enabling the assessment of dissolution, mineral trapping, capillary effects, and gravitational redistribution.
Wettability conditions were imposed using distinct hysteresis values: 0.35 for the water-wet case and 0.20 for the mixed-wet case. These values were applied consistently across capillary pressure and relative permeability curves to represent different drainage and imbibition be-haviors, governing the extent of residual gas saturation in each case. The effect of hysteresis was thus embedded throughout the simulations, allowing for realistic evaluation of CO2 trapping responses to changing salinity and temperature under both wetting regimes.

2.6.1.	Temperature effect
A series of six simulations was performed at a fixed brine salinity of 70,000 ppm NaCl across three temperatures: 50 ◦C, 70 ◦C, and 90 ◦C. Each temperature condition was evaluated under both water-wet and mixed-wet regimes to investigate how wettability influences temperature-driven variations in CO2 solubility, brine pH, aqueous ion concentrations, and mineral-specific trapping behavior. This design enables direct comparison of geochemical responses under identical thermal and salinity conditions, isolating the role of wettability. The full simulation matrix is provided in Table 7.
2.6.2.	Salinity effect
Another set of six simulations was conducted at a fixed reservoir temperature of 90 ◦C to examine the impact of brine salinity on reactive mineral trapping, CO2 solubility, and capillary trapping. Salinity levels were varied across three representative concentrations—70,000 ppm, 140,000  ppm, and 210,000  ppm NaCl—under both water-wet and mixed-wet conditions. These values reflect typical to high salinity ranges observed in deep saline aquifers [39], enabling assessment of how increased ionic strength influences acid–mineral reactions, aqueous speciation, and the extent of CO2 mineralization. The full scenario matrix is provided in Table 8.
3.	Results and discussions
3.1.	Temperature effect
This section presents the simulation results on how temperature af-fects reactive transport behavior and CO2 trapping in saline aquifers under two different wettability conditions: water-wet and mixed-wet. Subsection 3.1.1 shows the impact of temperature on mineralization behavior, including the extent of CO2 dissolution, precipitation into solid phases, aqueous ion concentrations, and pH variations. Subsection 3.1.2 focuses on how temperature influences capillary and dissolution trapping, highlighting changes in plume shape and gas release.
3.1.1.	Temperature impact on mineralization behavior
Fig. 8 illustrates the coupled influence of temperature and wetta-bility on CO2–rock interactions under a salinity condition of 70,000 ppm NaCl, comparing water-wet and mixed-wet systems across 50 ◦C, 70 ◦C, and 90 ◦C. As temperature increases, CO2 mineralization, defined
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Fig. 5. (a) Spatial distribution map of principal horizontal permeability (Kx) demonstrating reservoir heterogeneity and anisotropic flow pathways; (b) Histogram showing the Gaussian frequency distribution of Kx values, PDF (Probability Density Function).
[image: ]
Fig. 6. (a) Porosity distribution map showing spatial heterogeneity consistent with permeability variations; (b) Frequency histogram of porosity values, KDE (Kernel Density Estimation).
as the precipitation of dissolved CO2 into solid carbonate minerals, is significantly enhanced, particularly under mixed-wet conditions. This process follows the reaction described in Equation (5) of the method-ology section, where calcium and carbonate ions combine to form solid CaCO3. The enhancement is evident from the growing separation be-tween the red (water-wet) and blue (mixed-wet) curves in Fig. 8a–c. At 50 ◦C, mineral trapping remains limited under both wettability conditions (Fig. 8a). The cumulative CO2 mineralization reaches approximately 4.4 × 106 mol for the water-wet system and 4.1 × 106 mol for the mixed-wet case. Both scenarios exhibit an initial phase of net dissolution (negative trapping values) lasting nearly three years, followed by a gradual shift toward net precipitation after two decades. This 
Table 5
Sensitivity of CLand to hysteresis parameters (Sgrmin) at Sgmax = 0.75, showing the corresponding wettability conditions.
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trend is consistent with observations by Mouallem et al. [71], who re-ported enhanced dissolution at low temperatures with negative slopes in both sandstone and carbonate rocks—supporting the thermal sensitivity observed in our study. The sequence of early dissolution followed by delayed precipitation also aligns with Zhang et al. [72], who showed that mineral trapping is negligible during the initial CO2 injection phase but progressively increases over decades to centuries. The limited extent of mineralization aligns with the subdued geochemical activity, as reflected by weak ion release (Fig. 8d); final aqueous ion concentrations remain relatively low (~2.6–2.9 × 107 mol), indicating that reaction kinetics and solubility constraints at this temperature hinder substantial mineral trapping. The pH profiles (Fig. 8g) provide further insight: the water-wet system maintains a slightly higher pH than the mixed-wet system throughout the simulation. This difference can be explained by the acid–base and precipitation reactions discussed earlier in Section 2. As CO2 dissolves and forms carbonic acid (Equation 2), the release of H+ leads to a pH drop and initiates mineral dissolution. Over time, the released Ca2+ and CO2– ions participate in the precipitation of calcite (Equation 5), which indirectly consumes protons and promotes pH recovery, a trend also reproduced in CMG-GEM simulations by Zuo et al. [73]. In the water-wet system, earlier onset of precipitation leads to faster H+ buffering and more stable pH. Conversely, the mixed-wet condition promotes extended dissolution before precipitation dominates, resulting in a slower pH recovery and higher ion accumulation. These modeled pathways are consistent with field evidence from the CO2-rich Ladbroke Grove reservoir [74], where dissolution of feldspars, chlorite, and calcite produced secondary kaolinite, quartz, and ferroan carbonates (ankerite, siderite). The associated pH drop (to ~ 5 compared to ~ 7.2 in a CO2-poor analogue) and bicarbonate enrichment confirm the acidification–dissolution–precipitation sequence observed in our simulations.
At 70 ◦C (Fig. 8b), the influence of wettability becomes more visible. The mixed-wet system transitions more rapidly from initial dissolution to precipitation, leading to higher net CO2 mineralization. This behavior is consistent with the enhanced ion concentrations in Fig. 8e, where the blue curve (mixed-wet) shows a steeper and higher trajectory, indicating more extensive rock dissolution. The corresponding pH curves in Fig. 8h also show slightly faster buffering for the mixed-wet system, suggesting stronger acid–rock contact and cation release, which contributes to faster precipitation onset.
At 90 ◦C (Fig. 8c), the effect of wettability becomes dominant. The mixed-wet system achieves nearly 1.3 × 107 mol of mineralized CO2 by the end of the simulation—significantly exceeding the water-wet system—confirming that enhanced wettability facilitates more sustained mineral precipitation. This trend is supported by the aqueous ion
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Fig. 7. Relative permeability and capillary pressure curves for gas and water under (a, c) water-wet and (b, d) mixed-wet conditions. Main drainage and imbibition curves define the hysteresis envelope, while scanning curves (krg Imbibition 2–5) capture intermediate reversal paths during partial saturation cycling.
Table 6 Mathematical relationships and their applications in the simulation study.
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Table 7 Summary of simulation scenarios used to evaluate temperature effects under controlled wettability conditions.
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Table 8 Case setup for salinity sensitivity analysis in water-wet and mixed-wet reservoirs at 90 ◦C.
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concentrations (Fig. 8f), where the mixed-wet system exhibits higher ion release, reflecting more extensive dissolution prior to saturation and precipitation. The pH profiles (Fig. 8i) reinforce this behavior. Initially, both systems experience a sharp drop in pH (~6.33) due to CO2 injection and rapid acidification. As injection ceases, pH begins to recover, reaching a maximum near 6.54 for the mixed-wet and 6.51 for the water-wet system around year 30–35. This recovery is driven by H+ consumption through mineral buffering reactions during carbonate precipitation. Interestingly, despite greater acid attack in the mixed-wet condition, its pH rises higher than in the water-wet case due to more active H+ consumption via mineralization, consistent with the higher CO2 trapping observed. The subsequent decline in pH after the peak suggests a gradual depletion of buffering capacity as mineral precipitation slows. In contrast, the water-wet system shows a slightly lower pH response, indicating less proton buffering and reduced carbonate reactivity. Thus, at elevated temperature, the mixed-wet system not only promotes greater dissolution and ion release, but also drives more efficient mineral trapping, as reflected by its pH evolution. These results demonstrate, for the first time, the coupled influence of wettability and temperature on CO2 mineral trapping.
These observations can be attributed to the combined effects of temperature-dependent reaction kinetics and wettability-controlled fluid configurations. The increase in mineral dissolution and precipita tion rates with temperature is governed by the Arrhenius relationship, widely used in geochemical modeling [75], and expressed by Equation (16): 
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where k(T) is the reaction rate constant, Ea is the activation energy, R is the universal gas constant, and T is temperature in Kelvin. This exponential relationship explains the sharp increase in mineralization at higher temperatures. However, wettability also influences the extent of CO2–rock contact. In water-wet systems, rock surfaces are coated by a continuous brine film [76], which promotes CO2 snap-off and limits convective mass transfer. This reduces CO2 solubility, produces weaker acidification, and restricts the release of reactive mineral components. By contrast, mixed-wet conditions allow greater CO2 mobility and more effective dissolution into the brine, leading to stronger acidification, enhanced mineral dissolution, and accelerated carbonate precipitation. This trend aligns with the findings of Kihm et al. [77], who showed that convective CO2 flow decreases the persistence of the free-phase CO2 while increasing solubility and mineral trapping. The mechanistic similarity is that higher phase mobility, whether due to wettability alteration in our simulations or convective circulation in theirs, reacts larger CO2–brine contact areas, thereby intensifying dissolution and facilitating mineral trapping. As illustrated in Fig. 9, this mechanism operates more efficiently under elevated temperatures, explaining the stronger mineralization observed in mixed-wet conditions.
3.1.2.Temperature influence on capillary and dissolution trapping
Fig. 10a–f illustrate the evolution of CO2 dissolution and capillary trapping under varying temperatures (50, 70, and 90 ◦C) and two wettability states (water-wet and mixed-wet), at a fixed salinity of 70,000 ppm NaCl. The results demonstrate that temperature influences these trapping mechanisms in contrasting ways, with wettability further influencing the extent and persistence of each process.
At all temperatures, mixed-wet systems consistently exhibit higher dissolved CO2 concentrations than their water-wet counterparts, supporting the findings of Chang et al. [78], who reported a 7–9 % increase in CO2 solubility in brine when wettability shifted from water-wet to intermediate-wet conditions. This disparity becomes more pronounced with increasing temperature. At 50 ◦C (Fig. 10a), both systems achieve comparable CO2 dissolution levels (~23 %), with only a slight advantage observed in the mixed-wet case. However, at 70 ◦C (Fig. 10b), the dissolved CO2 fraction in the mixed-wet system rises sharply to ~ 30 %, while the water-wet case plateaus near ~ 24 %. This divergence continues at 90 ◦C (Fig. 10c), where the mixed-wet system exceeds 30 % dissolved CO2, while the water-wet case lags at ~ 26 %. Capillary trapping (Fig. 10d–f), in contrast, decreases with increasing temperature for both wettability states. At 50 ◦C (Fig. 10d), the water-wet system immobilizes the most CO2 (~67 %), while the mixed-wet traps only ~ 48 %. This gap narrows at 70 ◦C (Fig. 10e), where water-wet and mixed- wet retain ~ 61 % and ~ 41 % CO2, respectively. At 90 ◦C (Fig. 10f),
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Fig. 8. Time-dependent trends of CO2 mineralization (a–c), aqueous ion concentration (d–f), and pH (g–i) over 60 years at 70,000 ppm NaCl under water-wet and mixed-wet conditions, shown for temperatures of 50 ◦C, 70 ◦C, and 90 ◦C.
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Fig. 9. Schematic showing how wettability affects rock dissolution: water-wet surfaces are protected by a water film, limiting acid access, while mixed-wet surfaces allow direct CO2 and brine contact, accelerating mineral dissolution.
residual trapping further declines to ~ 54 % and ~ 36 %, respectively. This gradual decrease in capillary-trapped CO2 observed over time across all temperatures indicates that some of the previously immobilized CO2 continues to dissolve into the surrounding brine. While elevated temperature enhances this process through faster diffusion and reaction kinetics, as demonstrated by Zarghami et al. [79], the under-lying mechanism is strongly influenced by wettability and hysteresis. In mixed-wet systems, the altered fluid configuration, with less continuous water films, maintains extended CO2–brine contact even after capillary trapping. Hysteresis in relative permeability preserves the disconnection of CO2, restricting its mobility but retaining its surface accessibility [80]. As a result, secondary dissolution occurs, where trapped CO2 gradually transitions into the dissolved phase (Fig. 11) due to sustained exposure to brine [81], especially under mixed-wet conditions where interfacial connectivity and ganglia accessibility are more evident.
Although CO2 solubility in water slightly declines with increasing temperature, dissolution trapping paradoxically intensifies—especially in mixed-wet systems. This counterintuitive behavior stems from enhanced molecular diffusion and buoyancy-driven flow at higher temperatures, as studied by Omrani et al. [82] and Azin et al. [83], which together amplify CO2–brine interactions despite lower solubility limits. Fig. 12, showing CO2 plume distributions at 50 ◦C, 70 ◦C, and 90 ◦C under both water-wet and mixed-wet conditions, supports this behavior. With rising temperature, the plume becomes progressively more elongated and vertically dispersed, especially in the mixed-wet system. For instance, residual trapping in the mixed-wet case de-creases from 18.2 % at 50 ◦C to 15.3 % at 90 ◦C, reflecting enhanced CO2 mobility and greater dissolution. A similar trend is observed in the water-wet condition, with trapping dropping from 19.7 % to 17.1 % across the same temperature range. This spreading is driven by ther-mally induced increases in diffusivity and density contrast, which intensify convective mixing and enlarge the gas–brine interfacial area [84]. As a result, CO2 dissolution accelerates, making dissolution trap-ping more effective. Hence, the rise in aqueous CO2 is not governed by equilibrium solubility limits but rather by kinetic enhancements in fluid accessibility, wettability, and transport dynamics.
In parallel, the reduction in capillary trapping observed at higher temperatures (Figs. 10, 2nd row) arises from several thermally driven effects that act in opposition to the mechanisms promoting dissolution.
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Fig. 10. Time evolution of CO2 dissolution (top row) and capillary trapping (bottom row) under water-wet (blue) and mixed-wet (red) conditions at 70,000 ppm salinity across three temperatures: 50 ◦C (left), 70 ◦C (middle), and 90 ◦C (right).
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Fig. 11. Secondary dissolution of capillary-trapped CO2 under mixed-wet conditions. Over time, trapped CO2 ganglia gradually dissolve into brine due to sustained interfacial contact.
Fig. 13 illustrates the capillary trapping mechanism and its temperature dependence. Elevated temperatures reduce CO2 viscosity, increasing its mobility, and lower the interfacial tension between CO2 and brine [85], diminishing the capillary forces required for ganglion formation. Upon cessation of gas injection, secondary imbibition begins—brine reinvades the pore space through alternative pathways not previously occupied during drainage, a behavior governed by hysteresis [86]. This enables water to snap off and isolate CO2 clusters, forming residual trapping (Fig. 13a). However, the efficiency of this mechanism diminishes with temperature. As shown in Fig. 13b, which depicts trapped CO2 saturation after 15-month injection, capillary trapping consistently declines with increasing temperature across both wettability conditions. In water-wet systems, trapping decreases from 42.7 % at 50 ◦C to 34.9 % at 90 ◦C, while in mixed-wet systems it drops from 27.2 % to 23.5 %. This reduction reflects thermally induced decreases in brine–CO2 interfacial tension, which weaken residual trapping forces during secondary imbibition. Trapping efficiency is strongly governed by wettability through its control over capillary pressure hysteresis. Water-wet systems (hysteresis = 0.35) exhibit substantially higher CO2 immobilization than mixed-wet systems (hysteresis = 0.20), particularly at lower temperatures where capillary forces are more dominant. This is because stronger hysteresis in water-wet media enhances the contrast between drainage and imbibition pathways, promoting brine re-entry and snap-off during secondary imbibition—both essential for residual trapping. In contrast, mixed-wet systems exhibit reduced hysteresis and weaker water film continuity, which suppress these snap-off events and limit brine encapsulation around CO2, resulting in diminished residual trapping capacity [87].
This effect was quantified using a normalized Hysteresis Factor (HF), defined as the area between the gas relative permeability curves during drainage and imbibition, normalized by the area under the drainage curve, as given by Equation (17):
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Where:
•	krg  (Sw) and krg	(Sw) are the gas relative permeability functions during drainage and imbibition, respectively.
•	Swi and Sgr represent the irreducible water saturation and residual gas saturation, defining the integration bounds.
The HF captures the reduction in gas mobility during imbibition relative to drainage, serving as a proxy for hysteresis strength. It was
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Fig. 12. CO2 plume distributions after 1-year gas injection at 70,000 ppm salinity under water-wet (left) and mixed-wet (right) conditions at temperatures of 50 ◦C, 70 ◦C, and 90 ◦C. The color scale represents trapped gas saturation.
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Fig. 13. (a) Secondary imbibition leads to brine reinvasion and snap-off, isolating CO2 as immobile ganglia; (b) Spatial distribution of trapped CO2 saturation after 15 months injection, under water-wet (left column) and mixed-wet (right column) conditions across temperatures of 50 ◦C, 70 ◦C, and 90 ◦C at fixed salinity (70,000 ppm). Warmer colors indicate higher residual gas retention.
calculated to be ~ 0.37 for the water-wet system and ~ 0.19 for the mixed-wet case. This substantial difference clears why water-wet sys-tems trap more CO2—stronger hysteresis restricts gas remobilization by inducing flow path dependency and disconnection. These findings expand conventional views of capillary trapping by showing that wettability governs not only residual saturations but also the hysteresis-driven disconnection mechanisms central to long-term storage security.
3.2.	Salinity effect
This section shows how changes in brine salinity influence CO2 storage mechanisms under water-wet and mixed-wet conditions. The analysis includes two parts. First, we examine the impact of salinity on CO2 mineralization, aqueous ion concentrations, and pH evolution due to mineral dissolution and precipitation. Then, we evaluate how salinity affects capillary and dissolution trapping efficiency, emphasizing how wettability alters the trapping behavior across different salinity levels.
3.2.1.	Impact of salinity on geochemical reactions
Fig. 14a–c shows mineralized CO2 changes over time under different salinity and wettability conditions. The mixed-wet system consistently outperforms the water-wet case, especially at higher salinity. At 210,000 ppm salinity (Fig. 14c), CO2 mineralization proceeds more rapidly and extensively in the mixed-wet condition. This outcome arises from enhanced CO2–rock contact in the brine-depleted pore structure, which accelerates acid-driven carbonate dissolution and ensures a steady supply of Ca2+ for precipitation. In contrast, the water-wet system saturates earlier, limiting further ion exchange due to reduced reactive surface accessibility and stronger brine shielding, which inhibits carbonate growth. A similar trend but with reduced magnitude is observed at 140,000 ppm (Fig. 14b), where mineral trapping remains higher in the mixed-wet case, albeit with a narrower gap. At 70,000 ppm (Fig. 14a), both systems perform comparably as they near geochemical equilibrium, suggesting that at lower ionic strength, the contrast in wettability plays a diminished role in sustaining prolonged mineralization. This is because lower salinity reduces the overall con-centration of reactive ions (e.g., Ca2+, HCO–), thereby limiting the extent of both dissolution and precipitation regardless of how effectively CO2 contacts the mineral surface. Under such dilute conditions, the system’s geochemistry becomes less sensitive to wetting state, and mineral trapping is instead governed by bulk fluid chemistry and pH buffering limitations rather than pore-scale phase distribution.
These trends are further supported by aqueous ion profiles in Fig. 14d–f. At high salinity (Fig. 14f), the mixed-wet system displays sustained release of dissolved species, notably Ca2+ and HCO–, consistent with prolonged carbonate dissolution. This extended reactivity arises from reduced water film coverage in mixed-wet media, which enables CO2-rich acidic phases to directly contact mineral surfaces. Moreover, lower hysteresis in the mixed-wet system facilitates more continuous gas-phase connectivity and dynamic fluid redistribution, allowing reactive fronts to persist over time. In contrast, the water-wet condition, with higher capillary hysteresis and strong brine retention, restricts CO2 mobility and accelerates buffering. This results in earlier saturation of the dissolution process, as protons remain confined within water films and mineral exposure becomes increasingly limited. Such behavior is mechanistically consistent with Luo et al. [88], who demonstrated that enhanced CO2 dissolution densifies brine, drives convective circulation, and accelerates buffering reactions. In our simulations, the greater CO2–brine contact enabled by mixed-wet conditions  produces  a  similar  effect,  amplifying  dissolution-driven 
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Fig. 14. Long-term behavior of (a–c) mineralized CO2, (d–f) aqueous ion concentration, and (g–i) pH under varying salinity conditions (70,000 ppm, 140,000 ppm, and 210,000 ppm) at a constant temperature of 90 ◦C. Each subfigure compares water-wet and mixed-wet systems, revealing geochemical transformations. Moreover, Ahmmed et al. [89] defined
the water–rock ratio as the relative volume of pore water per unit mass of rock and reported, in their study of the Morrow B Sandstone at the Farnsworth Unit in northern Texas, that mineral trapping efficiency is maximized at low ratios, where stronger acidification favors carbonate precipitation. This observation is consistent with our finding that mixed wet conditions and lower salinities enhance CO2–rock interaction, leading to more pronounced dissolution and mineralization. 
pH evolution in Fig. 14g–i illustrates how buffering dynamics are governed by both salinity and wettability. At 210,000 ppm (Fig. 14i), the mixed-wet system undergoes a rapid pH drop due to CO2 acidification, followed by a quicker rebound driven by mineral dissolution. This sharper recovery reflects more efficient buffering via solid-phase reactions, enabled by greater CO2–rock contact in the mixed-wet regime. The water-wet condition shows a slower rebound, limited by reduced mineral accessibility and stronger brine-phase dominance. At lower salinities (Fig. 14h and 14 g), buffering responses in both systems become more comparable, though the mixed-wet system continues to show slightly enhanced reactivity due to persistent access to mineral surfaces. Our pH evolution results (Fig. 14g–i) are consistent with established reactive-transport benchmarks. Kutsienyo et al. [90] compared three independent simulators—GEM, TOUGHREACT, and STOMP-EOR—by modeling CO2 injection into the Morrow B Sandstone over a 25-year injection period followed by 975 years of monitoring. Across all three simulators, a sharp initial pH decrease to ~ 4.6–4.8 was observed at the onset of injection, followed by gradual neutralization driven by mineral buffering reactions. This simulator-independent consistency confirms that the trends captured in our CMG-GEM simulations—rapid pH drop after injection and progressive rebound linked to calcite dissolution and secondary precipitation—reflect robust geochemical processes.
The observed pH trends are in strong agreement with Al-Khdheeawi et al. [91] and can be mechanistically explained by the geochemical pathway illustrated in Fig. 15. Upon injection, CO2 dissolves into formation water, forming carbonic acid (H2CO3), which dissociates into H+ and HCO3– , thereby lowering the pH. Notably, CO2 solubility is also salinity-dependent—higher salinity reduces CO2 solubility due to the salting-out effect, which limits the initial acid load and influences the rate of subsequent reactions. The resulting acidity initiates dissolution of carbonate minerals such as calcite (CaCO3 + H+ → Ca2+ + HCO3– ), releasing ions into solution. As H+ is progressively consumed, the pH begins to stabilize, allowing HCO3– to deprotonate into CO3 2–. Once both Ca2+ and CO32– are present, mineral trapping occurs via precipitation of solid CaCO3. The efficiency of this sequence is strongly controlled by wettability. In mixed-wet systems, where CO2 can more directly contact mineral surfaces, this full pathway unfolds efficiently. In contrast, waterwet systems, dominated by brine coverage, inhibit early dissolution and reach buffering thresholds more quickly, limiting overall mineral trapping.
3.2.2. Influence of salinity on capillary and dissolution trapping
Fig. 16a–f presents the dynamic response of capillary and dissolution trapping under salinities of 70,000, 140,000, and 210,000 ppm at 90 ◦C, highlighting the relationship between salinity, wettability, and hysteresis. At 70,000 ppm salinity, the water-wet system, characterized by a higher hysteresis factor (0.35), promotes robust capillary trapping (~72 %, Fig. 16d). This is attributed to strong residual phase entrapment, as water re-invades CO2-occupied pores and initiates snap-off mechanisms that immobilize gas clusters. Simultaneously, the brine-saturated pathways reduce CO2–rock contact, limiting dissolution (~28 %, Fig. 16a). In contrast, the mixed-wet case (hysteresis = 0.20) exhibits greater fluid
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Fig. 15. Schematic representation of the geochemical sequence leading to CO2 mineralization. The process begins with acidification from CO2 dissolution, followed by carbonate rock dissolution, pH stabilization through H+ consumption, and eventual precipitation of CaCO3. Each step is controlled by pH and ion availability, highlighting the dual chemical conditions necessary for effective mineral trapping.
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Fig. 16. A–f. CO2 dissolution (a–c) and capillary trapping (d–f) profiles over 60 years at 90 ◦C under three salinities: 70,000 ppm (a, d), 140,000 ppm (b, e), and 210,000 ppm (c, f), comparing water-wet and mixed-wet system.
connectivity and lower trapping resistance, which enhances gas mobility and allows for broader CO2–brine interfacial areas. As a result, dissolution increases to ~ 34 %, while capillary trapping drops to ~ 60 %.
A key observation is the post-injection shift in trapping dynamics. After year 15, the water-wet system displays a ~ 10 % reduction in capillary trapping, coinciding with a rise in dissolved CO2 (Fig. 16a and 16d). This delayed transition indicates secondary imbibition and ganglia remobilization, where hysteresis-driven pathways enable water to re-enter pore networks previously saturated with CO2. These re-invasion pathways are enhanced at high temperature due to weakened interfacial tension and faster diffusion. The mixed-wet system also shows transient phase rearrangement, but the lower hysteresis restricts stable gas entrapment, favoring continuous dissolution.
At 140,000 ppm salinity, both systems exhibit early stabilization. Dissolution plateaus within 15 years (Fig. 16b), and capillary trapping remains constant thereafter (Fig. 16e). This behavior suggests a salinity threshold where interfacial forces and wettability-driven hysteresis reach equilibrium, minimizing phase redistribution. In this regime, the contrasting hysteresis values exert less influence, as CO2 and brine establish distinct flow domains early, limiting further phase exchange. At 210,000 ppm salinity, wettability-dependent responses become more pronounced due to the combined influence of ionic strength and interfacial forces. In the water-wet system, elevated salinity induces a salting-out effect that reduces CO2 solubility, while increased interfacial tension enhances capillary confinement—leading to significant immobilization (~82 %, Fig. 16f) and diminished dissolution (~9%, Fig. 16c). This outcome is shaped by strong capillary pressure hysteresis (0.35), which limits fluid displacement pathways and restricts CO2-brine mixing. In contrast, the mixed-wet system, characterized by weaker hysteresis (0.2) and reduced water film coverage, facilitates greater interface mobility and more effective gas-brine interaction, enabling higher dissolution (~36 %) and lower capillary trapping (~40 %). Our findings also agree with Khan et al. [92], who highlighted the salting-out effect, where higher ionic strength reduces CO2 solubility, lowers the extent of pH decrease, and diminishes carbonate dissolution and precipitation. This comparison supports our conclusion that stronger geochemical reactions and higher mineralization occur at 70,000 ppm for water-wet conditions, whereas reactions are substantially suppressed at 210,000 ppm. A broadly similar trend has been reported in sandstone systems, where CO2 acidification likewise promotes mineral dissolution followed by secondary precipitation. However, the magnitude and dominant pathways differ by mineralogy [93].
A notable dynamic shift occurs after year 15, as trapped gas begins to dissolve—evident from a drop in capillary trapping and a corresponding rise in the dissolved fraction. This reflects secondary brine imbibition, wherein water gradually reoccupies previously gas-filled pores and re-establishes contact with isolated CO2 clusters. The hysteresis-governed pore-scale architecture in water-wet conditions impedes this re-entry, whereas mixed-wet systems support delayed exchange due to more accessible flow paths. The fact that such phase redistribution is only observed at low and high salinity, but absent at 140,000 ppm, suggests a non-linear salinity response in controlling hysteresis-governed migration and the relationship between trapping mechanisms.
Figs. 17 and 18 visually reinforce the trapping behaviors quantified in Fig. 16, showing how plume morphology evolves with salinity and wettability. After one year of injection (Fig. 17), mixed-wet system-s—especially at 210,000 ppm—display vertically elongated plumes with low saturation intensity (Sg ~ 0.08–0.12), resulting in 15.4 % capillary trapping. This geometry suggests enhanced CO2 mobility and gas–brine contact, corroborating the high dissolution ratio (~36 %) and low capillary trapping (~40 %) seen in Fig. 16c and 16f. In contrast, the water-wet system under the same salinity displays a laterally spread, more confined plume, consistent with reduced dissolution (~9%) and stronger confinement (~82 %), caused by elevated interfacial tension suppressing buoyancy.
These distinct saturation patterns are a direct consequence of wettability. In the mixed-wet condition, lower hysteresis (0.2) and diminished water film coverage reduce snap-off events, weakening capillary retention and promoting vertical migration. Conversely, the water-wet case (hysteresis = 0.35) encourages lateral spreading due to stronger capillary thresholds, enhanced brine presence, and improved CO2–rock contact for trapping. These mechanisms collectively explain the early-stage plume geometry and residual gas distribution across wettability conditions.
By 15 months (Fig. 18), secondary imbibition becomes increasingly dominant, particularly in water-wet systems where CO2 ganglia undergo
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Fig. 17. Residual gas saturation after one year of CO2 injection at 90 ◦C across salinities of 70,000, 140,000, and 210,000 ppm illustrates how salinity and wettability regulate CO2 plume confinement.
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Fig. 18. Trapped CO2 distributions fifteen months after injection at 90 ◦C and salinities of 70,000, 140,000, and 210,000 ppm reveal late-stage plume evolution shaped by wettability and salinity.
capillary remobilization. Trapped gas saturation significantly intensifies (Sg > 0.15, red zones), and capillary trapping increases to 53.8 % at 210,000 ppm. This shift is driven by delayed brine re-invasion at the pore scale, which reconnects with previously bypassed CO2 and pro-motes snap-off and brine encapsulation. High hysteresis in the water-wet system sustains these secondary trapping pathways. In contrast, the mixed-wet medium retains a vertically focused structure dominated by green–yellow saturation (Sg ~ 0.08–0.13), with little increase in immobilization (23.5 % trapping). Here, weaker brine accessibility and limited wetting-phase connectivity restrict secondary imbibition and delay capillary locking. As a result, dissolution remains the primary trapping mechanism. These spatial distributions directly support the delayed transition observed in Fig. 16 and reflect how wettability and hysteresis shape the evolution of CO2 plume confinement over time.
3.3.	Reactive roles of key minerals
3.3.1.	Mineral-specific response to wettability and salinity
Fig. 19 illustrates the final mole changes of calcite, kaolinite, and anorthite after a 60-year simulation across salinities ranging from 70,000 to 210,000 ppm at 90 ◦C, under both water-wet and mixed-wet conditions. Regardless of wettability, calcite and kaolinite consistently show net precipitation, while anorthite undergoes persistent dis-solution—reflecting intrinsic mineral reactivity. These trends capture the core processes of mineral trapping: calcite and kaolinite immobilize CO2 via solid-phase formation, whereas anorthite dissolution supplies essential cations that facilitate secondary precipitation.
In water-wet conditions, calcite precipitation declines by approximately 14 % with increasing salinity, which can be attributed to the salting-out effect at high ionic strengths. This phenomenon reduces CO2 solubility and carbonate ion activity, thereby suppressing CaCO3
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Fig. 19. Mineral-specific precipitation and dissolution under varied salinities (70,000, 140,000, and 210,000 ppm) at 90 ◦C for both water-wet and mixed-wet conditions after 60 years.
nucleation. Conversely, kaolinite precipitation nearly triples across the same salinity range, indicating enhanced accessibility of aluminosilicate sites and progressive clay formation. This increase results from elevated Al3+ and H4SiO4 activity near mineral–brine interfaces under brine-dominated conditions, promoting the reaction pathway described in Equation (6). This process benefits from both high salinity and elevated temperature, which accelerate ionic mobility and nucleation kinetics.
Meanwhile, anorthite dissolution decreases by about 25 % as salinity rises, suggesting that stronger ionic shielding reduces proton access to the mineral surface. This weakens acid–mineral interactions and slows feldspar breakdown, as governed by Equation (7). In addition, increased salinity reduces water activity, which inhibits hydrolysis and stabilizes silicate frameworks, further reducing anorthite reactivity.
In contrast, mixed-wet systems show a non-monotonic calcite response: precipitation dips at intermediate salinity but ultimately rises by more than 30 % at the highest salinity level, possibly reflecting a balance between reduced CO2 solubility and enhanced supersaturation due to increased CO2–rock contact. Anorthite dissolution in this case intensifies by nearly 90 %, consistent with more prolonged acid expo-sure and reduced brine shielding under weakly water-wet conditions. These trends demonstrate that salinity and wettability jointly influence mineral-specific reactivity in reactive transport systems. The results also highlight that anorthite acts as the principal reactive phase controlling long-term geochemical evolution. Its dissolution not only governs the supply of Ca2+, Al3+, and H4SiO4 to the system but also dictates the extent of secondary mineralization through calcite and kaolinite pathways. The pronounced variation in anorthite reactivity across salinity and wettability scenarios therefore represents a critical control on the efficiency and durability of CO2 mineral trapping.
The spatial footprint of geochemical reactions under high salinity is illustrated in Fig. 20, which displays mineral-specific maps of calcite and kaolinite precipitation and anorthite dissolution at 210,000 ppm and 
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Fig. 20. Spatial distribution of mineral alteration under high salinity (210,000 ppm) and 90 ◦C: calcite and kaolinite precipitation, and anorthite dissolution for water-wet (top) and mixed-wet (bottom) conditions after 60 years.
90 ◦C. Water-wet systems exhibit deeper but more uniform mineral alteration, driven by higher interfacial tension and broader brine accessibility. In contrast, mixed-wet systems show more localized and intense reactivity, particularly in the lower regions where acidified brine accumulates. Limited reaction at the top layers reflects enhanced CO2 mobility, promoted by combined salinity and temperature effects. These spatial patterns, consistent with the integrated mole changes shown in Fig. 19, highlight how wettability governs both the vertical extent and localization of mineral trapping processes.
3.3.2.	Mineral-specific response to wettability and temperature
Fig. 21 illustrates the net mole changes of calcite, kaolinite, and anorthite at the end of a 60-year simulation under varying temperature conditions (50 ◦C, 70 ◦C, and 90 ◦C) across both water-wet and mixed-wet systems at a fixed salinity of 70,000 ppm. While overall trends reflect consistent mineral preferences—calcite and kaolinite favoring precipitation and anorthite undergoing dissolution—thermal sensitivity introduces notable divergence in magnitude and behavior across wettability regimes.
In water-wet systems, rising temperature leads to a ~ 22 % reduction in calcite precipitation, likely due to increased CO2 solubility at lower temperatures enhancing the chemical potential for carbonate formation. As temperature rises, CO2 solubility decreases and pH rises more slowly, shifting the balance toward less favorable conditions for sustained carbonate nucleation. In contrast, kaolinite precipitation increases steadily with temperature, reflecting enhanced mobility of Al3+ and H4SiO4, more intense mineral–brine interfacial reactions, and accelerated clay formation, consistent with the mechanism described in Equation (6). Anorthite dissolution also intensifies by about 80 %, indicating that higher temperatures promote acid-driven feldspar breakdown through faster hydrolysis and proton attack, as described in Equation (7).
Mixed-wet conditions exhibit a different thermal behavior. Calcite precipitation remains relatively stable across the temperature range, showing minimal variation despite changes in CO2 solubility. This suggests that reduced brine coverage in weakly water-wet systems preserves consistent CO2–rock contact, maintaining rapid saturation and sustained precipitation. Kaolinite precipitation, however, rises more sharply than in water-wet cases—by over 30 % at higher temperatures, reflecting a synergistic enhancement from both elevated temperature and improved interfacial reactivity. Anorthite dissolution under mixed-wet conditions also becomes noticeably more aggressive, increasing by around 50 %, driven by improved acid access to reactive surfaces due to limited brine shielding. Together, these results confirm that while temperature governs CO2 solubility, acidity, and reaction kinetics, its effects are significantly shaped by wettability.
Fig. 22 presents spatial maps of mineral alteration at 70,000 ppm salinity and 90 ◦C under both wettability regimes. Kaolinite precipitation under water-wet and mixed-wet conditions appears comparable in total magnitude, but the latter exhibits more widespread distribution. For anorthite, although the overall net dissolution difference is moderate, the mixed-wet case shows a higher frequency of intensely reactive zones, with many grid blocks reaching more extreme dissolution values. Calcite precipitation in mixed-wet systems is distributed across broader lateral regions, consistent with its sustained accumulation, whereas in water-wet conditions it is confined to a narrower vertical column, reflecting more localized mineralization. These spatial patterns rein-force the trends observed in Fig. 19 and emphasize the role of wettability in shaping mineral reactivity. The sensitivity of anorthite dissolution to temperature further stresses its controlling role in the overall geochemical evolution. At elevated temperatures, accelerated feldspar breakdown supplies increased Ca2+, Al3+, and H4SiO4, which sustain secondary carbonate and clay precipitation. This behavior links thermal conditions directly to long-term trapping capacity, confirming anorthite dissolution as a governing pathway for mineral-system feedbacks during CO2 storage.
3.3.3.	Pore structure evolution induced by mineral reactions
Fig. 23 summarizes changes in porosity and permeability after 60 years of CO2 injection, capturing the combined effects of wettability, salinity, and temperature under water-wet and mixed-wet conditions. Panels (a) and (b)  explore  the  impact  of  increasing  salinity (70,000–210,000 ppm) at 90 ◦C, while panels (c) and (d) investigate the influence of rising temperature (50–90 ◦C) at constant salinity (70,000 ppm). Across all scenarios, the changes result from a dynamic relationship between mineral dissolution and precipitation triggered by geochemical reactions with acidified brine.
Overall, the rock matrix experienced moderate enhancement in pore space, with average porosity and permeability increasing by approximately 0.36 % and 1.22 %, respectively. These structural adjustments are primarily attributed to dissolution of reactive minerals such as anorthite and calcite, consistent with earlier findings in Sections 3.3.1 and 3.3.2 where feldspar breakdown and carbonate buffering dominated geochemical transformations. In contrast, Pan et al. [94] investigated the Morrow Formation at the Farnsworth EOR field in northern Texas and reported much stronger geochemical alteration. Their simulations indicated marked shifts in aqueous chemistry (notably Ca2+, Mg2+,
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Fig. 21. Final mole changes of calcite, kaolinite, and anorthite after 60 years at salinity 70,000 ppm under varied temperatures (50 ◦C, 70 ◦C, 90 ◦C) for water-wet and mixed-wet systems.
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Fig. 22. Spatial maps of mineral-specific reactions at 70,000 ppm salinity and 90 ◦C, illustrating wettability-driven differences in precipitation and dissolution patterns after 60 years.
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Fig. 23. Changes in permeability (a, c) and porosity (b, d) after 60 years of CO2 injection, showing the influence of salinity (70,000–210,000 ppm at 90 ◦C; top row) and temperature (50–90 ◦C at 70,000 ppm salinity; bottom row) under water-wet and mixed-wet conditions.
Fe2+, and HCO–) following CO2 injection, leading to substantial in-carbonates and 7.59 % in sandstones, with corresponding permeability increases in porosity (~2.7 %) and permeability (~8.4 %) by the end of a 25-year injection period. The higher magnitudes in their case are consistent with the longer injection duration compared to our 5-year injection scenario, highlighting the sensitivity of structural changes to cumulative CO2 exposure. Furthermore, Xu et al. [95] concluded that mineral trapping becomes the dominant sequestration pathway on timescales of 103–104 years. This perspective reinforces our interpretation: although porosity and permeability changes over 60 years are relatively modest, long-term projections point to a progressive strengthening of mineral trapping as geochemical equilibria are approached.
The trends of our study indicate that both elevated salinity and temperature facilitate more intense mineral–fluid interactions. Higher salinity promotes ionic activity and suppresses CO2 solubility, while higher temperature increases acid strength and ion mobility—conditions that intensify rock dissolution. These mechanisms correspond with enhanced CO2–brine contact and greater dissolution trapping, as discussed previously. However, the structural evolution shown in Fig. 23 reveals that within the 60-year simulation window, differences between water-wet and mixed-wet conditions remain relatively minor compared to chemical and thermal controls. Such porosity and permeability evolution plays a dual role in CO2 sequestration. On one hand, increased pore volume and flow pathways improve gas injectivity and brine displacement, facilitating short-term storage. On the other hand, prolonged dissolution may undermine reservoir integrity, risking fracture development or subsidence in the long term—echoing real-world concerns such as those raised at the In Salah project in Algeria [96]. Therefore, while mineral reactions can support enhanced CO2 accommodation, they must be balanced against potential geomechanical risks, making long-term monitoring essential for secure and sustainable CO2 storage.

4.	Validation of simulation results
Since site-specific experimental datasets or direct field-scale data were not available for calibration, the reliability of the modeling out-comes was evaluated by comparing them with well-established trends reported in the literature. This comparative approach allowed us to assess whether the predicted behaviors of CO2 trapping mechanisms agree with both experimental observations and independent numerical studies.
4.1.	Cross-validation with laboratory evidence
Experimental investigations of CO2–rock–brine interactions consistently demonstrate that acidification triggers mineral dissolution and pore-structure modification. Menke et al. [97] showed that in both homogeneous and heterogeneous carbonates, dissolution channels developed more rapidly at lower brine pH. Similarly, Yang et al. [98] observed active pore-scale dissolution in carbonate rocks under CO2-acidified brine (pH ≈ 3.5–4), confirming the strong coupling between CO2 solubility, pH decrease, and calcite dissolution. Zou et al. [99] further demonstrated that CO2–brine–rock reactions can begin within less than 0.5 h, with measurable porosity alterations occurring at very early times, underscoring the rapid onset of geochemical activity after CO2 injection. Luquot and Gouze [100] reported comparable acidification effects in limestone cores at 100 ◦C and 1750 psi, where dissolution increased porosity by up to ~ 5 % and enhanced permeability by nearly an order of magnitude.
Recent laboratory studies also reinforce these findings quantitatively. Park et al. [101] documented ~ 0.88 g of mass loss and an ~ 8.8 % porosity increase in sandstone cores over 20 days. Zhao et al. [102] measured 1.93 % porosity, and 39.1 % permeability increases in car-bonate after only 1.46 days. Fatah et al. [103] extended these observations to longer timescales, reporting porosity increases of 5.98 % in enhancements of 9.62 % and 13.54 % after 90 days. In addition, nanoparticle-assisted experiments [13] have shown that improving CO2 solubility in brine can intensify pore geometry changes and modify pore-size distributions over time, further supporting the mechanistic link between dissolution and rock alteration.
Our CMG-GEM simulations reproduce these experimental signatures: CO2 injection induced a sharp initial drop in pH, a rise in Ca2+ con-centration from calcite dissolution, and gradual porosity and permeability changes controlled by the competing processes of dissolution and secondary carbonate precipitation. This close correspondence with both pore-scale and core-scale experiments provides confidence in the reli-ability of the modeled geochemical processes.
4.2.	Comparison with previous simulation benchmarks
The outcomes of our CMG-GEM simulations were further validated through comparison with well-established reactive-transport bench-marks. Across prior studies [104], a consistent trend emerges: CO2 dissolution in brine lowers pH, initiating carbonate and silicate dissolution, followed by gradual carbonate precipitation as alkalinity re-covers. Our results reproduce this sequence: injection caused a sharp pH drop, mobilization of Ca2+ through calcite dissolution, and a subsequent rebound in pH associated with secondary carbonate precipitation. This behavior is strongly consistent with the modeling of Lagneau et al. [105], who simulated CO2 injection into deep saline aquifers and showed that dissolution dominates immediately after injection, while precipitation becomes the prevailing sink at later stages as the system re-equilibrates. Similarly, Babaei et al. [106] demonstrated that CO2 dissolution forms carbonic acid, driving a decrease in pH and carbonate mineral dissolution; with progressive convective mixing, pH recovered, and precipitation of secondary carbonates became increasingly favor-able, precisely the buffering pathway captured in our model. Xu et al. [107] applied a reactive-transport model to the Frio-I Brine Pilot in Texas and reported a sharp pH drop following CO2 breakthrough, accompanied by increases in bicarbonate and aqueous ions, followed by carbonate precipitation that sequestered nearly all injected CO2 over 500 + years. These field-calibrated predictions mirror the mineralization trajectory in our CMG-GEM results, where early acidification induced calcite and anorthite dissolution, while long-term stability was achieved through calcite and kaolinite precipitation.
This dual cross-validation, against both experimental evidence and numerical benchmarks, provides confidence in the reliability of the modeled geochemical processes.
5.	Conclusions
This study demonstrates that the combined effects of wettability, temperature, and salinity critically shape CO2 trapping efficiency and the trajectory of geochemical reactions in saline aquifers.
Elevated temperatures (50–90 ◦C) accelerate mineral reactions, but their outcomes depend strongly on wettability: mixed-wet systems sustain CO2–rock contact and promote long-term mineralization, while water-wet systems limit continued interaction after initial trapping. For example, calcite precipitation declines by ~ 22 % in water-wet systems but remains stable in mixed-wet, while anorthite dissolution increases by ~ 80 % and ~ 50 %, respectively. Salinity (70,000–210,000 ppm) further modulates reactivity by altering ionic strength and water activity—suppressing calcite precipitation by ~ 14 % in water-wet but enhancing it by > 30 % in mixed-wet systems, while nearly tripling kaolinite formation and intensifying anorthite dissolution by ~ 90 % under mixed-wet conditions.
The mineral-specific responses highlight the central role of anorthite dissolution in governing long-term geochemical evolution. Breakdown of anorthite supplies Ca2+, Al3+, and H4SiO4, which sustain secondary mineralization pathways.  Released Ca2+ contributes  to  calcite precipitation, effectively locking CO2 into solid form, while Al3+ and H4SiO4 drive kaolinite formation. This coupling between silicate dissolution and secondary carbonate/clay precipitation underlines the importance of considering accessory minerals when evaluating storage security. Crucially, wettability modulates how these processes unfold: mixed-wet systems, by allowing greater CO2 mobility and convective penetration into the brine, enhance dissolution of CO2, lower pH more strongly, and sustain feldspar and carbonate breakdown. In contrast, water-wet systems restrict CO2 transport by maintaining brine films on pore walls, limiting convective mixing and buffering the system earlier, which reduces the extent of rock dissolution and mineralization.
Beyond mineralization, wettability and fluid chemistry control physical trapping. Higher temperatures reduce capillary trapping due to decreased interfacial tension yet enhance dissolution through improved CO2–brine mixing, while high salinity promotes capillary-dominant trapping in water-wet conditions and lower salinity favors dissolution-dominant profiles. Over 60 years, these coupled mechanisms result in measurable but modest structural changes, with porosity and permeability increasing by ~ 0.36 % and ~ 1.22 %. Importantly, our simulations reproduce the mechanistic sequence widely reported in laboratory and benchmark models—an early stage of net dissolution, reflected by pH decrease and Ca2+ release, followed by progressive carbonate precipitation as buffering reactions dominate.
As one of the first studies to explicitly link wettability to mineralization efficiency under varied salinity and temperature, this work highlights key conditions for maximizing long-term CO2 storage security. Future research should build on these findings by integrating pore-scale experiments, laboratory reactivity data, and field observations to refine parameterization and strengthen predictive capacity for large-scale deployment.
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A B S T R A C T 

Nanoparticles improve traditional Enhanced Oil Recovery (EOR) methods but face instability issues. Surface modification resolves these, making it vital to understand its impact on EOR effectiveness. This paper examines how surface-modified nanoparticles can increase oil recovery rates. We discuss post-synthesis modifications like chemical functionalization, surfactant and polymer coatings, surface etching, and oxidation, and during-synthesis modifications like core-shell formation, in-situ ligand exchange, and surface passivation. Oil displacement studies show surface-engineered nanoparticles outperform conventional EOR methods. Coatings or functionalizations alter nanoparticle size by 1–5 nm, ensuring colloidal stability for 7 to 30 days at 25 to 65 ͦC and 30,000 to 150,000 ppm NaCl. This stability ensures uniform distribution and enhanced penetration through low-permeability (1–10 md) rocks, improving oil recovery by 5 to 50 %. Enhanced recovery is achieved through 1–25 μm oil-in-water emulsions, increased viscosity by ≥30 %, wettability changes from 170 ͦ to <10 ͦ, and interfacial tension reductions of up to 95 %. Surface oxidation is suitable for carbon-based nanoparticles in high-permeability (≥500 md) reservoirs, leading to 80 % oil recovery in micromodel studies. Surface etching is efficient for all nanoparticle types, and combining it with chemical functionalization enhances resistance to harsh conditions (≥40,000 ppm salinity and ≥ 50 ͦC). Modifying nanoparticle surfaces with a silane coupling agent before using polymers and surfactants improves EOR parameters and reduces polymer thermal degradation (e.g., only 10 % viscosity decrease after 90 days). Economically, 500 ppm of nanoparticles requires 56.25 kg in a 112,500 m3 reservoir, averaging $200/kg, and 2000 ppm of surface modifiers require 4 kg at $3.39/kg. This results in 188,694.30 barrels, or $16,039,015.50 at $85 per barrel for a 20 % increase in oil recovery. The economic benefits justify the initial costs, highlighting the importance of cost-effective nanoparticles for EOR applications.

1.	Introduction

In the modern era, the demand for energy continues to climb due to the increasing population, industrial activities, and advancements in technology, all requiring substantial power resources [1]. Consequently, there is a pressing need for innovative approaches to extract oil more efficiently from underground reservoirs [2]. Enhanced oil recovery (EOR) techniques have emerged as a crucial solution to address this challenge, aiming to access untapped reserves that conventional methods cannot reach or extract economically [3]. Various EOR techniques, such as water flooding, gas injection, chemical flooding, and thermal methods, have been employed to enhance oil production from reservoirs [4]. However, these conventional methods encounter limitations, such as incomplete oil recovery and geological complexities [5], which necessitate the exploration of alternative approaches.
For effective EOR, injection fluids should have a lower mobility compared to oil to prevent bypassing and avoid channeling and viscous fingering, thereby increasing sweep efficiency [6]. This is particularly crucial during gas flooding and water flooding, where both can have lower mobility than oil, leading to unfavorable volumetric sweep efficiency. Additionally, the injection fluid should create stable emulsions and lower the interfacial tension (IFT) between oil and water, facilitating the mobilization of trapped oil [7]. It should also be capable of changing the wettability of reservoir rocks from oil-wet to water-wet, enhancing the displacement of trapped oil [8]. Furthermore, the injection fluid should reduce the viscosity of heavy oils and bitumen, making them easier to produce. Finally, if the injection fluids could also impede or reduce fines migration, it would be highly beneficial for maintaining reservoir permeability [9].
In recent years, researchers have increasingly focused on nanoparticles as promising agents or enhancing the effectiveness of EOR techniques [10]. Nanoparticles possess unique properties such as high specific surface area, tunable surface characteristics, efficient penetration into subsurface formations due to their small size [11]. Adding certain amounts of nanoparticles, such as aluminium oxide (Al2O3) [12], titanium oxide (TiO2) [13], iron oxide (Fe3O4) [14], zirconium oxide (ZrO2) [15], zinc oxide (ZnO) [16], calcium carbonate (CaCO3) [17], silicon dioxide (SiO2) [18], and magnesium oxide (MgO) [19], can significantly alter the characteristics of injection fluids, enhancing oil recovery. Table 1 provides a comprehensive overview of various nanoparticle materials used in nanofluid flooding across different laboratory-scale formations for their potential in EOR applications.
For successful use in EOR operations, nanoparticles must exhibit small size, strong colloidal stability, surface charge, partial hydrophobicity, and a proper shape as shown in Fig. 1. These attributes enable nanoparticles to effectively penetrate subsurface formations, resist thermal and pressure degradation, and enhance oil recovery mechanisms.
Nanoparticles designed for EOR should typically range between 1 and 100 nm. This nanoscale size allows them to penetrate the fine pore spaces of reservoir rocks, reaching and mobilizing trapped oil that larger particles cannot access, as larger particles can plug pore throats [10]. Their small size results in a higher specific surface area, enhancing stability through electrostatic repulsion, making nanoparticles a powerful tool for more efficient and effective oil extraction (see Fig. 2).
The shape of nanoparticles significantly influences their performance in EOR. Spherical nanoparticles offer uniform distribution and high mobility, while star-shaped and cubic nanoparticles provide higher surface areas, enhancing interactions with oil and rock surfaces. Plate-shaped nanoparticles have very high surface areas and can modify wettability, but may face mobility issues. Rod-shaped nanoparticles offer large surface areas and can stabilize emulsions but may have alignment challenges in porous media. Selecting the optimal shape involves balancing surface area, stability, and mobility to achieve the best performance for specific reservoir conditions [58].
Nanoparticles must maintain stability and avoid agglomeration in the harsh conditions of the reservoir. Oil reservoirs often present extreme temperatures and contain a variety of chemicals, including brines, acids, and bases. Nanoparticles must exhibit thermal and chemical stability to withstand these aggressive conditions without degradation or loss of functionality [59]. This stability ensures that nanoparticles retain their structural integrity and continue to perform effectively throughout the EOR process.
Surface charge of nanoparticles determines the degree of electrostatic repulsion or attraction between nanoparticles and the reservoir rock, as well as between individual nanoparticles. A well-defined surface charge provides nanoparticles with colloidal stability, preventing them from agglomerating under reservoir conditions [60]. Positively or negatively charged nanoparticles repel each other, maintaining a stable suspension in the injection fluid, which is vital for ensuring that nanoparticles can travel through the reservoir without forming aggregates that could block pore throats and impede fluid flow. Surface charge also affects reservoir rock wettability. Positively charged nanoparticles interact differently with sandstone (negatively charged) and carbonate reservoirs (positively charged), potentially changing wettability from oil-wet to water-wet [61]. High ionic strength brines can screen nano-particle surface charges, impacting stability and functionality. Strong surface charges help nanoparticles resist this screening, maintaining performance in high-salinity environments. Negatively charged nano-particles perform better with salts by repelling each other and preventing aggregation. Thus, optimizing nanoparticles for a negative surface charge enhances dispersion stability, rock interaction, and wettability alteration in EOR applications.
Hydrophilic nanoparticles can disperse in water and alter oil-wet wettability to water-wet through structural disjoining pressure, aiding additional oil recovery, but they cannot effectively reach the oil-water interface to reduce IFT. Conversely, hydrophobic nanoparticles cannot disperse in water for EOR applications and can only operate in oil-phase mediums like toluene and xylene, which are toxic and costly. The optimal approach is to achieve mid-hydrophobicity, as demonstrated by graphene oxide, which exhibits high interfacial activity [62]. Graphene oxide’s combination of hydrophilic (functional oxygen groups) and hydrophobic (carbon chains) properties allows it to remain stable in water and act as a surfactant underground. This dual nature reduces IFT and alters wettability [63]. Lower IFT facilitates the mobilization of trapped oil, making it easier for injected fluids to displace oil towards production wells. Converting oil-wet to water-wet conditions enhances oil displacement during water flooding. Wettability alteration is particularly advantageous in reservoirs where oil-wet conditions impede efficient oil recovery.
Under reservoir conditions, nanoparticles often face challenges such as agglomeration or dissipation due to high salinity [64], temperature [65], and improper pH levels [66]. These harsh conditions can compromise their stability and functionality, leading to low dispersibility and pore-space obstruction. Fig. 3 illustrates these key parameters impacting nanoparticle stability, and Table 2 summarizes recent studies that consider these crucial factors affecting the stability of bare nanoparticles, along with the approaches used for stability analysis. Increased salinity raises the ionic strength of the solution, com-pressing the electric double layer around nanoparticles and reducing electrostatic repulsion, leading to aggregation. High salt concentrations screen surface charges, making nanoparticles less effective at repelling each other and more prone to aggregation, thereby increasing their effective size [67]. This effect is particularly pronounced with multi-valent cations like Ca2+ and Mg2+, which are more effective at inducing aggregation than monovalent cations like Na+. These multivalent ions act as bridges between negatively charged nanoparticles, promoting aggregation. For instance, the critical salt concentration for SiO2 nano-particles in contact with Na+ was 100 times higher than that for Ca2+, Ba2+, and Mg2+, indicating that the latter cations were more effective than Na+ in destabilizing nanoparticle dispersion, with Mg2+ being the most effective among the divalent cations studied [68]. Salinity significantly reduces the zeta potential, making nanoparticles more susceptible to aggregation due to decreased electrostatic repulsion. Graphene oxide nanofluids maintained stability at 2 wt% NaCl but exhibited significant instability at 4 wt% and 6 wt% NaCl, with destabilization occurring after 14 days [69].
Nanoparticles exhibit optimal stability within a specific pH range; deviations can lead to instability, causing aggregation or sedimentation [71]. This is because pH changes alter the surface charge of nanoparticles, affecting electrostatic repulsion. Consequently, nanoparticles may aggregate, increasing their effective size. Adjusting the pH can prevent aggregation by enhancing repulsive forces, keeping particles well-dispersed. For example, 1000 and 5000 ppm silica nanofluids at high ionic strength (42,000 ppm NaCl and seawater) at basic pH (>5) were stable for almost one day, irrespective of temperature. In contrast, these nanofluids showed a minimum stability of 21 days at 80 ◦C, at pH 1.5 [77]. TiO2 nanoparticles were unstable at pH 5–8 after 24 h but remain stable for over 30 days at pH 12 [70]. Similarly, silver nanoparticles destabilized and aggregated faster at acidic or neutral pH but restabilized and remained stable in alkaline conditions [73]. Thus, maintaining a strong surface charge through pH adjustment is crucial for nanoparticle stability.
Table 1
Summary of most widely used nanoparticles for lab-scale flooding in different formations, where nanoparticles are used independently.
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Higher temperatures can also destabilize nanoparticles by increasing aggregation rates or altering solvent properties. As temperature rises, the energy barrier for particle collisions decreases, promoting aggregation and increasing particle size [74]. Temperature changes can affect surface charge and electrostatic repulsion, with higher temperatures potentially reducing zeta potential and increasing aggregation. Elevated temperatures can accelerate surface chemical reactions, altering functional groups on nanoparticle surfaces and their interaction with the medium [75]. For example, Al2O3 nanofluids with a 9 % nanoparticle concentration remained stable for up to 33 h at 20 ◦C. However, as the temperature increased to 40 ◦C and higher, the zeta potential of the Al2O3 nanoparticles decreased, leading to reduced electrostatic repulsion between particles. This reduction facilitated aggregation, 
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Fig. 1. Essential properties of nanoparticles for EOR: hydrophobicity, small size, shape, stability, and charge, ensuring their stability, functionality, and efficiency under reservoir conditions.

increasing particle size and visibly altering the fluid’s properties, thereby compromising the stability of Al2O3 nanoparticles [76].
These examples underscore the profound impact of salinity on nanoparticle stability. Understanding these behaviors is crucial for applications in EOR studies, where the stability and dispersion of nanoparticles significantly impact performance. A critical solution to enhance nanofluid stability involves modifying the surface chemistry of nanoparticles to improve dispersion of nanoparticles in the base fluid [78]. These modifications facilitate the attachment of other beneficial compounds such as functional surfactants [79] or polymers [80], while also enabling nanoparticles to transport through pore channels with remarkable ease, experiencing minimal retention along the way.
For instance, Zhou et al. [81] utilized chemical binding to enhance SiO2 nanoparticles with amino groups and an anionic surfactant, as depicted in Fig. 4. With hydroxyl groups on their surfaces, SiO2 particles were aminated to neutralize their negative charges and become positively charged, allowing them to chemically bond to Soloterra964, a negatively charged surfactant. This approach improved the efficiency of the nanofluid for applications under high salinity and temperature conditions, specifically at 150,000 ppm NaCl and 65 ◦C for 30 days. The
average particle size of the nanoparticles stayed nearly constant at approximately 85 nm after keeping the samples for 30 days at 65 ◦C and 150,000 ppm NaCl, whereas the control sample size increased to nearly 650 nm after 5 days.
Khoramian et al. [63] augmented the negatively charged Sodium Dodecyl Benzene Sulfonate (SDBS) surfactant with graphene oxide nanosheets (GONs) (see Fig. 5), enhancing the surface of the nanosheets through weak van der Waals bonding for EOR applications. This enhancement resulted in the generation of electrostatic repulsion forces among the graphene oxide nanosheets, preventing their aggregation even at high salinity levels of 60,000 ppm NaCl for two weeks. This adjustment led to a substantial 79 % increase in oil recovery in micro-model flooding experiments by mitigating the occurrence of viscous fingering and restoring mixed-wet wettability.
As observed, tailored nanoparticles through surface modification methods offer superior performance in oil displacement applications under harsh reservoir conditions, demonstrating significant progress in nanoparticle surface modification. However, a comprehensive assessment of leading methodologies and their impact on EOR effectiveness remains elusive. This paper presents a critical review of nanoparticle surface modification to enhance oil recovery mechanisms, emphasizing the imperative for further research on surface modifications under real reservoir conditions. Drawing from materials science, chemistry, and chemical engineering, this interdisciplinary knowledge equips reservoir engineers with the necessary tools to address challenges related to nanoparticle stability and enhance oil recovery strategies effectively. The paper comprehensively explores nanoparticle surface modification methods, factors influencing them, their impact on nanoparticle-assisted EOR mechanisms, applications in EOR, a detailed economic analysis addressing the cost-effectiveness of different nanoparticles and surface modifiers for EOR applications, associated challenges, and future research opportunities.

2.	Nanoparticle surface functionalization

Nanoparticles, due to their small size and exceptionally high surface area, possess heightened reactivity, making them prone to interactions with surrounding molecules. This enhanced reactivity enables nanoparticles to readily engage in reactions that can alter their properties or induce aggregation [82]. However, these unique properties also face challenges. Nanoparticles often agglomerate due to attractive forces such as electrostatic interactions, solvent effects, or Van der Waals forces, compromising their dispersity and efficacy in applications. Additionally, their high surface area and reactivity make them susceptible to oxidation reactions, potentially leading to alterations in properties or degradation when exposed to air or other oxidizing agents [83].
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Fig. 2. Comparison of the surface area of nanoparticles with bulk materials and microparticles, highlighting the enhanced properties resulting from the nano-scale size.
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Fig. 3. Environmental impact on nanoparticle stability: High temperature and salinity cause agglomeration, while low temperature and salinity promote dispersion. pH variations significantly affect nanoparticle stability. The bottom middle graph shows a frequency distribution of particle sizes under different conditions, indicating agglomeration with larger particle sizes and dispersion with smaller particle sizes.

Addressing these challenges is paramount for harnessing the full potential of nanoparticles in practical applications. Surface modification methods play a crucial role in overcoming these hurdles, allowing for the tailored adjustment of nanoparticle properties to meet specific needs [84]. Surface functionalization of nanoparticles is a versatile process that involves deliberately altering the surface chemistry or properties of nanoparticles. This is commonly achieved by incorporating inorganic or organic species onto the nanoparticle surface [85]. The outcome of this modification is the creation of hybrid nanoparticles, where the combined presence of different materials results in nanoparticles with multifunctional properties and an altered surface chemistry. These hybrid nanoparticles exhibit enhanced capabilities compared to their pristine counterparts, as they can possess a diverse array of functionalities, such as improved stability and applicability [86].
The process of nanoparticle surface modification can occur at different stages. It can be integrated into the synthesis process itself, wherein functional groups are introduced onto the nanoparticle surface during particle formation. Alternatively, post-synthesis treatments can be employed to modify the nanoparticles after their initial synthesis. During the synthesis process, techniques such as core-shell formation, surface passivation, and in-situ ligand exchange are employed to introduce functional groups onto the nanoparticle surface. Alternatively, post-synthesis treatments like chemical functionalization, surface coating, surface oxidization, and surface etching are used to modify the nanoparticles after their initial formation.
Fig. 6 illustrates the process of nanoparticle surface modification, highlighting the primary approaches used to achieve stability in nano-fluids. These surface modification techniques enhance the stability of nanofluids by boosting electrostatic repulsion forces, making them suitable for harsh reservoir conditions characterized by extreme pH, salinity, and temperature. The enhanced stability and functional properties of these modified nanofluids benefit EOR processes through various mechanisms such as altering wettability, improving mobility control, fine migration control, emulsification, and reducing IFT, ultimately leading to additional oil recovery by diverting flow to unswept zones.

2.1.	Post-synthesis treatments

Following the initial synthesis of nanoparticles, post-synthesis treatments offer a versatile method to modify their surface properties. These treatments include chemical functionalization, surface coating, oxidation, and etching. The significance and methodologies of these treatments, along with their expected outcomes, will be explored in detail in the subsequent sections.

2.1.1.	Chemical functionalization
Post-synthesis chemical treatments involve introducing functional groups onto the nanoparticle surface via chemical reactions, enabling precise control over type and density. This versatility in surface modification allows for tailored properties, such as enhanced colloidal stability, making the nanoparticles suitable for injection into harsh underground reservoir conditions, thus overcoming stability challenges [86]. The choice of functionalization chemistry depends on factors such as nanoparticle composition, size, shape, and desired surface properties. The most common method used for chemical functionalization is silane coupling reactions [87].
Silane, a chemical compound comprising silicon and hydrogen atoms, benefits from carrying a diverse array of functional groups, such as cyano, amino, epoxy, and carboxylic groups [88]. It acts as a bridge between the polar surfaces of nanomaterials and organic compounds, significantly enhancing dispersion abilities [89]. Plueddemann et al. [90] first employed silane coupling agents to modify nanoparticle surfaces. Subsequently, numerous studies have explored the use of silane coupling agents to broaden nanoparticle applicability. For example, Al2O3 nanoparticles were subjected to amination grafting using 3-ami-nopropyltriethoxysilane (APTES), an aminosilane, in the presence of high-purity dimethylbenzene (Fig. 7) [91]. APTES served as the agent for functionalizing the nanoparticle surface, thereby introducing amino groups, while dimethylbenzene was employed both as the reaction medium and the solvent for washing the APTES-functionalized Al2O3 nanoparticles after the completion of the reaction. The modified nanoparticles exhibited significantly improved mechanical and thermal properties, when compared to their unmodified counterparts. Ngouan-gna et al. [92] investigated the modification of SiO2 nanoparticles’ surface charge using APTES, resulting in lower interfacial tension and higher oil recovery compared to unmodified nanoparticles.
(3-glycidoxypropyl)-trimethoxysilane (GPTMS), a silane coupling agent, primarily consists of an epoxy functionality and a trimethoxy group in its structure. Jang et al. [93] initially dispersed colloidal silica particles in deionized water, followed by the addition of GPTMS. The mixture was then heated to 70 ͦC and agitated for 24 h at a pH range of 6–7. This process induced hydrolysis of the GPTMS molecules, causing the GPTMS chains to break down and become grafted onto the surface of the nanoparticles (Fig. 8). The modification with GPTMS improved the nanofluid’s stability in up to 20 wt% salinity at 90 ͦC and altered oil-wet carbonate rocks to water-wet. While Rong et al. [94] identified 30 wt% GPTMS silane as the optimal amount, Bahramnia et al. [95], found the best surface modification of SiO2 nanoparticles using 80 wt% of GPTMS as a coupling agent at pH 4. The silane coupling agent demonstrated improved dispersibility in a saturated calcium hydroxide solution. This improvement was attributed to the larger steric hindrance provided by the coupling agent grafted onto the surface of SiO2 nanoparticles, which prevents the particles from agglomerating [94].

Table 2
Summary of recent studies on factors influencing the stability of bare nanoparticles.
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2.1.2.Surface coating
Surface coating, a critical post-synthesis treatment, employs methods such as surfactant coupling and polymer coating to modify nanoparticle surfaces. The detailed methodologies and implications of surfactant coupling and polymer coating will be discussed in the following sections.
2.1.2.1.Surfactant coupling.
Surfactants are crucial for modifying the surface properties of nanoparticles, significantly enhancing their stability and functionality. The binding of surfactants to nanoparticles can be achieved through two main mechanisms: chemical bonding and physical adsorption [96].
Chemical bonding entails the formation of covalent bonds, where surfactant molecules share electrons with the nanoparticle surface via a coupling agent [97]. This method results in a robust and enduring connection, providing remarkable stability against environmental changes, such as variations in pH and temperature. Such stability is especially beneficial for long-term applications, including EOR systems. For example, research [98] has shown that surfactants physically connected to nanoparticles through adsorption can experience an increase in desorption rates with rising temperatures. Specifically, desorption percentages at a temperature of 70 ◦C were found to be 2.0 % for CTAB, 5.3 % for Tween 20, and 9.1 % for SDS. These findings highlight the criticality of carefully choosing surfactant-nanoparticle combinations to ensure they can withstand varying environmental conditions and maintain optimal performance.
On the other hand, physical adsorption utilizes weaker forces—like van der Waals forces and hydrogen bonding—for the reversible binding of molecules to the nanoparticle surface [99]. This is because the interactions in physical adsorption are not as enduring as those formed through covalent bonds [100]. This method allows for the temporary modification of nanoparticle surface properties, offering significant advantages in scenarios where quick and easy changes to surface characteristics are desired, for instance, in water treatment applications [101]. Here, nanoparticles equipped with reversible surface properties can efficiently capture pollutants. Afterward, they can be regenerated for subsequent use.
Rezk et al. [102] suspended ZnO nanoparticles at concentrations of 500, 1000, and 2000 ppm in a solution containing 2000 ppm SDS surfactant. They achieved physical bonding between the SDS surfactant and ZnO nanoparticles through stirring for 25 min of ultrasonication in a cold-water bath, ensuring the stability of the nanoparticles in the surfactant solution over a two-week period. Their findings indicated an 8 % increase in oil recovery compared to conventional surfactant-based methods, attributed to enhanced stability and reduced interfacial tension.
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Fig. 4. Modifying SiO2 nanoparticles for high-salinity-temperature environments: chemical binding for improved stability and efficiency [81].
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Fig. 5. Chemical structures of (a) graphene oxide nanosheets (GONs), (b) SDBS surfactant, (c) surfactant-decorated GONs with their representative pictures: (d) GONs, (e) SDBS surfactant, (f) modified GONs, (g) developed nanofluid dispersed in brine, (h) modified-GONs fluid for oil recovery, and (i) oil-wet rock sample modification by Janus-GONs [63].

Zhao et al. [103] employed Triton X-100 as a dispersant to achieve an effective dispersion of SiO2 nanoparticles into water, maintaining a pH of 10. They illustrated the engineered SiO2 nanoparticle dispersion process as Fig. 9. The altered nanofluid exhibited impressive resistance to high temperatures and salinity, along with notably enhanced capabilities in modifying wettability and detaching oil compared to conventional surfactants.
Yekeen et al. [104] conducted a study investigating the synergetic effects of various nanoparticles (including carbon nanotubes, Al2O3, TiO2, CuO, ZnO, ZrO2, SiO2,) and surfactants (such as two anionic surfactants: SDS and SDBS, a cationic surfactant (CTAB), and a non-ionic surfactant Triton X-100) on foam stability and oil-water interfacial tension, particularly under high-temperature conditions. Their findings revealed that the mixture of nanoparticles and Triton X-100, facilitated through non-covalent (physical) interactions, exhibited the smallest aggregate sizes within the bulk solution and led to a significant decrease in n-decane-water interfacial tension. 
Building upon the examples of physical bonding discussed above, it is noteworthy that in many cases, especially with inorganic nanoparticles, a coupling agent is employed to modify the nanoparticle surface before integrating the surfactant. Acting as a mediator, the coupling agent facilitates the formation of a stable bond between the nanoparticle surface and the surfactant molecules. Common coupling agents for nanoparticles, as introduced in previous sections, include silanes containing amine groups and thiols [105].
Lysine, an amino acid containing both a carboxylic acid group (-COOH) and an amino group (—NH2), was covalently attached to the surface of SiO2 nanoparticles through a polymerization reaction facilitated by γ-MPS (γ-Methacryloxypropyl-Trimethoxysilane) molecules and catalysed by ammonium persulfate (APS), as depicted in Fig. 10, and described by Pillai et al. [106]. The resulting nanoparticles were purified via ultracentrifugation, washed with methanol to eliminate any unreacted lysine, and dried at 75 ◦C to yield the final product. Subsequently, they were mixed with a surfactant synthesized from jatropha oil. This combination enhanced the emulsion stability and acted as a resistant stabilizer under harsh reservoir conditions, leading to an additional recovery of almost 25 %.
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Fig. 6. Schematic representation of nanoparticle surface modification techniques for stable nanofluid formulation. The diagram outlines both during-synthesis and post-synthesis approaches to enhance nanoparticle stability, making them suitable for harsh reservoir conditions and beneficial for EOR processes.
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Fig. 7. Surface Aminated Al2O3 Nanoparticles using APTES amines [91].
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Fig. 8. Illustrates the surface functionalization process of SiO2 nanoparticles using GPTMS [93].
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Fig. 9. Schematic representation of the dispersion process of engineered SiO2 nanoparticles in water using Triton X-100 [92].

2.1.2.2.1.	Physical adsorption. Among these methods, physical adsorption offers simplicity and versatility, making it a widely adopted approach for surface modification of nanoparticles. Physical adsorption involves the non-covalent attachment of polymer chains onto the nanoparticle surface through interactions such as hydrogen bonding, van der Waals forces, or electrostatic interactions [123]. Van der Waals forces, which arise from induced or permanent dipoles, contribute to the attraction between polymer chains and the nanoparticle surface [124]. Hydrogen bonding, involving the formation of hydrogen bonds between functional groups on the polymer and the nanoparticle surface, further stabilizes the adsorbed polymer layer [125]. Electrostatic interactions, resulting from the presence of charged groups on the polymer and the nanoparticle surface, can also facilitate adsorption. An advantage of physical methods is the ability to achieve more specific surface modifications without the addition of chemical agents, enhancing the control over nanoparticle properties [126].
This method enables the incorporation of a wide range of polymers onto nanoparticle surfaces, providing flexibility in tuning their properties for specific applications. However, physical adsorption may result in weak interactions between the polymer and the nanoparticle surface, leading to potential detachment or instability under certain conditions. For instance, when water-soluble polyacrylamide (PAM) was combined with SiO2 nanoparticles, it tended to aggregate or settle (see Fig. 12), particularly in challenging environments such as high temperature and high salinity, significantly limiting its practical application in the field [127].
2.1.2.2.2.	Chemical grafting. Unlike physical adsorption, which relies on weaker non-covalent interactions, chemical grafting involves the direct formation of covalent bonds between the nanoparticle surface and the polymer chains [128]. This characteristic provides greater stability and resistance to detachment under various environmental conditions. The process of chemical grafting typically involves the activation of the nanoparticle surface to create reactive sites, followed by the attachment of polymer chains via covalent bonding [129].
Common activation methods, such as surface functionalization with silane coupling agents or initiator molecules, are crucial for facilitating the formation of bonds between the polymer and the nanoparticle surface. For instance, Haruna et al. [127] demonstrated the effectiveness of this approach by modifying the SiO2 nanoparticle surface with the silane coupling agent APTES (3-aminopropyl triethoxysilane) and triethylamine (TEA) (M_SiO2).
Through this modification, positively charged active groups were introduced onto the nanoparticle surface, enabling efficient grafting of PAM, and resulting in enhanced dispersion stability, particularly in the
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Fig. 10. Covalent attachment of lysine to SiO2 nanoparticles catalysed by ammonium persulfate (APS) [106].
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Fig. 11. Schematic progression of SiO2 nanoparticles from bare to amine-modified, and finally to amine-surfactant-modified, illustrating the chemical functionalization [107].

Table 3
Examples of surfactant-nanoparticle binding: Preparation conditions and stability assessment.
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presence of divalent ions (see Fig. 13). M_SiO2 significantly improved PAM’s thermal stability by reducing its thermal degradation. After 90 days, the SiO2/PAM and nanoparticle-free PAM experienced viscosity reductions of 45 % and 78 %, respectively, while the M_SiO2/PAM exhibited only a 10 % reduction, demonstrating its superior durability. Fig. 14 provides a visual distinction between nanoparticles that are merely dispersed within a polymer matrix and those that have been chemically grafted [130].
2.1.2.2.3.	In-situ polymerization. In-situ polymerization is a prominent method for surface modification of nanoparticles, offering advantages over physical adsorption and chemical grafting techniques. This process, detailed in Fig. 15 [131], occurs directly within the medium containing the monomer and the nanoparticles, enabling the formation of polymer chains that encapsulate the nanoparticles.
Unlike chemical grafting, which necessitates pre-activated surfaces, in-situ polymerization bypasses these limitations by initiating polymerization reactions directly on the nanoparticle surface. This process involves the dispersion of nanoparticles within a polymer matrix, allowing for direct modification without pre-treatment [132]. This approach provides greater control over the thickness and uniformity of the polymer coating, allowing for precise tailoring of nanoparticle properties to meet specific application requirements [133].
In in-situ polymerization, radical polymerization is commonly used, where monomers form polymer chains via reactive radicals. Initiation begins with initiator molecules generating radicals, which propagate by adding to monomers. Polymer chains grow until termination. For instance, Dˇzunuzovi´c et al. [134] demonstrated in-situ radical polymerization by modifying TiO2 nanoparticles with 6-palmitate ascorbic acid, dissolving them in toluene, and encapsulating them in PMMA through  radical  polymerization  of  MMA  initiated  by  2,2′-presence of divalent ions (see Fig. 13). M_SiO2 significantly improved PAM’s thermal stability by reducing its thermal degradation. After 90 days, the SiO2/PAM and nanoparticle-free PAM experienced viscosity reductions of 45 % and 78 %, respectively, while the M_SiO2/PAM exhibited only a 10 % reduction, demonstrating its superior durability. Fig. 14 provides a visual distinction between nanoparticles that are merely dispersed within a polymer matrix and those that have been chemically grafted [130].
2.1.2.2.3.	In-situ polymerization. In-situ polymerization is a prominent method for surface modification of nanoparticles, offering advantages over physical adsorption and chemical grafting techniques. This process, detailed in Fig. 15 [131], occurs directly within the medium containing the monomer and the nanoparticles, enabling the formation of polymer chains that encapsulate the nanoparticles.
Unlike chemical grafting, which necessitates pre-activated surfaces, in-situ polymerization bypasses these limitations by initiating polymerization reactions directly on the nanoparticle surface. This process involves the dispersion of nanoparticles within a polymer matrix, allowing for direct modification without pre-treatment [132]. This approach provides greater control over the thickness and uniformity of the polymer coating, allowing for precise tailoring of nanoparticle properties to meet specific application requirements [133].
In in-situ polymerization, radical polymerization is commonly used, where monomers form polymer chains via reactive radicals. Initiation begins with initiator molecules generating radicals, which propagate by adding to monomers. Polymer chains grow until termination. For instance, Dˇzunuzovi´c et al. [134] demonstrated in-situ radical polymerization by modifying TiO2 nanoparticles with 6-palmitate ascorbic acid, dissolving them in toluene, and encapsulating them in PMMA through  radical  polymerization  of  MMA  initiated  by  2,2′- azobisisobutyronitrile. This resulted in a nanocomposite featuring uniformly dispersed TiO2 nanoparticles without aggregation, significantly enhancing the polymer’s thermal stability. This improvement promises applicability in harsh reservoir conditions for oil displacement.
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Fig. 14. (a) Nanoparticles dispersed in a matrix polymer. (b) Chemically grafted nanoparticles with enhanced stability [130].

Chen et al. [135] developed temperature-sensitive iron oxide (Fe2O3) nanoparticles through in-situ polymerization, targeting enhanced functionality and stability under diverse salinity and temperature conditions. The synthesis began with dissolving iron (III) chloride hexahydrate and sodium acetate trihydrate in distilled water, followed by heating to form Fe2O3 nanoparticles. These nanoparticles were dispersed in deionized water, with the addition of PVP and sodium p-styrenesulfonate, and heated under nitrogen to achieve surface modification via in-situ polymerization. Transmission Electron Microscopy (TEM) images of the prepared shape with a particle size of less than 100 nm.
Fe2O3 and temperature-sensitive Fe2O3 nanoparticles are shown in Fig. 16a and 16b, respectively. The prepared Fe2O3 nanoparticles exhibit an irregular shape with a particle size under 100 nm. In contrast, the temperature-sensitive nanoparticles are characterized by a thicker coating on their surface.
This method stabilized the nanoparticles, preventing aggregation and fine-tuning their size through surface passivation. The modified nanoparticles exhibited stable dispersion in water and saltwater and, importantly, decreased in size at elevated temperatures. This size reduction increased oil recovery by lowering the wettability of rocks and the interfacial tension between oil and water. Microscopic displacement experiments indicated an oil recovery increase from 65.78 % at room temperature to 84.02 % at 50 ͦC, showcasing significant potential for EOR applications [135].

2.1.3.	Surface oxidation
Surface oxidation is a critical technique in nanomaterials science employed to chemically alter the surface characteristics of carbon-based nanoparticles, such as graphene or carbon nanotubes, in order to enhance their hydrophilicity and dispersibility in water-based fluids [136]. Graphene oxide, for example, is derived from graphene through the introduction of oxygen-containing functional groups via oxidation [137]. This modification is typically conducted after the initial synthesis of graphene, which involves the exfoliation or production of graphene flakes from graphite [138].
Graphite is first oxidized using a strong oxidizing agent such as potassium permanganate (KMnO4) and sulfuric acid (H2SO4). This oxidation process introduces various oxygen-containing functional groups onto the graphene lattice, resulting in the formation of graphene oxide. The exfoliation step further separates the layers of graphene oxide, yielding individual sheets dispersed in a liquid medium [139]. These graphene oxide sheets exhibit increased hydrophilicity and dispersibility compared to pristine graphene due to the presence of hydrophilic oxygen groups [140]. Controlling factors such as the choice of strong oxidizing agents, reaction temperature, reaction duration, and the application of mechanical energy through sonication or stirring can finely tune the degree of oxidation, distribution of functional groups, and overall wettability of the graphene oxide produced [141].
For example, Khoramian et al. [69] decorated the graphene surface using a post-synthesis oxidation method based on modified Hummers’ approach, as depicted in Fig. 17. They employed heavy probe ultra-sonication to reduce the size of graphene oxide nanosheets introduce additional oxygen functional groups, enhancing their hydrophilicity and dispersibility in the base fluid [63]. The presence of oxygen functional groups on GONs structures, as revealed by Raman spectroscopy, mitigated the adverse effects of monovalent sodium ions (Na+), leading to highly stable nanoparticles in an aqueous phase for the EOR process at a salinity of 20,000 ppm over two weeks and helping to prevent pore plugging [69].
The addition of graphene oxide (GO) notably improved the viscosity, thermal stability, and elasticity of HPAM, as demonstrated in Fig. 18, thus bolstering its effectiveness for EOR polymer flooding [142]. Complementary research [143] also showed that introducing a mere 300 ppm of GO particles to a seawater-diluted acrylamide polymer significantly raised its viscosity stability range from 92 ◦C to 135 ◦C.
Another research [144] investigated the chemical functionalization of carbon nanotubes through ultrasonic treatment in acid mixtures to achieve oxidation. This method effectively attached carboxylic functional groups (-COOH) to the nanotubes (Fig. 19a), significantly enhancing their water solubility and providing sites for further functionalization. In a related study [145] focused on carbon nanofibers (CNF), 2 g of CNF were treated with a 1:3 mixture of 65 % nitric acid (HNO3) and 98 % sulfuric acid (H2SO4). The mixture was then subjected to ultrasonication for 30 min at 40 ◦C to anchor oxygen functional groups of hydroxyl (-OH) and carboxyl (-COOH) onto the CNF surface (Fig. 19b).
The results demonstrated successful attachment of oxygen groups through surface oxidation, which significantly enhanced the thermal properties and extended the dispersion stability time of nanoparticles in the base fluid to 100 h, in contrast to the instability observed in commercial CNFs, which became unstable after only 1 h. This improvement was attributed to the reduction of van der Waals interactions among the nanoparticles [145], underscoring the crucial role of surface oxygen functional groups in these enhancements.
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Fig. 15. Stages of in-situ polymerization: nanoparticle dispersion, polymerization, and nanocomposite formation [131].
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Fig. 16. TEM images of (a) Fe2O3 nanoparticles and (b) temperature-sensitive Fe2O3 nanoparticles [135].
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Fig. 17. Sequential diagram depicting the synthesis process of graphene oxide [69].
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Fig. 18. Enhancement of HPAM viscosity and thermal stability by graphene oxide (GO) [142].

2.1.4.	Surface etching
Surface etching involves selectively removing surface atoms or layers from nanoparticles through chemical or physical processes, thereby altering their surface morphology, composition, and reactivity [146]. This technique enables precise control over nanoparticle size, shape, and surface chemistry, offering opportunities to enhance their catalytic activity, optical properties, and biocompatibility [147]. For instance, rough-surfaced SiO2 nanoparticles were synthesized by reacting SiO2 nanospheres with sodium borohydride (NaBH4) [148]. The procedure involved dispersing approximately 0.3 g of monodisperse SiO2 nano-spheres along with 0.25 g of PVP in 10 mL of water. The mixture underwent ultrasonication for 10 min, followed by the addition of 0.6 g of NaBH4 to the solution. The mixture was further agitated at 50 C for 5 h and then centrifuged. The resulting product was washed sequentially with pure water and ethanol and redispersed in pure water [149]. Surface etching with NaBH4 can modify the surface properties of silica nanoparticles, such as shape, as shown in Fig. 20 [150].
Surface-etched SiO2 nanoparticles, characterized by their roughened surfaces with dents, exhibit improved attachment of functional groups compared to their non-etched counterparts [150]. This suggests that surface-etching nanoparticles before modifying them with chemical modifiers like silanes, surfactants, or polymers could yield better results, especially since the attachment of functional groups can be reversible at higher temperatures as studied by Betancur et al. [98]. This highlights the critical need for strong chemical bonds in nanoparticle surface modification for effective application in challenging subsurface environments such as EOR. Achieving this involves pre-surface etching of nanoparticles to improve their chemical bond formation capabilities before further functionalization.
Surface-protected etching method has also been utilized since 2007 as an enhanced iteration of the surface etching technique for surface-modifying nanoparticles to enhance nanofluids stability at harsh conditions [151]. In this method, solid oxide nanoparticles are initially coated with a layer of polymeric ligands such as PVP to shield them. Subsequently, an appropriate etching agent such as sodium hydroxide (NaOH) is employed to selectively remove material from the interior of the particles, while the polymer protection maintains their original size. This process yields the formation of porous structures or hollow spheres within the particles (see Fig. 21) with improved colloidal stability and functionality [152], making them ideal for demanding applications such as EOR.

2.2.	During-synthesis treatments

During-synthesis modification methods for nanoparticles involve altering the surface properties and functionalities of nanoparticles as they are being synthesized. This approach integrates the modification process directly into the nanoparticle formation mechanism, offering a way to tailor the nanoparticles’ characteristics in a single step. This integrated approach can lead to better control over particle size, distribution, surface functionality, and overall stability. 
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Fig. 20. TEM images of SiO2 nanoparticles before and after etching by NaBH4 [150].
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Fig. 19. Chemical functionalization of carbon nanostructures via acid treatment: (a) Attachment of carboxylic functional groups (-COOH) to carbon nanotubes [144] and (b) Oxygen functional groups, including hydroxyl (-OH) and carboxyl (-COOH), anchored onto the surfaces of carbon nanofibers (CNF) [145].
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Fig. 21. Schematic representation illustrating the formation of porous struc-tures within solid oxide nanoparticles through the surface-protected etching method [152].

way to tailor the nanoparticles’ characteristics in a single step. This integrated approach can lead to better control over particle size, distribution, surface functionality, and overall stability.

2.2.1.	Core-Shell formation
The core-shell method in nanotechnology involves encapsulating a core particle with one or more layers of different materials, which may include metals, semiconductors, or polymers [153]. These core-shell structures can exhibit unique properties not found in either the core or shell materials alone, due to the synergistic effects of combining different materials at the nanoscale [154]. The core material can influence properties such as magnetic, optical, or catalytic behavior, while the shell material can provide stability, compatibility with the surrounding environment, or functional sites for chemical reactions [155]. Liu et al. [156] employed this technique for a two-step surface modification of Fe3O4 nanoparticles to bolster foam stability in enhanced oil recovery. Demonstrated in Fig. 22, the researchers began by coating the magnetic Fe3O4 nanoparticles with a silica shell using tetraethyl orthosilicate (TEOS) through a sol-gel process, aiming to produce a stable and dispersible Fe3O4–SiO2 core-shell structure while also avoiding the agglomeration typically caused by the nanoparticles’ magnetic properties.
Further modification was achieved by grafting n-dodecyltrimethoxysilane onto the silica surface, as depicted in the lower portion of Fig. 22. This process involves the hydrolysis of the methoxy groups in the silane to silanol, which then form covalent Si-O-Si bonds with the hydroxyl groups on the silica-coated nanoparticles. The attachment of the hydrophobic dodecyl chains imparts a hydrophobic surface to the nanoparticles, enhancing the stability and efficacy of the foams in EOR applications.
Similarly, Chen et al. [157] illustrated an in-situ surface modification of nanoparticles through the synthesis and functionalization of Fe3O4–SiO2 core-shell structure particles. Initially, Fe3O4 magnetic nanoparticles were stabilized in a trisodium citrate solution, followed by a washing and drying process. These magnetic nanoparticles were then coated with a SiO2 layer using the Stober method, creating a Fe3O4–SiO2 core-shell structure. Subsequently, the surface of these core-shell nanoparticles was modified through hydrolysis and condensation of silane to achieve functional surface properties. Fig. 23 showcases the comparative TEM images of Fe3O4 and Fe3O4–SiO2 nanoparticles. The former exhibited a spherical shape with an average size of approximately 40.0 ± 3.04 nm, and the latter displayed a slight increase in size to about 45 ± 3.52 nm, indicating the successful coating of Fe3O4 with a silica layer [158]. This final product provided a green solution for oil-water separation, purifying wastewater and minimizing secondary pollution through efficient oil collection [157]. This capability suggests a promising application in enhancing oil recovery processes by reducing interfacial tension and altering wettability.

2.2.2.	In-situ ligand exchange
In-situ ligand exchange is a sophisticated method that integrates the direct incorporation of functional ligands—molecules or ions chosen for their ability to bind to a central metal atom and form coordination complexes—into the surface of nanoparticles during their synthesis. This technique aims to achieve desired outcomes such as improved solubility, stability, and reactivity, among others, tailoring the nanoparticles for specific applications [159].
Silica nanoparticles, which inherently have silanol (-Si-OH) groups on their surface, can undergo functionalization through in-situ ligand exchange [160]. This is typically achieved using silane coupling agents bearing functional groups like amino (-NH2), thiol (-SH), or carboxyl (-COOH) [161]. These agents can effectively replace the silanol groups, attaching new functionalities to the nanoparticles.
Yuan et al. [162], for instance, utilized silane coupling agents, namely succinic anhydride, and APTES, to modify the surface of silica nanoparticles. Their study explored the surface modification of colloidal silica nanoparticles through a modified Stober process for synthesis. This resulted in the creation of two distinct types of functionalized silica nanoparticles: SiO2–NH2 and SiO2–COOH, in addition to the original SiO2–OH nanoparticles bearing hydroxyl groups, as shown in Fig. 24. They discovered that the type of chemical group added to the surface influenced how water molecules stick to or move around the nanoparticles. For example, the number of surface hydroxyl, amine, and carboxyl groups per nm2 was found to be 4.0, 3.7, and 2.3, respectively, for SiO2 particles with a diameter of 203 nm. Among these, the carboxyl group (COOH) was the most hydrophilic, followed by the hydroxyl (OH) group, and then the amine (NH2) group. This reveals precisely how many hydrophilic spots are on the nanoparticle surface, indicating which parts are attractive to water molecules. This method is extremely useful for creating new materials for specific applications, like EOR, where nanoparticles need to be highly dispersed and stable in water.
Qu et al. [163] also induced a rapid ligand exchange reaction at elevated temperatures directly in the reaction medium to modify the surface of magnetic iron oxide nanoparticles. This process allowed for the replacement of the original labile solvent layer with hydrophilic natural amino acids, leading to the creation of functionalized, quasi-spherical nanoparticles with an average diameter of about 7 nm and composed of phase-pure Fe3O4. The surface modification with amino acids, therefore, not only enhanced dispersibility and stability in aqueous solutions but also endowed them with the capability to be
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Fig. 22. Stepwise modification of Fe3O4 nanoparticles with SiO2 and n-dodecyltrimethoxysilane for enhanced oil recovery [156].
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Fig. 23. TEM images of (a, b) Fe3O4 nanoparticles with uniform spherical shapes and (c, d) Fe3O4–SiO2 nanoparticles, illustrating the increase in size due to the silica coating [158].
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Fig. 24. SEM images of SiO2 nanoparticles with different functional groups [162].

 
further customized for specific applications, especially those requiring multifunctionality and biocompatibility. This makes them suitable for use in targeted drug delivery, diagnostic imaging, and potentially in EOR, depending on the specific requirements of these applications.
Wang et al. [164] demonstrated the use of an in-situ ligand exchange method for the functionalization of nanoparticle surfaces directly within the synthesis process, which facilitated the transformation of hydrophilic SiO2 nanoparticles into hydrophobic ones by employing silylation, a chemical reaction between 3-methacryloxypropyltrimethoxysilane and the nanoparticles’ surface hydroxyl groups. This in-situ functionalization contrasts with traditional post-synthesis modifications, highlighting a strategic advancement in the direct engineering of nanoparticle surfaces to effectively alter their properties.
This integration of ligand layers not only allows for the functional customization of nanoparticles but also highlights the importance of such modifications in controlling the nanoparticles’ electronic interactions [165]. Greenham et al. [166] demonstrated that a thin ligand layer could significantly impede charge transfer between nanoparticles, affecting their electronic properties. This is particularly relevant in preventing undesired charge transfer, a vital factor in the design and utilization of nanoparticle systems.
Similarly, Hu et al. [167] used a photo assisted ligand exchange technique, depicted in Fig. 25, to modify PbSe quantum dots. This method involved replacing oleic acid ligands with amine groups (NH2) under UV light and protons, enhancing the dots’ surface chemistry for optoelectronic use. The improved quantum dots, crucial for high-performance quantum dot light-emitting diodes (QD-LEDs), illustrate how ligand exchange can refine nanoparticle surfaces and boost device functionality.

2.2.3.	Surface passivation
Surface passivation enhances the chemical and thermal stability of materials by making their surfaces chemically inactive or less reactive [168]. This technique involves the application of protective coatings, such as thiol-based self-assembled monolayers [169], polymers, or surfactants, to shield materials from agglomeration and prevent degradation of their original properties [170]. These coatings are expected to significantly expand the materials’ applications, including in EOR, by improving performance and preserving properties.
The Sto¨ber method [171], depicted in Fig. 26, exemplifies this technique by encapsulating silicon nanoparticles, initially coated with organic groups and PVP, within a silica shell. The method commenced with the production of hydride-terminated silicon nanoparticles from porous silicon, which were then subjected to photoinduced hydrolysation, introducing decyl groups to the surface. The nanoparticles were then encapsulated in SiO2 via the Sto¨ber process, resulting in silicon nanoparticles with a silica coating. These nanoparticles were synthesized with precise sizes of around 15 and 25 nm, and they demonstrated enhanced stability across various pH levels, attributed to the SiO2 coating [172].
Another study [173] synthesized zinc sulphide nanoparticles doped with manganese ions (Mn2+-doped ZnS) through chemical precipitation and treated with a carboxylic group-bearing passivating agent. This treatment displayed a thirtyfold increase in photoluminescence intensity. This aligned with the principles observed in the Sto¨ber method, demonstrating how surface passivation—by preventing aggregation and controlling size through a protective layer—significantly boosted nanoparticle properties for broader applications, for example, EOR. 
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Fig. 25. Scheme of photoassisted ligand exchange on PbSe quantum dots for enhanced optoelectronic applications [167].
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Fig. 26. Depiction of silicon nanoparticles before and after SiO2 encapsulation using the Sto¨ber method [172].

3.	Influential factors in nanoparticle surface modification

This section explores the crucial roles of surface charge, initial surface chemistry, and reaction temperature in nanoparticle surface modification. Adjusting surface charge can prevent aggregation [174], while the inherent surface chemistry influences functionalization compatibility and effectiveness [175]. Reaction temperature affects the kinetics and results of modification processes [176]. Understanding these factors ensures that modification strategies are both effective and suited to the specific nanoparticle, acknowledging the unique requirements across different nanoparticles. This discussion highlights the importance of these factors for successful surface modification.

3.1.	Surface charge

The surface charge of nanoparticles is pivotal in governing their behavior and interactions within a dispersion medium [177]. Manipulating nanoparticle surface charge through various adjustment techniques is instrumental in fostering repulsive forces between particles, thereby facilitating their even distribution throughout the base fluid medium [178].
For instance, functionalizing SiO2 nanoparticles with positively charged amine groups can effectively alter their surface charge from negative to positive. This modification enhances their dispersibility in aqueous solutions and promotes interactions with negatively charged particles, such as ionic surfactants [174]. Conversely, coating silica nanoparticles with negatively charged carboxyl groups serves to pro-mote electrostatic repulsion between particles, mitigating agglomeration and ensuring uniform dispersion in a solvent [179].
In a recent study [180], surface modification of graphene oxide was investigated, employing surfactants SDBS and CTAB. SDBS introduced negative charges similar to graphene oxide, while CTAB introduced positive charges, establishing a connection with graphene oxide’s negative charges. Consequently, CTAB-modified graphene oxide exhibited superior transport behaviors in porous media compared to SDBS-modified graphene oxide. This observation was further validated in another study [181], which assessed the height of the energy barrier in interaction energy graphs. The energy barrier represents the maximum energy level at which nanoparticles remain kinetically stable. CTAB exhibited a higher energy barrier, preventing graphene aggrega-tion and outperforming other surfactants such as SDS in terms of stability. This underscores the critical role of nanoparticle surface charge in selecting appropriate surface modifiers.

3.2.	Initial surface chemistry

The initial surface chemistry of nanoparticles strongly influences the feasibility and outcome of surface modification processes. Distinct nanoparticles may require specific modification strategies tailored to their surface chemistry to achieve the desired functionalization or coating [175]. Hydroxyl (-OH) and carboxylic (-COOH) groups bond with the surfaces of metal oxides, such as iron oxides in forms like ferric oxide (Fe₂O₃), ferrous oxide (FeO), and magnetite (Fe₃O₄). Similarly, amines (-NH2), thiols (-SH), and cyanides (CN^-) facilitate the controlled attachment of molecules or functional groups to noble metals like gold and silver [78]. Silica nanoparticles, owing to their high surface area and reactivity, are often functionalized with various reactive groups, including thiols (-SH), amines, and carboxyl groups, as illustrated in Fig. 27 [182].

3.3.	Reaction temperature

Research indicates that the temperature of the reaction medium directly influences reaction rates, which can potentially result in alterations to the morphology of nanoparticles during synthesis [176]. Furthermore, temperature variations can impact the kinetics and thermodynamics of surface modification reactions. Higher temperatures 
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Fig. 27. Modification of the surface of SiO2 nanoparticles using different chemicals [182].

typically expedite the chemical reactions involved in surface modification, whereas lower temperatures may slow them down.
This influence of temperature on reaction rates and surface modification processes was demonstrated in a study on APTES-modified silica-coated maghemite nanoparticles [183]. At room temperature, the grafting reactions of these nanoparticles occurred at a slower rate compared to when the temperature was raised to 50 ͦC. However, further increasing the temperature beyond 50 ◦C did not lead to a higher surface amine concentration, as evidenced by titrations. Pendolino et al. [184] further corroborated these findings, indicating that adjusting the operational temperature can result in distinct outcomes in surface modification. For example, decreasing the temperature to 0 ◦C may hinder certain chemical reactions, thereby affecting the exfoliation process and resulting in the formation of graphite oxide. Conversely, increasing the temperature to 30 ◦C can enhance the modification process, leading to the formation of single-layer graphene oxide.
Additionally, control over the size and physical characteristics of graphene oxide sheets was attained by modifying the oxidation temperature of graphite at different levels: specifically, 25 ◦C, 27 ◦C, and 35 ◦C [185]. Decreasing the oxidation temperature resulted in an increase in both the carbon-to-oxygen (C/O) ratio and the average size of the graphene oxide (GO) sheets, highlighting a clear correlation and underscoring the temperature-dependent nature of the functional groups formed during the oxidation process. In conclusion, temperature serves as a crucial parameter affecting both nanoparticle synthesis and surface modification processes.

4.	Surface modification effects on nanoparticle properties

Surface modification can change nanoparticle size by either enlarging with additional layers or reducing to avoid agglomeration. This not only affects size but also improves dispersion stability, essential for uniform distribution in various applications. This section reviews these parameters to provide deeper insights into the selection of surface modifiers.

4.1.	Particle size

Coating may lead to changes in the size of individual nanoparticles or affect the extent of agglomeration, thereby influencing the overall size distribution of the nanoparticle population and its performance [186]. For example, in one study [187], the initial diameter of Fe3O4 nanoparticles	increased	slightly	after	coating	with	Ethyl-enediaminetetraacetic (a hydrophilic polymer) and Sodium Lauryl Sul-fate (an ionic surfactant), reaching approximately 20–25 nm and 44–50 nm, respectively, as evidenced by Scanning Electron Microscope (SEM) images (Fig. 28). This indicates successful coatings, with Sodium Lauryl Sulfate doubling the size.
These coatings enhanced the nanoparticles’ water-wetness in low salinity environments (below 5000 ppm) and decreased the contact angle on carbonate rocks to 22◦, promoting water-wet conditions through adsorption on the carbonate-rock surface. Notably, Sodium Lauryl Sulfate-coated nanoparticles displayed superior stability and oil recovery efficiency in brine conditions, likely due to their larger size post-coating, even though nanoparticles coated with Ethyl-enediaminetetraacetic could also alter wettability at lower concentrations [187].
In another study [188], grafting APTES onto SiO2 nanoparticles increased the hydrodynamic diameter from 59.6 ± 5.8 nm (Fig. 29a) to 114.0 ± 16.6 nm (Fig. 29b). However, conjugation of methoxy poly-ethylene glycol to the nanoparticle surface resulted in a considerable growth in particle size to 254.6 ± 18 nm. This substantial increase, attributed to nanoparticle agglomeration as evidenced in TEM images (Fig. 29c), may negatively impact nanoflooding for oil displacement in low-permeability reservoirs by risking entrapment and pore plugging. Conversely, a study [189] documented nearly an 80 % reduction in 
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Fig. 28. SEM images of Fe3O4 nanoparticles depicting (a) pure nanoparticles, (b) treated with Ethylenediaminetetraacetic, and (c) treated with Lauryl Sulfate [187].
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Fig. 29. TEM images showing (a) unmodified SiO2 nanoparticles, (b) surface-functionalized with APTES, and (c) agglomeration effect observed after methoxy polyethylene glycol conjugation [188]. 

the hydrodynamic size of ZnO nanoparticles following surface modification with SDS surfactants. This modification resulted in a more stable nanofluid than the unmodified version, facilitating nanolfuids navigation through tight pore spaces. Likewise, the incorporation of HPAM polymer diminished the aggregate size of SiO2 nanoparticles, owing to the effective steric repulsion it provided [80], making them well-suited for EOR. These findings highlight the significant role of surface modification in altering nanoparticle size, emphasizing the importance of careful selection of nanoparticle treatments.
Agglomeration of nanoparticles diminishes their ability to alter wettability and reduce interfacial tension. This effect causes them to become larger, negatively impacting the porosity and permeability of porous materials, ultimately reducing the efficiency of oil recovery processes [190]. Nevertheless, if the nanoparticles are exceptionally fine, there is a potential for elevated surface energy, leading to significant agglomeration and surface adsorption, ultimately causing instability in the nanofluid [191]. Kanj et al. [192] outlined a methodology for determining suitable nanoparticle sizes for reservoir rocks, validating their ability to penetrate pores. They recommended limiting nanoparticle sizes to 500 nm for direct plugging and 100 nm for bridging
(see Fig. 30). Therefore, achieving an optimal size is essential for the efficient utilization of nanoparticles in a specific system. Different modifiers can yield varying outcomes, which is crucial for addressing challenges in subsurface reservoirs.

4.2.	Dispersion stability

Surface modification serves to prevent nanoparticles from aggregating, thereby preserving their colloidal stability and enabling uniform distribution within a solvent [193]. This function is crucial for numerous nanoparticle applications, especially in unconventional reservoirs characterized by complex environmental conditions [81]. TiO2 nano-particles were surface-modified using a silane compound as a coupling agent, resulting in nanofluids with significant dispersion stability observed under harsh conditions of 20 wt% salinity and 90 ◦C temperature [194].
Sun et al. [195] visually examined the colloidal stability of nano-fluids following the physical coating of nanoparticles with three different stabilizers: sodium dodecyl sulfate (SDS), poly(vinyl-pyrrolidone) (PVP), and poly(ethylene glycol) (PEG) at a concentration 
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Fig. 30. Pore size distribution study for optimizing nanoparticle size: insights from mercury injection tests on reservoir rocks [192].

of 10,000 ppm under ambient conditions for three days. Significant agglomeration and deposition of various nanoparticles in the base fluid were observed when SDS and PEG were employed. In contrast, PVP demonstrated high effectiveness in enhancing nanofluid stability for both single and composite nanofluids. Additionally, Hidayat Chai et al. [189] physically mixed 20 g of pristine ZnO nanoparticles with a 20,000-ppm SDS surfactant solution under 50 ◦C heating for 48 h, resulting in a 219.71 % increase in nanofluid stability compared to unmodified ZnO nanofluid.
Zhao et al. also [196] reported a significant shift in the isoelectric point of TiO2 nanoparticles from approximately pH 6.4 to pH 9.4 post-surface modification with organic functional groups. Furthermore, the zeta potential plateaus increased notably due to the protonation of amine groups within the acidic region. This led to a remarkable reduction in particle hydrodynamic diameters and enhanced particle dispersion stability, as evidenced by the polydispersity index. Consequently, surface treatment can induce notable alterations in the deprotonation or protonation of functional groups on the nanoparticle surface, leading to significant changes in surface chemistry and nanoparticle properties.

5.	Effect of nanoparticle surface modification on EOR mechanisms

This section explores the pivotal roles of nanoparticle surface modification across five key EOR mechanisms: mobility control, wettability alteration, interfacial tension reduction, emulsion stabilization, and pore plugging, showcasing how these engineered particles optimize oil extraction processes.

5.1.	Mobility control

The mobility ratio, indicating the relationship between the mobility of the fluid causing displacement and the fluid being displaced, plays a pivotal role in EOR processes, particularly in the context of nanoparticle-enhanced EOR [197].
In conventional flooding methods, where injection fluids like water, CO2, and surfactant solutions are employed to drive oil, the lower viscosity of these displacing fluids leads to a higher mobility ratio. This, in turn, results in issues such as viscous fingering of the displacing fluid and inefficient sweeping of oil [198]. These challenges can be mitigated by either increasing the viscosity of the displacing fluid or decreasing the viscosity of the oil. The incorporation of nanoparticles into the displacing fluids has the potential to boost their viscosity, effectively lowering the mobility ratio. In their study, Khoramian et al. [69] observed a 34 % increase in brine viscosity when the concentration of graphene oxide nanosheets reached 800 ppm. This heightened viscosity contributed to a 28 % improvement in oil recovery, as observed in micromodel flooding tests.
In a separate study [63], a comparison was made between the viscosity of SiO2 nanoparticles and surface-modified graphene oxide nanoparticles (Janus-GONs). The viscosity experiments demonstrated a notable improvement of 1.48 cp in the Janus-GONs fluid after the dissolution of NaCl, whereas the silica fluid exhibited a marginal increase of 0.07 cp (see Fig. 31).
This viscosity disparity suggests that Janus-GONs have a more pronounced effect on fluid viscosity than silica nanoparticles. In micro-model experiments, Janus-GONs with a smooth pass resulted in a substantial oil recovery of 79 %, outperforming the disorderly and speedy behavior of silica nanoparticles, which achieved a recovery of 53% (Fig. 32) [63].
In many instances, polymers are commonly utilized to adjust and improve unfavorable mobility ratios by augmenting the viscosity of the displacing fluid [199]. However, the viscosity of polymers can be negatively impacted, and they may undergo degradation under certain temperature and salinity conditions [200]. To address this challenge, incorporating nanoparticles into the polymer matrix can lead to the emergence of more robust polymers [201]. This enhancement not only helps in maintaining viscosity but also mitigates issues such as viscous 
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Fig. 31. Comparison of viscosity enhancement between Janus-GONs and SiO2 nanoparticles after NaCl dissolution [63].
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Fig. 32. Janus-GONs show superior oil recovery compared to silica nanoparticles in micromodel experiments, attributed to improved mobility control [63].

 
fingering in the water phase, contributing to the overall effectiveness of polymer flooding techniques.
Golshokooh et al. [202] formulated a hybrid comprising SiO2 nanoparticles and a sulfonated copolymer, showcasing enhanced properties for oil recovery. Under simulated high-temperature oil reservoir conditions, the hybrid formulation demonstrated superior inherent viscosity and thermal stability when compared to the copolymer alone. Abdullahi et al. [203] incorporated Al2O3, SiO2, and TiO2 nanoparticles into partially hydrolyzed polyacrylamide (HPAM) solutions, analyzing rheological properties under various shear rates and ion concentrations. Results showed that increased salt concentration typically reduced polymer solution viscosity. However, the hybrid dispersions of nano-particles and HPAM demonstrated higher viscosity than pure HPAM solutions at similar salinity levels, attributed to the nanoparticles’ shielding effect against cations in the salt.
The issue of gas channeling, similar to concerns in water flooding, poses a challenge in gas displacement processes. In response, the application of nanoparticles has emerged as a solution to enhance foam stability during gas flooding, offering a comprehensive approach to address both gas channeling and foam stability in reservoir engineering [204]. Fu et al. [205] conducted a study to explore the effectiveness of nanoparticle-stabilized CO2 foam for enhanced foam stability and mobility control under reservoir conditions at 1500 psi and 25 ◦C. Stable CO2 foam was successfully generated using a nanosilica dispersion at varying foam qualities, and increasing the nanosilica concentration to 5000 ppm resulted in stable foam with higher foam mobility and resistance factor.
Incorporating SiO2 nanoparticles alongside a constant surfactant concentration resulted in a foam with greater stability compared to using the surfactant alone by creating a barrier between gas bubbles, thus prolonging the prevention of bubble coalescence [206]. In foams created with the anionic surfactant SDS, the presence of SiO2 nano-particles boosted foam stability because they do not adsorb onto the SiO2 nanoparticles. However, when a foaming suspension contained the cationic surfactant DTAB alongside naturally charged nanoparticles, the nanoparticles flocculated and settled, resulting in less stable foam. Similarly, with the surfactant Triton X100, which adsorbs onto nanoparticles to a lesser extent than DTAB, an adequate surfactant concentration above the critical micelle concentration was crucial for stable foam formation [207]. This demonstrates the dependency on factors such as surfactant type to ensure stable foam formation when working with nanoparticles (Fig. 33).

5.2.	Wettability alteration

Wettability describes how fluids behave towards a solid surface in the presence of other immiscible fluids [208], critical for oil recovery in reservoirs. An oil-wet condition, where rock surfaces prefer oil over water, hinders the ability of water to displace oil, posing a challenge to efficient oil recovery [209]. Nanoparticles, particularly when modified at their surface, offer a solution by changing the rock surface’s wettability at the nanoscale [210], enhancing fluid receptivity and aiding oil displacement [211].
Nanoparticles have inherent surface properties that limit their interaction with rock surfaces, often leading to suboptimal dispersion, stability, and interaction with the target surface [212]. In contrast, surface-modified nanoparticles are engineered with specific functional groups or coatings that can be designed to interact more feverously with particular rock surfaces. These modifications can introduce hydrophobic or hydrophilic characteristics, as needed, to match the wetting proper-ties of the rock, promoting better adhesion, dispersion, and stability [175].
Structural disjoining pressure significantly impacts fluid spreading dynamics, particularly in the presence of nanoparticles. This pressure, exerted by molecular interactions within thin liquid films, greatly in-fluences how fluids spread over surfaces. When negative (Eq. (1)), nanoparticles agglomerate, and no perpendicular forces are present to detach the oil. In contrast, when it is positive (Eq. (2)), structural dis-joining pressure causes nanoparticles to repel each other, enhancing nanofluid spreading and aiding in the removal of remaining oil. The structural joining pressure based on Ornstein—Zernike Eq. [213] is defined as below:
Π(h) = —P for 0 < h < d	(1)
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Fig. 33. Effect of surfactant type on nanoparticle-enhanced foam stability [207].

 
Π(h) = Π0cos(ωh + φ2)e—kh + Π1e—δ(h—d) for h ≥ d	(2)
In this context, P refers to the bulk osmotic pressure of the nanofluid, h represents the film thickness (the distance between the residual oil and the rock surface), and d denotes the size of the nanoparticles. The other parameters in the equation (Π0, ωh, φ2, δ, k) depend on the volume fraction of the nanoparticles, which is calculated as (6np/πd3), where (np) is the number of particles per unit volume in the system [53].
An exemplary study by Adil et al. [214] found that treating surfaces with TX-100-treated SiO2 nanofluids shifted the contact angle from oil-wet conditions (130.4 ͦ) to water-wet conditions (78 ͦ), indicating that the presence of SiO2 nanoparticles at the three-phase contact region increases the likelihood of forming a wedge-film structure, which acts as a barrier separating oil from the formation surface. Wasan and Nikolov’s calculations [215] demonstrated that the spreading coefficient, a measure of a nanofluid’s ability to spread on a surface, increases exponentially as the film thickness (h) decreases. The driving force formed by the films is strong enough to initiate a Marangoni flow towards the oil phase and detach it from the rock surface (see Fig. 34).
Abe et al. [53] calculated the structural disjoining pressure for nanoparticles of different sizes (A: 20 nm and B: 100 nm) and concentrations (1000, 5000, and 10,000 ppm). Fig. 35a demonstrates that reducing nanoparticle size increases structural disjoining pressure. Smaller nanoparticles facilitate a higher influx into the wedge region between the rock and residual oil, thereby enhancing structural disjoining pressure and better wettability alteration from oil-wet to water-wet conditions. Fig. 35b shows the structural disjoining pressures at various nanoparticle concentrations. Higher concentrations increase the number of nanoparticles within the wedge film, amplifying structural disjoining pressure, but also heighten the likelihood of agglomeration due to increased attractive forces.
Further research [217] has investigated the effects of SiO2 nano-particles modified with anionic surfactants, specifically internal olefins 
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Fig. 34. Illustration of wettability modification mechanisms via a wedge-film created by SiO2 nanoparticles and the structural disjoining pressure concept [216].

sulfonates, on wettability alterations. A particularly remarkable outcome from these investigations was the dramatic transformation of wetting characteristics towards pronounced water-wet conditions due to the treatment with modified nanoparticles. This transformation was evidenced by a significant reduction in contact angle measurements, which dropped from 80 ͦ to just 3 ͦ on glass slides engineered to mimic sandstone surfaces. This drastic reduction in contact angle was attributed to the high surface energy of modified nanoparticles, due to their small size of 40 nm, which increased disjoining pressure and enhanced oil recovery. 
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Fig. 35. (a) Structural disjoining pressure for nanoparticles of sizes 20 nm (NP-A) and 100 nm (NP-B) at a concentration of 1000 ppm. (b) Structural disjoining pressure for nanoparticles at concentrations of 1000, 5000, and 10,000 ppm [53].

 
5.3.	Interfacial tension reduction

Interfacial tension (IFT) is a measure of the force per unit length acting at the interface between two non-miscible fluids, such as oil and water [218]. Determining IFT is essential for EOR studies as it provides crucial insights into the feasibility and effectiveness of various recovery techniques. Understanding IFT allows engineers to optimize methods aimed at reducing the tension between oil and water, thus enhancing oil displacement and recovery [219].
IFT is closely related to capillary forces and residual oil saturation in reservoirs. Capillary forces, which arise due to the interaction between fluids and porous media, can influence fluid distribution and trapping within the reservoir. High IFT exacerbates capillary trapping, leading to increased residual oil saturation and reduced overall oil recovery [220]. Therefore, reducing IFT is essential for improving oil recovery efficiency by minimizing capillary trapping and facilitating fluid displacement [221].
Nanoparticles, particularly those engineered with specific surface properties, have shown promise in decreasing IFT [222]. Surface-engineered nanoparticles achieve very low IFT values more effectively through tailored surface chemistry. These nanoparticles migrate to the oil-water interface, exerting a drag force on both phases, promoting their convergence [223]. This action breaks down the oil phase into smaller droplets, facilitating oil displacement and increasing recovery efficiency. Fig. 36 illustrates how nanoparticles adsorb at the oil-water interface to reduce IFT [224].
Introducing SiO2 nanoparticles into an ionic surfactant (SDS) solution has been shown to significantly enhance its ability to lower the IFT between n-heptane and water, as documented in [225]. Without nano-particles, achieving equilibrium IFT was a lengthy process, taking over 600 s from an initial value of 42 mN/m. The incorporation of nano-particles, however, led to reduced initial and equilibrium IFT values,
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Fig. 36. Schematic illustrating how nanoparticles reduce IFT by adsorbing at the oil-water interface [224].
 
with equilibrium being reached in less than 100 s, a finding detailed in Fig. 37. The observed enhancement in surfactant performance is credited to the electrostatic repulsion – a repelling force – between the negatively charged nanoparticles and the anionic surfactant molecules. This effect underscores the remarkable capability of nanoparticles to boost surfactant efficiency significantly.
Further research [214] demonstrated the effectiveness of surface-modified silica nanoparticles in enhancing oil recovery in oil-wet systems. Using the sol-gel method, researchers synthesized nanoparticles and subsequently modified their surfaces with agents such as Triton X-100 and polyethylene glycol (PEG). This modification resulted in a 30 % reduction in IFT compared to unmodified nanoparticles. Additionally, a novel approach was introduced by combining positively charged amino-terminated SiO2 nanoparticles with negatively charged anionic surfactants through electrostatic attraction [81]. This innovative mixture was found to potentially reduce IFT by up to 99.85 %, marking a significant advancement in leveraging surface modification for enhanced surfactant effectiveness.

5.4.	Formation of emulsions

An emulsion is a colloidal mixture of two non-miscible liquids, commonly oil and water, where one is dispersed as fine droplets within the other [226]. The formation of emulsions, which fragments the oil phase into smaller parts, improves the mobilization and extraction of oil from reservoir rocks. Emulsions can be created through various methods, notably involving the use of surfactants or solid particles. A specific type, known as Pickering emulsions, utilizes solid particles, such as nanoparticles, for stabilization, contrasting with surfactant-stabilized
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Fig. 37. Influence of SiO2 nanoparticles on IFT reduction between n-heptane and water in the presence of SDS surfactants [225].

emulsions in their stabilizing mechanism [227]. Surfactants reduce interfacial tension by adsorbing at the oil-water interface, while solid particles form a protective barrier around the droplets, similar to an eggshell, enhancing stability and resistance to coalescence [228].
However, creating stable Pickering emulsions presents challenges. Hydrophilic nanoparticles tend to be overly wetted by water [229], and surfactants often exhibit high adsorption on rock surfaces [230], diminishing their effectiveness at stabilizing the oil-water interface. In the context EOR, the formation of emulsions involves a snap-off process that generates tiny, round oil droplets dispersed in water. These smaller, more stabilized emulsions are better suited for navigating through the reservoir’s pore spaces [63], underscoring the importance of selecting an appropriate emulsifier. A suitable emulsifier, possessing both hydrophobic and hydrophilic properties, forms a robust interfacial film that effectively bridges the oil and aqueous phases, thereby preventing the emulsion droplets from coalescing or breaking apart [231].
To address the stabilization challenges, researchers have explored the synergistic use of nanoparticles and surfactants, with nanoparticles undergoing surface modification to enhance their compatibility and performance [232]. This approach has shown promise, generating long-term thermodynamically stable emulsions resistant to coalescence and sedimentation. For instance, Almohsin et al. [233] demonstrated that the combination of Al2O3 and SiO2 nanoparticles with nonionic surfactants significantly boosts emulsion stability, showcasing the benefits of surface modification. Khoramian et al. [63] found that surface-modified graphene oxide nanoparticles (GONs) produce finer oil droplets compared to SiO2 nanoparticles (Fig. 38), leading to more stable emulsions. These studies highlight the potential of engineered nanoparticles in improving EOR strategies through the development of more efficient and stable emulsions.
5.5.	Pore channel plugging

Nanoparticles encounter two primary trapping mechanisms (Fig. 39) during injection into porous media, which can hinder their transport.
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Fig. 38. The size range of emulsions produced through the gradual mixing of crude oil with SiO2 and Janus-GONs nanofluids, alongside their microscopic images a) Janus-GONs and b) SiO2 [63].
 
The first is mechanical entrapment, where nanoparticles become lodged in pore spaces and throats, an event that typically occurs when nanoparticles exceed the size of rock pores [234]. Although instances where nanoparticles like graphene oxide nanosheets, with lateral sizes up to 500 μm, become trapped are rare given that rock pore sizes are generally larger than most nanoparticle dimensions. The second trapping mechanism, known as log-jamming, occurs when multiple nanoparticles accumulate and become trapped at the entrance of pore throats [235]. This situation often arises from nanoparticle agglomeration under harsh reservoir conditions, which increase their size and lead to fluid diversion to unswept zones [236].
The influence of particle surface chemistry on retention was demonstrated by Liu et al. [180], who found that the type of surfactant used significantly affects the mobility and trapping of graphene oxide nanoparticles in porous media. This outcome is closely related to the surface charge and adsorption characteristics of the nanoparticles. Specifically, the negatively charged SDBS-GR showed high mobility and minimal trapping, achieving about 85 % recovery due to repulsion with the similarly charged sand. This repulsion effect is a direct result of the electrostatic forces between like-charged surfaces, which prevent the nanoparticles from adhering to the sand particles. On the other hand, the positively charged CTAB-GR experienced strong retention, with less than 5 % recovery. This strong retention is attributed to the attractive electrostatic forces between the positively charged CTAB-GR and the negatively charged sites on the sand surface, leading to significant adsorption and trapping of the nanoparticles. Similarly, another study
[63] reported low affinity adsorption of silica nanoparticles on oil-wet carbonate surfaces due to the similarity between the negative electric charges of the nanoparticles and the rock, with zeta potential values of —29.6 and — 6.2 mV, respectively.
Zhou et al. [81] increased the transmissibility of silica nanoparticles by altering their surface zeta potential using amine and surfactant solutions. The zeta potential of bare silica particles, initially averaging —30 mV, was altered to +30 mV when treated with amine solutions. Upon further modification with surfactants, the zeta potential was adjusted to —20 mV. This strategic manipulation of surface charge improved the nanoparticles’ interaction with the reservoir rock environment, resulting in additional and total oil recoveries, compared to non-modified nanoparticles.
Coating silica nanoparticles with a polymer solution improved injectivity and reduced polymer adsorption in shaley samples by approximately 50 % at 65 ◦C [238]. The large surface area of the nanoparticles adsorbs onto the rock, thereby reducing the available space for polymer molecules and consequently decreasing polymer adsorption. These findings highlight the critical role of surface charge in determining the interaction between nanoparticles and porous media, ultimately influencing their mobility and retention behavior.
Furthermore, the strategic trapping of nanoparticles can be advantageous during nanoflooding, where the injection fluid is directed into previously unswept pores, thus enhancing oil displacement and recovery. Bila et al. [239] corroborated this by testing twenty-three nanofluid samples, modified with polymer and silane, and observed a marked improvement in oil recovery despite increased pressure drops. The 
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Fig. 39. Illustration of nanoparticle trapping mechanisms in porous media [237].

improvement was linked to a ‘log-jamming effect’ caused by nano-particle aggregation within pore spaces, which aided in extracting additional oil. These findings suggest that nanoparticles may redirect flow within the core, accessing a broader area for oil production through a ‘jamming’ mechanism and significantly boosting oil recovery.
Rodriguez et al. [240] later explored the transport of silica nanoparticles through sedimentary rocks, challenging due to their aggregation tendency. By coating silica nanoparticles of 5 nm and 20 nm with polyethylene glycol to achieve sizes of approximately 10 nm and 25 nm respectively, a promising frontier in the oil and gas industry, aggregation was prevented, facilitating high transport efficiency. This efficiency was evidenced by a peak effluent concentration that reached 94 % of the injected amount and a low retention rate of only 9 % after flushing through the rock (Fig. 40). The PEG coating prevented the nanoparticles from aggregating by stabilizing them through the formation of an electrical double layer. In the absence of PEG, the nanoparticles may aggregate, but the PEG coating ensures they remain separated, thus maintaining their stability. The PEG coating also likely altered the zeta potential of the silica nanoparticles, making them more negatively charged. This increased negative zeta potential enhanced the electrostatic repulsion between the nanoparticles and the rock surfaces, which typically possess a negative charge as well. As a result, the tendency of the nanoparticles to adhere to the rock surfaces through electrostatic interactions was reduced in both limestone and sandstone. Consequently, the adsorption onto the rock surfaces was minimized, allowing for greater mobility and less retention of the nanoparticles within the sedimentary rocks. This highlights the potential of surface-treated nanoparticles to navigate through low-permeability sedimentary rocks, marking a significant advancement in the field.

6.	Oil displacement studies with surface-engineered nanoparticles

The use of nanoparticles in the oil industry, particularly for oil recovery applications, has seen increasing interest due to their large surface area and chemical reactivity. Surface engineering of nanoparticles further improves their efficacy in EOR by modifying their properties.
For instance, treating silica nanoparticles with polyethylene glycol and propyl chains increased oil recovery in glass micro-models by up to 91 % by altering wettability and reducing interfacial tension by 50 % [190]. Similarly, Ahmed et al. [217] found that surfactant-coated silica nanofluids can boost oil recovery by around 13 % after conventional waterflooding, highlighting the potential of nanoparticle-enhanced tertiary recovery to improve displacement efficiency and prevent issues like viscous fingering. The surface coating was found to improve the 
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Fig. 40. Graph depicting the effluent concentration of polyethylene glycol-coated silica nanoparticles versus pore volume through sedimentary rocks [240].
 
stability of silica nanoparticles considerably and alter rheological properties.
Adding 1000 ppm of surface-modified clay nanoparticles to HPAM solutions also showed a 33 % improvement in oil recovery, outperforming traditional polymer flooding by enhancing resistance to salt and temperature changes [241]. Another study revealed that silica nanoparticles treated with octyltriethoxysilane can strengthen polymer networks, leading to a 75.7 % increase in oil recovery, whereas oleic and stearic acid modifications decreased recovery rates [80]. Amine-functionalized SiO2 nanoparticles demonstrated an 18 % increase in total oil recovery, underscoring the impact of wettability changes and IFT reduction [242].
Zhou et al. [81] enhanced SiO2 nanoparticles by introducing amine groups and attaching a negatively charged surfactant. This modification significantly improved oil recovery rates in Berea sandstone tests. The nanofluid outperformed brine, amine-coated silica, and pure surfactant with a 46.61 % imbibition recovery rate, compared to 11.30 %, 16.58 %, and 22.89 %, respectively. Additionally, core flooding experiments demonstrated that the nanofluid could recover 60.88 % of the initial oil, achieving an extra 17.23 % oil recovery during the chemical flooding phase, showcasing its efficiency in oil extraction processes.
Similarly, surface modification of Fe3O4 nanoparticles with 1,2-epoxy dodecane, which increased hydrophobicity, successfully enhanced oil recovery in low-permeability artificial sandstone cores
[243] by 10.64 % after water flooding, through improved CO2 foam stability [14]. In another study, synthesized Fe3O4 nanoparticles coated with SDS (an ionic surfactant) and PVP (a hydrophilic polymer) demonstrated improved colloidal stability, leading to 13 % and 16 % increases in oil recovery compared to brine alone, respectively [120].
The integration of 10 mg/L SiO2 nanoparticles into a 100 mg/L CTAB surfactant solution significantly enhanced oil displacement efficiency by up to 240 % over the use of the surfactant alone. This improvement was attributed to the nanoparticles preventing surfactant adsorption onto rock surfaces, thereby creating a synergistic effect that leads to more effective and cost-efficient oil recovery, particularly in light and medium crude oils [98]. Additionally, the incorporation of silica nanoparticles increased the inherent viscosity of polymers at elevated reservoir temperatures. In micro-model flooding experiments, the combined injection of silica nanoparticles and polymer not only increased oil recovery but also significantly improved oil emulsion formation during water flooding, outperforming polymer injection alone [244].
Rahimi et al. [245] found that injecting a blend of 1000 ppm water-wet silica nanoparticles and 2500 ppm SDS surfactant into sandstone cores increased oil recovery by 11 %. This improvement was mainly due to the nanoparticles changing the wettability from water-wet to oil-wet and the combined reduction of IFT by the surfactant and nanoparticles. Similarly, Rellegadla et al. [246] discovered the highest oil recovery of
5.98 % when nickel nanoparticles were mixed with xanthan gum, surpassing the separate flooding results of xanthan gum and nanoparticles, which recovered 4.48 % and 4.58 % of residual oil, respectively.
Corte´s et al. [247] fabricated surfactant-resin nanocapsules for EOR applications, with sizes up to 120 nm. Type II resins encapsulated Petro 50 and Span 20 surfactants at 94 % and 90 % concentrations. The resin shell prevents surfactant adsorption in the porous medium, breaking only upon contact with oil to improve recovery. This method increased the productivity index by ~7 % with a lower water-to-oil ratio. The key advantage was targeted surfactant delivery, reducing loss in the rock and cutting implementation costs. These advancements lead to higher efficiency and cost-effective recovery, optimizing performance across various reservoir conditions.

6.1.	Economic viability

This section provides a detailed economic analysis of the costs involved in using various nanoparticles and surface modifiers for EOR applications. The analysis is based on a typical reservoir size with dimensions of 500 m in length, 250 m in width, a thickness of 5 m, and a porosity of 18 %, resulting in a pore volume of 112,500 m3. Literature indicates that an optimum nanoparticle concentration of 500 ppm is required, necessitating 56.25 kg of nanoparticles to avoid agglomeration and reservoir plugging. Fig. 41 illustrates the prices of various nanoparticles (obtained from [248]) used in lab-scale EOR studies, measured per kilogram in dollars.
Carbon-based nanoparticles, such as Carbon Nanotubes (CNT) and Graphene Oxide (GO), are significantly more expensive, at $1360/kg and $4000/kg, respectively. In contrast, nanoparticles such as ZnO, CaCO₃, SiO₂, and MgO are more economical, averaging around $200/kg. Using ZnO nanoparticles, for example, the total cost for 56.25 kg is
$10,968.75 (56.25 kg × $195/kg), making it the most cost-effective choice. Conversely, using GO nanoparticles, the total cost for the same amount is $225,000 (56.25 kg × $4000/kg), making it the least economical option.
As reviewed, there are various surface modifiers for nanoparticles, the prices of which per kilogram (obtained from [249]) are summarized in Fig. 42. Assuming 2000 ppm of these surface modifiers are needed to engineer nanoparticles, 4 kg of a surface modifier (costing $3.39 on average per kg) should be combined with 1 kg of a specific nanoparticle to boost surface properties, providing colloidally stable nanofluids able to alter oil-wet wettability conditions. This modification would cost approximately $762.75 (4 × $3.39/kg × 56.25 kg), which is considerably cheaper compared to the price of the nanoparticles themselves, to surface modify a 1000 ppm nanofluid for injection into a reservoir with the mentioned dimensions.
Core flooding experiments demonstrate an average additional oil recovery of 20 % following nanoflooding, equating to 188,694.30 barrels. At an oil price of approximately $85 per barrel, this translates into a substantial additional revenue of around $16,039,015.50 (188,694.30 barrels × $85 per barrel). Therefore, while the initial costs of certain nanoparticles may be high, the potential economic benefits from increased oil recovery can be significant, highlighting the importance of selecting cost-effective nanoparticles for EOR applications.

7.	Discussions and future implications

Precisely tailoring the surface properties of nanoparticles can significantly enhance their effectiveness in various EOR operations through five main mechanisms as listed in Fig. 43. Surface treatments with specific chemicals adjust the nanoparticles’ surface energy, enhancing their adsorption onto rock surfaces and shifting their affinity
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Fig. 41. Comparison of prices for different nanoparticles per kilogram: High-lighting most commonly used nanoparticles for EOR studies.
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Fig. 42. Comparison of costs for various surface modifiers used in nanoparticle surface modification, with prices per kilogram ranging from $1.29 to $5.5.
from oil to water. For example, positively charged nanoparticles can interact with oil-wet surfaces to detach oil, facilitating its displacement by water in previously oil-wet reservoirs. Surface-modified nano-particles remain stable in the base fluid and migrate to the oil-water interface, where they reduce the cohesive forces maintaining oil drop-lets. The specific chemical nature of the nanoparticle surface significantly influences its effectiveness in reducing interfacial tension, leading to the dispersion and displacement of oil droplets.
Moreover, the creation of stable Pickering emulsions, where nanoparticles form a rigid shell around oil droplets, offers resistance to breaking and sedimentation. The dynamic interaction of surface-modified nanoparticles with reservoir pore spaces can markedly influence oil recovery by modulating flow paths through plugging and unplugging mechanisms. The surface characteristics of nanoparticles determine their aggregation behavior and interaction with pore walls, affecting their ability to selectively block or pass through pore throats. Engineering the surface properties of nanoparticles optimizes their deposition within the reservoir, enhancing oil displacement by redirecting flow towards unswept regions.
Looking ahead, the development of multi-responsive nanoparticles that can react to multiple stimuli such as pH, temperature, and salinity presents a significant future prospect. Janus nanoparticles, for example, are special types of nanoparticles characterized by having two distinct faces with different physical or chemical properties. These particles can have one side that is hydrophilic (water-attracting) and the other side hydrophobic (water-repelling). This dual nature allows Janus nano-particles to exhibit unique behaviors and interactions for oil recovery purposes. In the context of brine solutions, Janus nanoparticles can increase the viscosity, which helps improve the mobility ratio and mitigate issues like viscous fingering, where the less viscous fluid intrudes into the more viscous fluid, leading to inefficient displacement.
The surface etching method is a promising approach to developing advanced Janus nanoparticles for EOR studies because, according to our review, this method has not been utilized for EOR purposes. Surface etching creates dents on the surface of nanoparticles, which can facilitate better and stronger connections for surface modifiers like amines, surfactants, and polymers. This approach could lead to more robust and effective nanoparticles for EOR applications. Additionally, it is crucial to check the surface charge of nanoparticles before choosing surface modifiers. Nanoparticles with surface charges opposite to those of the intended modifiers will interact more effectively, leading to more stable nanofluids. This stability is crucial for ensuring that the nanoparticles maintain their functionality and effectiveness during the enhanced oil 
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Fig. 43. Enhanced oil recovery mechanisms of surface-modified nanoparticles: Emulsification, Interfacial Tension Reduction, Wettability Alteration, Mobility Control, and Flow Diversion.
recovery process.
One challenge with carbon-based nanoparticles generated by surface oxidation is their size. Larger nanoparticles can damage reservoir pore spaces and cause plugging, hindering EOR efficiency. To mitigate this, two approaches are recommended: using very low concentrations of nanoparticles and reducing their size during synthesis or post-production through milling and crushing. This size reduction prevents reservoir damage and enhances nanoparticle navigation through pore spaces, improving their effectiveness in oil displacement and recovery. In general, using any type of nanoparticles with smaller size is better due to promoted transportation in the pores of reservoir rocks. Additionally, finer nanoparticles more easily and efficiently change unfavorable oil-wet wettability states by generating high values of structural disjoining pressure from their very small particle sizes.
Applying silane coupling agents to nanoparticles before adding polymers and surfactants enhances their colloidal stability and prevents them from clumping together. This pre-treatment ensures a more uniform dispersion and improves the overall effectiveness of the nanoparticles. Integrating these advanced materials could revolutionize EOR processes, providing robust and effective solutions. Future research should optimize surface modification techniques and explore new combinations to enhance nanoparticle performance and stability in EOR.
8.	Industry requirements and innovative future directions
The application of nanoparticles in EOR requires strict adherence to industry standards to ensure both efficacy and safety. This method is particularly beneficial for reservoirs with moderate to high permeability, allowing nanoparticles to effectively penetrate and disperse throughout the reservoir matrix. Designing smart fluids that dynamically respond to tiny pore spaces under reservoir conditions holds significant promise. The reservoir’s fluid properties, such as viscosity and chemical composition, are vital for ensuring the compatibility and optimal interaction of nanoparticles.
To meet industry requirements, nanoparticles used in EOR must be non-toxic and compliant with environmental and regulatory standards, ensuring they are safe for both workers and handling. Future work in this area calls for a thorough investigation into nanoparticles’ toxicity and long-term behavior to fully understand their impacts on subsurface ecosystems. Adopting interdisciplinary approaches that combine insights from chemistry, physics, and engineering will be crucial. Furthermore, the industry demands nanoparticles that meet specific performance metrics, including a significant reduction in the interfacial tension between oil and water, effective wettability alteration to less oil-wet and more water-wet conditions, emulsification, and adsorption with a focus on nanoparticles-rock-crude oil interactions. Future research should focus on advanced characterization techniques to precisely measure and control these parameters in situ.
Field testing and validation are essential for the successful implementation of nanoparticles in EOR. This process includes extensive laboratory testing to demonstrate measurable improvements in oil recovery efficiency compared to conventional EOR methods. Following lab tests, pilot studies in actual reservoir conditions, along with enhanced predictive models, are necessary to validate and refine nanoparticle injection strategies and better understand the complex interactions between the various components involved. Continuous monitoring and optimization during field applications are essential to ensure sustained performance and address any operational challenges that may arise. Meeting these requirements ensures that nanoparticles can be effectively and safely used for future EOR, providing significant improvements in oil extraction efficiency. Additionally, while ensuring environmental sustainability, economic analyses will play a key role in determining the feasibility of nanoparticle EOR, including the scaling-up of the synthesis process for surface-modified nanoparticles. This highlights the necessity for collaboration between industry and academia to develop highly efficient methods, particularly for nonconventional nanomaterials such as Janus nanoparticles, core-shell nanostructures, and nano-capsules. Therefore, companies must provide nanoparticles and nanofluids on a large scale specifically for EOR purposes at competitive prices.
9.	Conclusions
This review has critically evaluated the techniques, influencing parameters, and advancements in nanoparticle surface modification for EOR, highlighting its potential applicability and the new prospects it opens for research. The key conclusions drawn are as follows:
-	Chemical functionalization, surface coating, and the use of agents such as silane, surfactants, or polymers effectively modify nanoparticle surfaces, enhancing colloidal stability and adapting surface charges for suitability in challenging reservoir environments.
-	The modification process is significantly influenced by factors such as the nanoparticle’s surface charge, initial surface chemistry, and the reaction temperature. These factors impact crucial properties like size and dispersion stability, emphasizing the necessity for customized modification strategies.
-	Surface-modified nanoparticles have contributed to major improvements in mobility control, the shift to water-wet conditions to enhance wettability, notable reductions in interfacial tension for facilitating oil displacement, and emulsion stabilization, all of which significantly bolster oil recovery processes.
-	The strategic trapping of nanoparticles, through mechanisms like mechanical entrapment and log-jamming, has been shown to significantly boost oil recovery. For instance, modifications have enabled nanoparticles to redirect flow within the core, accessing previously unswept areas and enhancing oil displacement and recovery.
-	Surface oxidation is notably effective for carbon-based nanoparticles in high-permeability formations, while surface etching offers a universally applicable, swift, and efficient modification method for various nanoparticle types.
-	Pairing surface etching with chemical functionalization fortifies the nanoparticle surface against harsh conditions, optimizing EOR effectiveness.
-	Pre-treating nanoparticles with silane coupling agents before introducing polymers and surfactants is beneficial, improving colloidal stability and preventing aggregation.
-	Challenges such as nanoparticle aggregation under reservoir conditions highlight the need for ongoing research to develop new modification techniques and explore nanoparticle behavior in various reservoir environments.
In conclusion, due to the diversity of reservoir conditions and EOR challenges, there is no singular best approach for applying nanoparticles in EOR. The viability of surface modification methods depends on the specific objectives and requirements of each EOR operation.
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(1995)

Hoefner and MgElmg, Creek Unit of Rhodapex CD-128 10%

Rhodapex CD-128 ~22e31%

Evans  Greater Avethfield,  and Chase CD-
(1995)  Utah 1045

Sanders Canyon Reef field, ELEVATE™ 30%
etal. Texas
(2012)

Alcorn et al. East Seminole field, ~ Not mentioned 15% OOIP

(2018)  Texas

Oil production slightly improved in other producers of the pattern owing to gas
diversion caused by foam while a 42% reduction in chase COz injectivity was
observed for at least 2 months after foam treatment.

50% decrease in CO: production from the problem well.

40% reduction in produced gas volume compared to injected COz volume after
surfactant-alternating CO: flooding,

Vertical sweep efficiency was increased because of foam propagation deeper into
the formation and the injectivity during surfactant-alternating CO2 injection was
reduced by 50% compared to standalone COz flooding.

CO2 mobility post-SAG treatment was reduced by a factor of 340 in laboratory

sorefloads.
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Study NPs type/Size/ Brine Foam Flowrate T  Foam properties
Concentration composition  Quality (cc/min)  (20)
Fuand Liu  Silica NPs/7 nm/500 5% NaCl 70% 12 20 Apparent foam viscosity increased from 5.2 cp at 500 ppm to 15.4 cp at 3000 ppm and then
(2021)  €7000 ppm remained constant at 16 cp at 5000 and 7000 ppm.
Foam texture and lifetime improved considerably by increasing NPs concentration.
Silica NPs/7 nm/ 3%e11% NaCl 10% 12 20 Apparent foam viscosity increased from 11.3 cp at 3% NaCl to 34.5 cp at 11% NaCl. The highest
5000 ppm €90% foam halflife of more than 96 h was obtained for the foam generated using 11% NaCl.
Silica NPs/7 nm/ 5% NaCl 70% 12 20 Apparent foam viscosity increased from 8.2 cp at 10% foam quality to16 cp at 70% foam quality
5000 ppm and then dropped to 4.5 cp at 90% foam quality. The optimum foam quality was found to be
70% in this case.
Silica NPs/7 nm/ 5% NaCl 70%  6tol8 20 Apparent foam viscosity and foam texture both improved with increasing total flow rate.
5000 ppm
Silica NPs/7 nm/ 5% NaCl 70% 18 20 Apparent foam viscosity decreased dramatically from 25 cp at 20 'C to 5.5 cp at 43 °C and then
5000 ppm to  dropped gradually to 3 cp at 72 °C. Foam half-life was also reduced from 12 h at 20 'C to less
72 than1hat72°C
As temperature increases, a higher injection rate is required for foam generation.
Yuetal  SilicaNPs/100 DI water e e 25_The critical NPs concentration required for foam generation was 4000 ppm. Beyond this
(2012b) €150 nm/1000 concentration, the generated foam height started to decrease because of NPs aggregation. The
€50000 ppm foam height for the 4000 ppm case decreased by only 7% after 2.5 h, indicating a stable foam.
Silica NPs/100 0 e & 25 The foam texture improved by increasing brine salinity from 0 to 5000 ppm. However, the
150 nm/5000 ppm  €50000 ppm particle size began to increase upon a further increase in brine salinity and the foam height
NaCl and stability considerably decreased at higher salinities.
Silica NPs/100 20000ppm e e 25  CO2 foam height decrease with increasing temperature and no foam was generated at 60 °C.
€150 nm/5000 ppm  NaCl to  This is because CO2/brine IFT as well as NPs mobility increase with increasing temperature
60 resulting in bubble coalescence.
Espinosa  Silica NPs/5 nm/100 DI water 83% 6 25 No foam was generated at 100 ppm concentration. 75% increase in normalized mixture
etal.  €1000 ppm viscosity was observed by increasing NPs concentration from 500 to 1000 ppm.
(2010)
Silica NPs/5 nm/ DI water 83% 6 25 No apparent trend was observed between foam quality and apparent viscosity. However, as
500 ppm 290% the foam quality increased from 83% to 92%, apparent viscosity decreased possibly due to the
lesser volume of nanofluid in the mixture.
Silica NPs/5 nm/ 20000 83% 6 25 Normalized mixture viscosity decreased by 50% when brine salinity increased from

1000 ppm

€40000 ppm

20000 ppm to 40000 ppm.
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Study

Porous media

Nanoparticles

Incremental Ol

Remarks

Neguyen | Glass micromodel | 50% methyl- |10% OOIP more incremental production More paths were opened during NPs-CO: injection and a homogenized sweep
etal coated silica | compared to CO; gas flooding pattern was obtained, providing three times more oil recovery in contrast with
(2014b) NPs €O gas flooding

Yuetal  Berea sandstone Silica NPs 36e49% 90% decrease in CO2 mobility was observed in presence of NPs and higher

(2013) incremental oil was produced from low permeability sample due to more
Volume of foam generated.
Mo et al  Berea sandstone,  Silica NPs |39.6% in sandstone, 33.2% in limestone, and | Although NPs-stabilized CO: foam floading produced incremental oil from
(2014) | limestone, and 26.5% in dolomite limestone and dolomite samples, however 45¢63% reduction in permeability
dolomite was observed after cleaning the core with tetrahydrofuran (THF) mainly due
to core plugging by NPs

Azizictal Sandstone and Silica NPs  |5.5% and 6.7% more recovery in sandstone and | Permeability reduction in limestone was observed after NPs-stabilized COz

(2015) | limestone limestone, respectively, compared to CO; gas  foam injection.

flooding
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Author
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Foam Viscosity Foam Stability

Remarks

‘Surfactant-Stabilized Foams
Emrani and Alpha Olephin

Nasr-El-

Din
(2015)

Alargova
etal
(2004)

Guoetal
(2012)

Martinez
etal
(2008)

Sulfonate (A0S)

Sodium dodecyl
sulfate (SDS)

Internal olefin
sulfonate (10S)

Sodium dodecyl
sulfate (SDS)

- Half-life: 3 h

- Foam life: a few hours

Higher than base brine Half-life= 373 h, 365 hs and 361 hs
for salt concentrations of 0, 0.5% and
1.0%, respectively.

- Foam life: less than 3 h

€0, adsorbed into AOS solution and dynamic surface tension
decreased until it reached a constant value after 2 h.

‘The critical micelle concentration (CMC) value for the CO,/AOS
system was found to be 0,025 wts in the solution of 1 wt% NaCl at
ambient conditions.

Dynamic adsorption and desorption of surfactant molecules at the
interface destabilized the foam

Sodium dodecyl sulfate (SDS), which s a strong foaming agent acted
asa defoamer in this study. Few drops of 10 wt SDS were added to a
stable foam of 1.09 wt % SU-8 rods. Just after the addition of SDS,
stable foam began to convert into liquid and after 30 min, 70% of the
phase was destroyed.

Foam life was orders of magnitude smaller than polymer microrods-
stabilized foams

Mobility-reduction factors (MRFS) for alkaline/surfactant system
inreased from 16.5 to 27.5 while the foam quality decreased.
Lowering the IFT and achieving mobility control for EOR

Foamlife of fewer than 3 hwas attributed to a small energy barrier of
3000 KT that led to the early rupturing of bubbles.

Surfactant foams are less stable compared to nanoparticles-stabilized
foams.
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Nanopartides-Stabilized Foams

Worthen
etal
(20132)

Worthen
etal
(2015)

Kim et al
(2016)

Zhang etal,
@o11)

Sanetal
@o017)

Yuetal
(2014)

Martinez
etal
(2008)

‘Surface modified silica 120 times the viscosity Foam life: 23 h
NPs of CO2-water foam

Surface modified silica 10- 15 cp -

NPs

Silica NPs “16cp -

Surface-coated silica 18 times higher than  —
NPs and Iron-oxide  COy-water mixture

NPs
silica NPs ‘The CO;-foam mobility 168 h
decreased from 13.1 to
26 mDjep

silica NPs powder 1555 cp -

Fused silica NPs - 9 months
functionalized with
silanol group

The apparent viscosity of foam increased 120 times compared to the
CO,-water system. Air-in-water foam was stable for 7 days, whereas
COxin-water foam remained stable for 23 days.

Anireversible adsorption layer of nanoparticles at the interface
hinders bubble coalescence and improves foam stability

0.1 wt % functionalized silica nanoparticles increased the foam
stability, and foam viscosity was increased to 10-15 cp.
Nanoparticles resulted in around a 10-fold reduction in CO; mobility
compared t without nanoparticies case. Furthermore, the addition
of surfactant to the solution resulted in a 1000-fold reduction in foam
mobilty.

Low pH conditions encountered during CO; foam flooding|are
favorable for NPs stability.

05 i of silica nanoparticles and 5 nm size provided the highest
foam viscosity of around 16 cp during the coreflood test.

Apparent viscosity of NPs-stabilized foams increased with decreasing
partice size.

Astable CO foam was generated in combination with nanoparticies,
and itincreased the viscosity of foam 18-folds compared toonly COz-
foam, which can boost volumetric sweep efficiency.

5000 ppm silica nanoparticles enhanced the foam stability to 168 h
for 10% NaCl, and the mobility of foam was decreased from 13.1 t0 26
mDjcp.

The stability of CO; foam was determined using salt and NPs
concentrations, temperature, pressure, and the presence of bivalent
ions.

105000 pprm silca nanoparticles-stabilized CO-foam, the small and
homogeneous bubble size was measured, along with a significant
reduction in mobility at a phase ratio from 2 to 1. The introduction
of silica nanoparicles to the system increased the viscosity from 7.23
P 01555 cp.

Silica nanospheres were used with 34% of their surface is covered
with silanol group.

Application of 1 e nanoparticle i the solution to make large
‘amounts of stable foam
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Surfactant-Nanoparticles Stabilized Foams
Emvani and Surfactant: AOS -
Nast-El- NPs: Si0,, Fea03

Din
@015)

Worthen  Surfactant: >50cp
etal.  Caprylamido propyl
(2013b)  betaine (CAPB)

NPs: si02

>100cp

Half-life: SI0;-4 b,
Fe05-7 h

Foam life: > 20 h

‘The critical micelle concentration (CMC) value for the CO/AOS
system was found to be 0,025 wts in the solution of 1 wt% NaCl at
ambient conditions.

silica nanoparticles of 100 nm and iron oxide nanoparticles of 50 nm
were used in this study. The surfactant-NPs stabilized foam’s height
remained unchanged after 20 h because of reduced calescence,
resistance to hole formation, and mitigation of Ostwald ripening

A stable foam of silica nanoparticles in the presence of CAPB was
formed and the viscosity was measured to be 79 cp in bead pack and
36 cp in a capillary tube.

‘The stability and texture of NPs-surfactant generated foam was
controlled by tuning brine salinity

‘The synergy of NPs and surfactants reduced the CO, foam mobility by
almost 1000 folds compared to the bare CO,-water blend
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Worthen
etal
(2015)

Yuetal
(2012b)

Rezaei etal.
(20212)

Panahpoori
etal
(2019)

Razali etal.
@o®)

singh and
Mohanty
@015)

Surfactant: Lauramido
propyl betaine (LAPB)
NPs: Functionalized
51205

NPs: Nanosilica -
powder

Surfactant: CD 10457

NPs: Nanosilica ~3000 cp for CAPB at
powder 40% oil saturation
Surfactant: CAPB,

CTAB, and LABSA

NPs: Ti0, -

Surfactant: CTAB

NPS: S0, (Hydrophilic 10.01 cp
and hydrophobic),

Zn0,and Tio,

Surfactant: SURF-X

NPs: Polyethylene  —
glyol coated 5i0,
Surfactant: a-olefin
sulfonate

The foam was stable for 12 h

29 min for CAPB
16 min for CTAB and -9 min for
LABSA

120 min

Half-life = 367 s

Half-life > 48 days in the absence of

oil,
Half|

fe >4 days in the presence of oil

silica nanoparticles 0f 100~150 nm size were used in the
concentration range of 0.3—1 wt%, and a stable foam was generated
‘when 0.5 wi concentration was used at 1500 psi and 25 °C.
Surfactant promotes CO2 foam generation and nano-silica enhances
its stability.

Maximum ultimate oil recovery of 41% was obtained by using CAPB
compared to the other two surfactants

combination of nano-CTAB + N, gas foam injection into an oil-
saturated core resuted in an additional 325 oil recovery

Hydrophilic silica nanoparticles improved the half-lfe 2 times better
than the surfactant alone. Furthermore, 0.15 wt nanoparticles
increased the foam viscosity from 4.38 to 1001 cp

Ina crude oil environment, foam destabilizes quickly at high
temperatures, limiting its applicability for the EOR process.

10% incremental oil recovery was obtained by surfactant-NPs
stabilized foam blend
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Study  Porous media Materials Incremental Remarks
oil
Nguyen  Chip scale Model NPs: Functionalized silica  17%10IP  Silica NPs-stabilized CO, improved the oil recovery by an additional 10% as compared
etal NPs 10.CO flooding. This increase in recovery was attributed to high sweep efficiency.
(20142) Surfactant: Sodium dodecyl
sulfate (SDS)
Sunetal The glass-etched NPs: Silica NPs 38-4%  The total incremental oil recovery for Si0,/SDS foam flooding and following
(2014)  micromodel and Surfactant: SDS ‘waterflooding was in the range of 38—44% from single and double core sandpacks.
sandpacks
Manan  Porous stone NPs: 505, Al,Os and TiO;,  14% of I0IP AL, 0s-NPs resulted in a maximum of 14% oil recovery due to excellent dispersion and
etal o injetivity.
@015) Surfactant: anionic alpha-
olefin sulphonate (AOS)
Ibrahim  Berea sandstone cores  NPs: Si0; 457% ‘Adding VES to nanoparticles surfactant foam enhanced the stability and improved oil
etal Surfactant: viscoelastic recovery by 7.7% as compared to the case without VES.
@o17) surfactant (VES) and anionic
A0S
AlYousef  non-fractured and NPs: Modified silica NPs ~ 4433%  Given hybrid-method provides an additional recovery of 4433% in non-fractured rock
etal.  fractured Bentheimer  Surfactant: complex as compared to 1262% in fractured rock.
(2017b) sandstone nanofluid (CNF) anionic

surfactant
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Ref.  Parameter(s)  System/ Conditions  Main Findings
2] Wertability  Sandstone cores; Gapillary trapping | —40 %
water.wet — COzawet  with wettabilcy shift
e Wertability  Sandscone; 50,000 GO dissolution | ~10 %
ppm salinity under CO-wet due to igher
‘mobility and interfacial
contact
[11.26] Werability &  Micromodels; sanity  Wectabilty shift enhanced
Salinity up 0310000 ppm  dissolution/mineralization;
high salinicy | minesal
apping
[12]  Temperaure  Sandstone;25-50°C  Minimal effect on capillary
trapping under water-swet
[135]  Temperwre  Cabonate; 19-41°C  Elevated T* aliered
wettabilcy toward COz-wet;
weaker capillary barriers
[4]  Temperaure  Reservoirscale; Higher T intensified
2070°C thermohaline fingering —
more dissolution
[15]  Temperaure  Sandstone;35-75°C  Higher T | Rayleigh number
— earlier convection onset,
faster disolution
[16]  Temperwre  Brine-rock 3370°C  Higher T improved CO;
solubilicy via convective
mixing
7] Temperatre  Mgrich systems 96 % Mg converted to
35.175°C carbonates above 150 °C
[16]  Temperawre  Brine-fock 25-150°C  Magnesite precipication |
with T
[0S Satinity 2.000-200000ppm  Higher salnity | residual
txapping via GO,
mobilization
201 Salinity Micromodels; Lower salnity — larger GO
6.000-300,000 ppm  clusters, stronger trapping
(211 Sainity Sandstone, variable  Higher calnity 1 residual
ionic stzength trapping under cercain
conditions
(221 Salinity Brine 10-20 wid% Residual trapping peaked at
intermediate salinity, | at
very high
(231 Salinity 100,000-300,000 Higher saliniy | solubilty
ppm but 1 structural trapping
2 Salinity Alberta Basin Salinicy had sronger effect
on dissolution than T or P*
{251 Salinity 200,000 ppm NaCl  Higher salnity | dissolution
(saltng-out effect)

*Symbols T and P denote Temperature and Pressure, respectively.
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Grid Resolution Very Goarse Goarse Fine Base 0.5 x Base 0.6 x Base 0.5 x Base 0.4 x Base

‘Block Dimension (m) 100 % 10 205 20x5 105 8x4 613 5x25 ax2
Block Count 100 500 1000 2000 3125 5675 5000 12,500
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‘Parameter Value / Description
Depth Range 1200 m (top) to 1300 m (bottom)
Total Thickness 100 m

Vertical Grid Resolution
Initial Fluid Saturation
Salinity Scenarios
Initial Pressure
Temperature Scenarios
€O, Phase Condition
System Components
Equation of State (EOS)
‘Thermophysical
‘Properties Source
€O, Solubility Calculation
Boundary Conditions

‘Water Compressibility
Rock Compressibility
Injection Locations
Injection Strategy
Injection Duration
Injection Rate

Injected Mass
Cumulative Injected Mass

25 layers (4 m each)

Fully saturated with brine

70,000 ppm, 140,000 ppm, 210,000 ppm NaCl

1800 psi at 1200 m (hydrostatic, increases with depth)
50°C,70°C, 90°C

Supercritical (T > 31.1 °C and P > 1070 psi)

H20 (brine) and €O2

Peng-Robinson [42]

CMG WinProp fluid property libraries

Dynamic (based on pressure, temperature, salinity)

— Top, bottom, left: No-flow (closed) — Right: Constant
pressure (Volume modifier = 5000)

102 x 10°° psi!

3.793 x 10 psi !

Grid blocks (63,1,23), (63,1,24), and (63,1,25) (lowest
3 layers)

Injected near base to enhance residual/solubility
trapping and counteract buoyancy

5 years of injection + 55 years of monitoring

20,000 m*/day

44 x 107 kg/day (~14,400 tons/day)

~2.63 x 10'® kg over 5 years (~26.3 million tons)
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Place of Production Physical Characteristics Use in Study

Kocurek Industries, CaO ~ 98.152 wt% (dominant calcite); minor Si0,  Mineralogical composition for geochemical
Caldwell, Texas, USA AL,O, (traces of anorthite and kaolinite) input into CMG-GEM (via XRF analysis)
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Eq.  Mathematical Relationship Application
No.
(1) COug) = COs(aq) Dissolution of CO, from gas phase
into aqueous phase
@) CO,(aq) + H,0 = H,CO; = H + Intra-aqueous speciation of
HCO; dissolved CO,
@) HCO3 = H™ + €03~ Formation of carbonate ions from
bicarbonate
“@ H;0 = H* + OH ‘Water auto-ionization controlling
pH
5) Ca®* + cof = Precipitation/dissolution of calcite
(©) 2AP* 4 2H,Si04 + 5H,0 = Formation of kaolinite via
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